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Preface 

A book aiming to describe all phases of oil and gas pipeline design, 
construction, and operation can only highlight the skills, equipment, and 
technology required. Pipeline systems in scores of countries around the 
world differ in purpose, size, complexity, operating environment, regulato¬ 
ry requirements, economic conditions, and design philosophy. 

Some aspects of pipeline design and operation are based on physical 
laws. The relationship between pipeline operating pressure and fluid 
capacity, for instance, is not affected by political boundaries. Describing 
such relationships is relatively straightforward. 

But how each company chooses to control its pipeline, or regula¬ 
tions governing operation and construction often can be introduced only 
by discussing representative situations in a book of this type. For this rea¬ 
son, considerable use is made of examples, rather than attempting to 
include all possible variations. These examples do not represent the 
approach of all pipeline builders and operators, but an attempt has been 
made to choose those that represent accepted technology and equipment. 

This book is not a pipeline design manual. Rather, it is written to 
provide those in other phases of the petroleum industry with a basic 
knowledge of oil and gas pipeline operations and to familiarize those not 
involved in day-to-day petroleum operations with the oil and gas pipeline 
industry. 

Despite the introductory purpose of this book, it does contain a 
handful of equations. These do not by any means provide complete design 
information, but they are included where appropriate to indicate the many 
variables in key phases of pipeline design. 

Each chapter—indeed, many parts of each chapter—is the focus of 
large amounts of literature and huge investments in research and develop¬ 
ment. Obviously, much detail had to be omitted. But the purpose of this 
book is to acquaint the nonexpert with oil, gas, and petroleum products 
pipelines and how they tie the world's reserves of oil and gas to the con¬ 
sumer. 

A number of references included at the end of each chapter give 
additional detail on many subjects discussed only briefly here. They can 
further satisfy an appetite for information about the safe, efficient service 
provided by the world's vast pipeline network. 
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PIPELINE INDUSTRY 
OVERVIEW 


network of sophisticated 
pipeline systems trans¬ 
ports oil, natural gas, and 
petroleum products from 
producing fields and 
refineries around the world to con¬ 
sumers in every nation. This net¬ 
work gathers oil and gas from hun¬ 
dreds of thousands of individual 
wells, including those in some of 
the world's most remote and hostile 
areas. It distributes a range of prod¬ 
ucts to individuals, residences, 
businesses, and plants. Pipelines 
bring oil from Alaska and oil and 
natural gas from Siberia to con¬ 
sumers. Pipelines bring oil and gas 
produced from offshore wells to 
shore, often through water several 
hundred feet deep. 
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Fig. 1-1. Petroleum transportation costs. 


This vast gathering and distribution system comprises hundreds of 
thousands of miles of pipeline—almost half a million miles in the United 
States alone—varying in size from 2 in. to 60 in. in diameter. Though 
pumping stations and other facilities are scattered along pipeline routes, 
most of the world's oil and gas pipeline system is not visible. 

Oil and gas pipeline systems are remarkable for their efficiency and 
low transportation cost (Fig. 1-1). Just as remarkable is the technology 
that makes it possible to install large pipelines in the Arctic permafrost or 
in deep water without damage to the environment and with a high degree 
of safety. 

Pipelines are energy efficient. A thorough investigation in the 1980s 
concluded that crude trunk lines consume about 0.4% of the energy con¬ 
tent of the crude transported per 1,000 km (621 mi). 1 Products pipelines 
use about 0.5% of the energy content of the products moved per 1,000 km. 
These rates compare with estimates of 0.8% for coal trains, 1.0% for oil 
movement by rail, 2.5% for natural gas pipelines, and 3.2% for oil trucks. 
Estimated energy consumption for water transport is estimated to be 0.8% 
for oil and 1.1% for coal. 
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The study indicates that crude oil trunk lines consume about 250 
BTU/ton-mile; crude oil gathering lines use about 490 BTU/ton-mile; and 
oil products pipelines consume about 300 BTU/ton-mile. The amount of 
energy used depends on the pipeline diameter and flow rate, among other 
factors. Energy consumption for crude oil pipelines ranges from about 550 
BTU/ton-mile for a 6-in. pipeline to about 180 BTU/ton-mile for a 40-in. 
diameter pipeline. Energy consumption in products pipelines is similar. 

Energy efficiency improved steadily during the 1980s, and there is 
little doubt that current energy use by pipelines is significantly lower than 
at the time of this report. 

The link between pipeline size and economy is apparent. The rela¬ 
tionship between size and capacity is also dramatic. A 36-in. diameter 
line can carry up to 17 times more oil or gas than a 12-in. diameter 
pipeline, but construction and operating costs do not increase at nearly 
the same ratio. 

Oil and gas are not the only materials transported by pipeline. Coal 
and other solids, as well as a wide range of fluids, are pipelined. 


HISTORY OF 
PIPELINES 

ipelines first carried water to villages and dwellings centimes 
ago. The history of oil and gas pipelines as they are used today 
begins after what is considered the first commercial oil well 
was drilled in Pennsylvania in 1859. The first cross-country oil 
pipeline was laid in Pennsylvania in 1879, a 109-mi long, 6-in. 
diameter line from Bradford to Allentown. In 1886, an 87-mi, 8-in. diameter 
natural gas line from Kane, Pennsylvania, to Buffalo, New York, was built 
In the early 1900s, pipeline construction began to expand. In 1906, 
a 472-mi, 8-in. pipeline from a new field in Indian Territory (Oklahoma) 
to Port Arthur, Texas, challenged the technology of the time. Early 
pipelines were built using threaded pipe that workers screwed together 
with large tongs. It wasn't until about 1920 that welding the separate 
lengths of pipe together became an accepted construction practice. 
Oxyacetylene welding was introduced in 1920 but was replaced by the 
late 1920s with electric welding. 2 Since that time, virtually all oil and 
gas pipelines of significant diameter and length have been welded. 



X 






Oil and Gas Pipeline Fundamentals 

4 


Welding technology has kept pace with the demands of new pipe steels, 
increased pipe diameters and pipeline lengths, and the challenges of off¬ 
shore and Arctic environments. 

■ KEY U.S. PROJECTS. Some significant early U.S. pipeline projects 
included a pipeline 250 mi long built from the Texas Panhandle to 
Wichita, Kansas, in 1927 and later extended to Kansas City, Missouri. In 
1928, a joint-venture company built a crude oil pipeline from Oklahoma 
to Chicago. Cross-country pipelines to carry petroleum products got their 
start in 1930 when a group of midcontinent U.S. refiners built a pipeline 
network to deliver refined products to Chicago, Minneapolis, Minnesota, 
and other cities. 

Long-distance oil and gas pipeline transportation in the United 
States got a boost during World War II when coastal tanker traffic was dis¬ 
rupted. A way to move oil and products from fields in the southwestern 
United States to the East Coast was needed. Two pipelines were built: 
one was a 1,250-mi, 24-in. diameter crude oil line; the other a 1,470-mi, 
20-in. diameter petroleum products line. 

At about the same time these government-owned lines were built, 
Tennessee Gas Co. built a 24-in. diameter, 1,265-mi natural gas line from 
the Southwest to the East Coast. In 1947, Texas Eastern bought the gov¬ 
ernment lines and converted them to natural gas pipelines, connecting the 
existing electric motors to centrifugal compressors for the first time in a 
long-distance pipeline. Also that year, the first line from the southwest 
United States to California was built. 

In the 1960s, larger-diameter pipelines proved their economic advan¬ 
tage. A products line consisting of 32-in., 34-in., and 36-in. pipe was built 
from Houston to New York to break the bottleneck created by striking 
maritime unions, and a 40-in. crude pipeline was built from Louisiana to 
Illinois. Operating costs on Colonial's Houston-New York products line 
were lle/1,000 barrel miles, compared with 37.3<t/l,000 barrel miles for 
the next largest pipeline. 2 

Discovery of oil on Alaska's North Slope in the late 1960s required a 
pipeline to be built and operated under conditions never before encountered. 

■ WORLDWIDE ACTIVITY. Pipeline networks were developing in 
other regions in the 1950s. From the early part of the 20th century, oil 
development in Russia played a major role in world markets. In the mid- 







die of the century, as huge discoveries in Siberia were developed, pipelines 
in the Soviet Union were built over great distances and through hostile 
environments. In the 1960s, the Soviet Union began to build a gas pipeline 
system that by the early 1990s consisted of 126,000 miles of tnmklmes 
with diameters ranging from 40 in. to 55 in’ The system^ 376 com¬ 
pressor stations, served more than 500 fields, and included 46 subsurface 

storage facilities and six gas processing plants. 

In the early 1950s, major pipelines were built in Canada, and t e 
Trans Arabian Pipeline was built from the Persian Gulf to the 

Mediterranean Sea. _ , . . 

The world's pipeline network expanded rapidly when it became 

apparent that pipelines were an efficient, economic way to move oil, gas, 
and products to consumers. Contributing to the need for expansion were 
large new discoveries of oil and gas, many of them m remote areas that 
had little local demand. Pipelines were needed to move those supplies o 
markets. In the North Sea, for example, a vast offshore complex of oil and 
gas fields developed during the 1960s, 1970s, and 1980s. T%e area was a 
proving ground for much of today's offshore pipeline construction tech- 

n0l08 Discoveries of oil and gas continue to be made in remote areas and 
in hostile environments. On land and on the world's continental shelves, 
the preferred method for moving those supplies to market will be a 
pipeline. Tankers are necessary for long-distance ocean transportation, 
but they are only a link in the gathering and distribution chain. Pipelines 
must gather oil and gas to the tanker-loading port and distribute the cargo 

after the tanker has reached its destination. 

Even more challenges face the industry in the 1990s and beyond 
Construction and operating costs must be kept in line while bringing o 
and gas supplies to new markets. That challenge will put a premium on 
new technology. Political and regulatory environments were also being 
revolutionized as the 1990s began, particularly in the Umted States and 
Europe. The transition from utility based regulation to competitive mar¬ 
keting of services caused problems for U.S. gas pipelines in the late 1980s. 
But when the transition is complete, a free market approac s ou 
improve gas supply and keep natural gas affordable for a growing number 
of consumers. As Europe makes the move to a single market in 1993, 

pipeline regulation will be changed there, too. 

The steadily rising cost of fuel, materials, and labor will pressure 
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builders and operators of future pipelines to improve efficiency. Rising 
costs, magnified by increased activity in hostile environments, may make 
cost cutting the biggest challenge in the pipeline industry's future. 


SUPPLIES 
AND 

MARKETS 

or a perspective on worldwide oil and gas pipeline transporta¬ 
tion, it is necessary to know where significant oil and gas sup¬ 
plies are located. 

Table 1-1 shows the major oil and gas producing coun¬ 
tries. It is apparent that in many cases, both tanker and 
pipeline transportation are required to get these supplies to market. The 
Middle East, the largest producing area, ships much of its crude oil by 
tanker to Europe and the United States. But a huge network of pipelines is 
necessary to move crude from producing wells to the tanker port for ship¬ 
ment. Other pipelines are needed in the consuming countries to move 
crude to refineries for processing. 

One of the largest natural gas supplies is in Russia's western Siberia 
area. A large-diameter pipeline system moves gas from that area, includ¬ 
ing a pipeline almost 2,900 mi long to export gas to Western Europe. In 
the central North Sea, the Central Area Transmission (CATS) System will 
provide transportation for gas from undeveloped fields. The 255-mi, 36-rn. 
diameter pipeline will have a capacity of 1.4 bcf of natural gas per day. 
Statoil's giant Zeepipe project in the North Sea will deliver natural gas 
from the Sleipner and Troll fields to Europe. Work began in 1991 on the 
first phase of the system, a 500-mi, 40-in. line from Sleipner to Zeebrugge 
in Belgium and related pipelines. 

There are key oil and product transportation networks in Europe. In 
northern Europe, the pipeline network centers on Rotterdam in the 
Netherlands and Wilhelmshaven in Germany. The Rotterdam-Rhine 
pipeline and the Northwest Oil Pipeline can bring up to 700,000 b/d of 
crude to the Ruhr area, the largest industrial region of Germany. 4 

The economic area around Paris is supplied from the port of Le 
Havre, its refineries, and a separate set of products pipelines. In southern 












TABLE 1-1 

OIL AMD GAS PRODUCTION 


WORLDWIDE oil production* 

Country/Area 

North America 

U.S. 

Canada 

TOTAL NORTH AMERICA 

1982 

10,200 

1.590 

11,790 

1984 

10,505 

1.775 

12,280 

1986 

(1,000 b/d)- 

10,230 

_LBQQ 

12,030 

1988 

9,765 

,2.000 

11,765 

1990 

8,850 

_L96Q 

10,810 

Latin America 

Argentina 

Brazil 

Colombia 

Ecuador 

Mexico 

Trinidad 

Venezuela 

Others 

TOTAL LATIN AMERICA 

490 

275 

145 

200 

3,005 

175 

1,965 

305 

6.560 

465 

460 

170 

255 

3,015 

170 

1,875 

__280 

6,695 

430 

595 

300 

280 

2,750 

165 

1,845 

_2Z0 

6,635 

450 

645 

380 

305 

2,855 

150 

1,860 
—220 

6,870 

450 

680 

430 

280 

2,970 

150 

2,365 

_215 

7,540 

Western Europe 

Austria 

Denmaric 

France 

Germany 

Italy 

Norway 

Turkey 

United Kingdom 

Others 

TOTAL WESTERN EUROPE 

25 

35 

50 

85 

30 

530 

45 

2,125 

3,020 

25 

45 

60 

80 

40 

755 

40 

2,580 

_ HO 

3,765 

20 

75 

75 

80 

50 

910 

45 

2,665 

155 

4,075 

25 

95 

75 

80 

85 

1,160 

50 

2,370 

4,075 

25 

120 

70 

75 

85 

1,670 

75 

1,895 

_LL5 

4,130 

U.S.S.R. and Central Europe 

U.S.S.R. 

Central Europe 

TOTAL USSR &C. EUROPE 

12,430 

__495 

12,925 

12,450 
_4IQ 

12,920 

12,560 
_450 

13,010 

12.795 

_425 

13,220 

11,705 
_2ZQ 

12,075 

Middle East 

Abu Dhabi 

Dubai & N. Emirates 

Iran 

Iraq 

Kuwait 

Neutral Zone 

Oman 

Quatar 

Saudi Arabia 

Others 

TOTAL MIDDLE EAST 

885 

365 

2,410 

1,010 

705 

315 

325 

340 

6,695 

_22Q 

13,270 

825 

395 

2,195 

I, 225 

985 

405 

420 

425 

4,760 
_220 

II, 855 

1,090 

465 

1,905 

1,745 

1,250 

345 

560 

355 

5,150 

240 

13,105 

1,280 

495 

2,265 

2,600 

1,340 

320 

595 

360 

5;255 

__4S5 

15,005 

1,850 

450 

3,125 

2,005 

1,065 

275 

660 

455 

6,700 

_62Q 

17,215 

Africa 

Algeria 

Angola 

Egypt 

Gabon 

Libya 

Nigeria 

Others 

TOTAL AFRICA 

1,045 

120 

705 

155 

1,135 

1,285 

__34Q 

4,785 

1,075 

185 

860 

150 

1,105 

1,385 

_ m 

5,200 

1,125 

280 

835 

160 

1,045 

1,465 

_4£5 

5,375 

1,090 

450 

880 

175 

1,055 

1,365 

465 

5,480 

1,275 

470 

915 

250 

1,350 

1,810 

465 

6,535 

Asia and Australasia 

Brunei 

China 

India 

Indonesia 

Japan 

Malaysia 

Other Asia 

Australasia 

TOTAL ASIA & AUSTRALASIA 

TOTAL WORLD 

nocr 

165 

2,050 

400 

1,415 

10 

295 

55 

_420 

4,810 

57,160 

19.925 

160 

2,300 

565 

1,410 

10 

440 

85 

_550 

5,520 

58,235 

18,470 

165 

2,630 

625 

1,400 

15 

540 

115 

_510 

6.100 

60,330 

19,625 

145 

2.750 

645 

1,325 

10 

545 

105 

_ m 

6,125 

62,540 

21,090 

145 

2,800 

685 

1,520 

15 
625 
120 
_ m 

6,570 

64,875 

24,775 


PennWell Books: Beck, Robert J.. OIMttM* 1992.PeonWe„ Books,To.sa. 
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builders and operators of future pipelines to improve efficiency. Rising 


costs, magnified by increased activity in hostile environments, may make 
cost cutting the biggest challenge in the pipeline industry's future. 




or a perspective on worldwide oil and gas pipeline transporta¬ 
tion, it is necessary to know where significant oil and gas sup¬ 
plies are located. 


I able 1-1 shows the major oil and gas producing coun- 
I tries. It is apparent that in many cases, both tanker and 
pipeline transportation are required to get these supplies to market. The 
Middle East, the largest producing area, ships much of its crude oil by 


tanker to Europe and the United States. But a huge network of pipelines is 


necessary to move crude from producing wells to the tanker port for ship¬ 
ment. Other pipelines are needed in the consuming countries to move 
crude to refineries for processing. 

One of the largest natural gas supplies is in Russia's western Siberia 
area. A large-diameter pipeline system moves gas from that area, includ¬ 
ing a pipeline almost 2,900 mi long to export gas to Western Europe. In 
the central North Sea, the Central Area Tr ansmi ssion (CATS) System will 
provide transportation for gas from undeveloped fields. The 255-mi, 36-in. 
diameter pipeline will have a capacity of 1.4 bcf of natural gas per day. 
Statoil's giant Zeepipe project in the North Sea will deliver natural gas 
from the Sleipner and Troll fields to Europe. Work began in 1991 on the 
first phase of the system, a 500-mi, 40-in. line from Sleipner to Zeebrugge 
in Belgium and related pipelines. 

There are key oil and product transportation networks in Europe. In 
northern Europe, the pipeline network centers on Rotterdam in the 
Netherlands and Wilhelmshaven in Germany. The Rotterdam-Rhine 
pipeline and the Northwest Oil Pipeline can bring up to 700,000 b/d of 
crude to the Ruhr area, the largest industrial region of Germany. 4 

The economic area around Paris is supplied from the port of Le 
Havre, its refineries, and a separate set of products pipelines. In southern 





TABLE 1-1 

OIL AND GAS PRODUCTION 
WORLDWIDE OIL PRODUCTION* 


C ountry/Area _ 

North America 

U.S. 

Canada 

TOTAL NORTH AMERICA 

Latin America 
Argentina 
Brazil 
Colombia 
Ecuador 
Mexico 
Trinidad 
Venezuela 
Others 

TOTAL LATIN AMERICA 

Western Europe 

Austria 

Denmark 

France 

Germany 

Italy 

Norway 

Turkey 

United Kingdom 
Others 

TOTAL WESTERN EUROPE 

U.S.S.R. and Central Europe 
U.S.S.R. 

Central Europe 
TOTAL USSR AC. EUROPE 

Middle East 

Abu Dhabi 

Dubai & N. Emirates 

Iran 

Iraq 

Kuwait 

Neutral Zone 

Oman 

Quatar 

Saudi Arabia 

Others 

TOTAL MIDDLE EAST 

Africa 

Algeria 

Angola 

Egypt 

Gabon 

Libya 

Nigeria 

Others 

TOTAL AFRICA 

Asia and Australasia 

Brunei 

China 

India 

Indonesia 

Japan 

Malaysia 

Other Asia 

Australasia 

TOTAL ASIA A AUSTRALASIA 

TOTAL WORLD 

OPEC 


1982 

1984 

1986 

- (1,000 b/d)- 

1988 

1990 

10,200 

10,505 

10,230 

9,765 

8,850 

1.590 

_LZZ5 

1.800 

2.000 

1.96Q 

11,790 

12,280 

12,030 

11,765 

10,810 

490 

465 

430 

450 

450 

275 

460 

595 

645 

680 

145 

170 

300 

380 

430 

200 

255 

280 

305 

280 

3,005 

3,015 

2,750 

2,855 

2,970 

175 

170 

165 

150 

150 

1,965 

1,875 

1,845 

1,860 

2,365 

305 

285 

270 

_225 

215 

6,560 

6,695 

6,635 

6,870 

7,540 

25 

25 

20 

25 

25 

35 

45 

75 

95 

120 

50 

60 

75 

75 

70 

85 

80 

80 

80 

75 

30 

40 

50 

85 

85 

530 

755 

910 

1,160 

1,670 

45 

40 

45 

50 

75 

2,125 

2,580 

2,665 

2,370 

1,895 

95 

140 

155 


_H5 

3.020 

3,765 

4,075 

4,075 

4,130 

12,430 

12,450 

12,560 

12,795 

11,705 

495 

_ m 

450 

-425 

_3ZQ 

12,925 

12,920 

13,010 

13,220 

12,075 

885 

825 

1,090 

1,280 

1,850 

365 

395 

465 

495 

450 

2,410 

2,195 

1,905 

2,265 

3,125 

1,010 

1,225 

1,745 

2,600 

2,005 

705 

985 

1,250 

1,340 

1,065 

315 

405 

345 

320 

275 

325 

420 

560 

595 

660 

340 

425 

355 

360 

455 

6,695 

4,760 

5,150 

5;255 

6,700 

_22Q 

_22Q 

240 

—495 

630 

13,270 

11,855 

13,105 

15,005 

17,215 

1,045 

1,075 

1,125 

1,090 

1,275 

120 

185 

280 

450 

470 

705 

860 

835 

880 

915 

155 

150 

160 

175 

250 

1,135 

1,105 

1,045 

1,055 

1,350 

1,285 

1,385 

1,465 

1,365 

1,810 

_ m 

_440 

_465 

_465 

_465 

4,785 

5,200 

5,375 

5,480 

6,535 

165 

160 

165 

145 

145 

2,050 

2,300 

2,630 

2,750 

2,800 

400 

565 

625 

645 

685 

1,415 

1,410 

1,400 

1,325 

1,520 

10 

10 

15 

10 

15 

295 

440 

540 

545 

625 

55 

85 

115 

105 

120 

42Q 

550 

610 

609 

_ m 

4,810 

5,520 

6,100 

6,125 

6,570 

57,160 

58,235 

60,330 

62,540 

64,875 

19,925 

18,470 

19,625 

21,090 

24,775 


Source: British Petroleum and PennWell Books: Beck, Robert J., Oil Industry Outlook, 1992, PennWell Books, Tulsa. 
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TABLE 1-1 cent. 

WORLDWIDE NATURAL GAS PRODUCTION 


1982 

1984 

1986 

1988 

1990 



million cu m 




North America 


U.S. 

17,891 

17,573 

16,143 

17,126 

17,397 

Canada 

2.607 

2.524 

2.521 

3.203 

3.450 

TOTAL NORTH AMERICA 

20,498 

20,097 

18,664 

20,329 

20,847 

Latin America 

Argentina 

341 

474 

662 

757 

855 

Bolivia 

94 

86 

90 

98 

106 

Colombia 

98 

149 

145 

172 

141 

Mexico 

1,007 

976 

874 

921 

953 

Trinidad 

86 

122 

125 

157 

145 

Venezuela 

600 

612 

674 

662 

764 

Others 

149 

_2QQ 

227 

_225 

_22Z 

TOTAL LATIN AMERICA 

2,375 

2,619 

2,797 

3,002 

3,191 

Western Europe 

France 

243 

208 

137 

102 

98 

Germany 

494 

537 

537 

553 

525 

Italy 

498 

459 

564 

584 

612 

Netherlands 

2,285 

2,411 

2,203 

1,956 

2,136 

Norway 

898 

972 

953 

1,051 

980 

United Kingdom 

1,196 

1,305 

1,529 

1,541 

1,603 

Others 

_lflfi 

.—129 

_iso 

_106 

227 

TOTAL WESTERN EUROPE 

5,720 

6,021 

6,103 

5,983 

6,181 

U.S.S.R. and Central Europe 

U.S.S.R. 

16,241 

19,032 

21,725 

24,292 

25,711 

Central Europe 

1.599 

1.752 

1.791 

1.576 

1.505 

TOTAL U.S.S.R. & CENTRAL EUROPE 

17,840 

20,784 

23,516 

25,868 

27,216 

Middle East 

Abu Dhabi 

235 

329 

506 

576 

717 

Iran 

255 

478 

537 

706 

843 

Kuwait 

145 

153 

204 

227 

192 

Saudi Arabia 

439 

643 

902 

1,027 

1,078 

Others 

_ m 

416 

_506 

_600 

m 

TOTAL MIDDLE EAST 

1,439 

2,019 

2,655 

3,336 

3,649 

Africa 

Algeria 

941 

1,192 

1,219 

1,470 

1,666 

Egypt 

4 

4 

8 

8 

12 

Libya 

118 

161 

223 

200 

235 

Nigeria 

43 

59 

43 

133 

149 

Others 

106 

161 

—227. 

_26Z 

,—.314 

TOTAL AFRICA 

1,212 

1,577 

1,720 

2,078 

2,376 

Asia and Australasia 

China 

392 

427 

463 

494 

517 

Japan 

71 

74 

74 

74 

59 

Indonesia 

694 

1,027 

1,247 

1,341 

1,595 

Malaysia 

0 

267 

494 

580 

678 

Other East Asia 

372 

416 

455 

561 

561 

Pakistan 

310 

357 

388 

443 

451 

Other South Asia 

361 

494 

529 

678 

843 

Australasia* 

_494 

_545 

_6S2 

_ZQ6 

_ m 

TOTAL ASIA AND AUSTRALASIA 

2,694 

3,607 

4,332 

4,877 

5,594 

TOTAL WORLD 

51,778 

56,724 

59,787 

65,473 

69,054 


‘Includes Australia and New Zealand. 

Source: British Petroleum and PennWell Books, Beck, Robert J., Oil Industry Outlook, 1992, PennWell Books, Tulsa. 














Europe, the ports of Fos-sur-mer and Genoa can supply up to 2.4 million 
b/d to France, Italy, Switzerland, and southern Germany. The Southern 
European Pipelines can move up to 1.3 million b/d of crude from Fos to 
central and eastern France. And the Central European Pipeline serves 
northern Italy, Switzerland, and Ingolstadt in southern Germany, where it 

connects with the Trans-Alpine pipeline . 4 

Pipeline projects are proposed to increase flows from Western 
Europe to the east, following the reunification of Germany and the open¬ 
ing of eastern Europe. A pipeline transports natural gas from Algeria to 
Italy and other areas of Europe. Portions of that system cross the 
Mediterranean and the Messina Strait in water as deep as 1,968 ft. 

These are not the only significant pipelines operating or planned, 
but they indicate the extent of the world's pipeline network, and the chal¬ 
lenges that are often involved. 

Just as important are less dramatic supply routes, such as pipelines 
from the southwestern and Gulf Coast areas of the United States to large 
consuming areas in the midwest and the east. For years, these pipelines 
have made needed supplies available at costs that could not he equaled by 
any other means of transportation. 

THE 

PARTIES 

INVOLVED 

O il, natural gas, and natural gas liquids pipeline gathering and 
transportation systems are owned by several types of firms. In 
the United States, where complex regulations exist, most 
gathering and long-distance pipelines are owned by pipeline 
l companies whose sole function is to operate a pipeline sys¬ 
tem. Though these companies may have names similar to or may be a 
subsidiary of an oil or gas producing company, the pipeline company is 
normally a separate legal entity. Outside the United States, ownership of 
pipelines depends on the individual country's laws. 

Some degree of state ownership of energy related companies is com¬ 
mon outside the United States. Almost three-fourths of the world's petro¬ 
leum reserves, for example, is owned by state firms rather than private 
companies. 
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Historically in the United States, natural gas was purchased by the 
pipeline company from the producer, transported to market, then resold to 
a local distribution company. Now, much gas is sold directly to the local 
distribution company (LDC) by the producer, and the pipeline company 
only provides a transportation service for a fee. This change in the role of 
U.S. natural gas pipelines from merchant to transporter caused financial 
problems for many pipeline companies. But the result is a much more 
competitive natural gas industry. 

Oil is transported in the United States via pipeline by a shipper/ 
owner, usually a refiner. 

Pipeline construction around the world is usually done by a con¬ 
struction contractor rather than by the pipeline owner. The need for cost- 
highly specialized equipment and specialized talent makes this the 
best approach. Pipeline owners could not afford to own and maintain the 
required equipment and use a construction staff for only intermittent con¬ 
struction work on their own systems. The pipeline contractor can utilize 
his equipment and staff more efficiently by doing work for many pipeline 
owners. 

In addition to the construction contractors who install pipelines 
both on land and offshore, many firms provide specialized services such as 
pipe coating, maintenance, facilities design, and inspection. There is an 
even longer list of manufacturers and suppliers who provide equipment, 
including valves, compressors, pumps, instruments, prime movers, con¬ 
trol systems, and maintenance tools. 


TABLE 1-2 

U.S. INTERSTATE PIPELINE MILEAGE 






Year 

Gas 

Liquid 

Total 

1981. 


179 ni t; 

447,449 

1982. 


1 / <L,0 1 o 

179 

1983. 


i f c, cwy 

1R7 P1Q 

459,548 

453,023 

*432,301 

*450,796 

*451,895 

*447,950 

*451,838 

*442,038 

*449.992 

1984. 


i o/ ,o i y 

179 Q99 

1985. 


171 AM 

1986. 


1 / 1 1 

17fl MA 

1987. 


1R7 fiftR 

1988. 


ID/ ,000 

17H 4R7 

1989. 


i /u,*ro/ 

ICO CQ 7 

1990. 


100, Do/ 

168,364 

Source: U.S. FERC Form 6 annual reports—oil pipelines, Forms 2 & 2A—gas pipelines. 

‘Reflects operating mileage as reported under the FERC’s classification system for natural-gas pipeline compa¬ 
nies effective beginning with the 1984 reporting year. Only major gas-pipeline companies are required to file 
mileage. 

Oil & Gas Journal, 25 November 1991, p. 50. 
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KEY INDUSTRY 
STATISTICS 



xact details of the world's total pipeline lengths, sizes, and capaci¬ 
ties are not available. In the United States, data are maintained 
on all interstate pipelines and related facilities regulated by the 
federal government. These data offer insight into the efficiency 


I of a vast network of oil and gas pipelines. In 1990, U.S. interstate 
pipelines delivered 11.4 billion bbl of crude and products. Total volume of 


natural gas moved through 
the U.S. pipeline system in 
1990 was 26.8 tcf. Pipeline 
companies bought and resold 
5.7 tcf; the rest was transport¬ 
ed for others, indicating the 
transition from merchant to 
transporter. 5 

The investment in 
equipment related to these 
liquids and gas pipelines was 
estimated at $81 billion, and 
combined U.S. pipeline 
mileage stood at 443,000 mi 
(Table 1-2). Liquids pipeline 
companies operated more 
than 32,000 mi of gathering 
lines, almost 56,000 mi of 
crude oil trunk lines, and 
over 80,000 mi of petroleum 
products lines. Interstate 
natural gas pipeline compa¬ 
nies operated about 208,000 
mi of transmission pipe¬ 
lines, 62,000 mi of field gath¬ 
ering lines, and 4,300 mi of 
pipeline associated with stor- 



Fig. 1-2 Investment in crude oil pipelines. Source: Oil 
& Gas Journal, 25 November 1991, p. 43. 



age facilities during 1990. Fig. 1-3 Investment in products pipelines. Source: Oil 


Of the approximately <£ Gas Journal, 25 November 1991, p. 43. 
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$81 billion in property operated by all interstate pipelines, crude and prod¬ 
ucts pipelines accounted for $26 billion. 5 This total investment by crude 
oil pipelines is divided as shown in Figure 1-2. The investment split for 
interstate products pipelines is shown in Figure 1^3. 

In 1990, about 150 interstate liquids pipeline companies filed reports 
with the U.S. Federal Energy Regulatory Commission (FERC); about 140 
interstate natural gas companies reported. Operating revenue of interstate 
crude and products pipelines was $7.1 billion; operating revenue of natural 
gas pipelines was $32 billion. 

Interstate pipeline companies in the United States are only part of 
worldwide oil and gas pipeline operations. The industry also includes 
pipeline owners in all oil and gas producing and consuming countries, 
pipeline construction firms that own and operate equipment valued at 
hundreds of billions of dollars, and manufacturers and service companies. 

In Europe, for example, there is an extensive pipeline grid. Figure 
1-4 shows the main natural gas pipeline connections. Considerable 
expansion of this system in the 1990s and the early part of the next centu¬ 
ry is likely as reserves in the North Sea and Russia are developed to satisfy 
growing European markets. Russia and the other former republics of the 
Soviet Union also have extensive pipeline systems. Much of this net¬ 
work, however, will require extensive rehabilitation during the 1990s. 

■ PIPELINE CONSTRUCTION. Thousands of miles of new pipeline are 
built each year around the world (Fig. 1-5). The amount of pipeline con¬ 
struction depends in part on the number of oil and gas discoveries and 
their location and on where markets are growing. Construction activity is 
also related to the need to obtain permits, political obstacles, and the 
availability of equipment and supplies. For example, construction of the 
trans-Alaska crude pipeline did not begin for more than nine years after 
oil was discovered on the North Slope because objections to the project on 
environmental grounds delayed government approval. Other projects 
often are delayed because of financing problems. 

But these unique projects represent only a part of the pipeline con¬ 
struction work done each year. Many thousands of miles of smaller diam¬ 
eter pipeline are laid all over the world to move oil and gas from produc¬ 
ing wells to refineries and processing facilities. Many of these individual 
pipelines are only a few miles long or less. 

In 1992, the industry planned to lay 14,000 mi of pipeline worldwide 
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Fig. 1-5 Side boom tractors prepare to move pipe for marsh crossing. Source: Oil & Gas Journal, 
20 November 1978, 

( 

in that year alone, including oil and gas gathering and transmission lines, 
and products pipelines. 6 These estimates did not include construction of 
distribution lines to deliver natural gas to individual homes and business¬ 
es. Laying the estimated 14,000 mi of pipeline in 1992 was expected to 
cost about $7.8 billion. Table 1-3 shows details of the 1992 planned 
pipeline construction. 

Many oil and gas pipelines are built in producing countries, and a 
large share of the construction of oil and gas gathering and transmission 
pipelines is done in the United States. Of the almost 10,000 mi of gas 
pipeline scheduled for construction in 1992, for example, about 3,800 mi 
were to be built in the United States. 

Pipeline construction activity is typically at a high level when a 
region is in the early stages of developing large oil and gas reserves. For 
example, in the late 1970s and early 1980s, large reserves were discovered 
in Mexico that required a network of pipelines to connect producing wells 
with refineries and processing plants. In the North Sea, a large amount of 
pipeline construction continuing into the 1990s was related to the devel¬ 
opment of huge oil and gas fields. Many of these pipelines were long and 
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had to be laid in deep water under difficult conditions. Other areas where 
pipeline construction is important include the Middle East, Africa, 
Canada, and the Asia/Pacific area. 

Major projects can cause variations in year-to-year activity in any 
area, but wherever oil and gas reserves exist and aggressive exploration 
and development programs are carried out, oil and gas pipeline construc- 


TABLE1-3 

PIPELINE CONSTRUCTION IN 1992* 


|4-10 

in. 


12-20 22-00 30+ 

in. in. in- 

-Miles- 


Total 


GAS PIPELINES 


u.s. 

405 

Canada 

402 

Latin America 

256 

Asia-Pacific 

387 

Europe 

385 

Middle East 

— 

Africa 

— 

Total gas 

1,835 

CRUDE PIPEUNES 


U.S. 

131 

Canada 

3 

Latin America 

6 

Asia-Pacific 

25 

Europe 

7 

Middle East 

— 

Africa 

_ia 

Total crude 

191 

PRODUCT PIPELINES 

U.S. 

679 

Canada 

— 

Latin America 

464 

Asia-Pacific 

114 

Europe 

547 

Middle East 

— 

Africa 

225 

Total product 

2,029 

WORLD TOTALS 


Gas 

1,835 

Crude 

191 

Product 

2.029 

Total 

4,055 


600 

786 

416 

119 

164 

50 

356 

28 

245 

702 

1,781 

1,685 

384 

11 

3 

37 

170 

— 

274 

— 

50 

— 

115 

— 

996 

48 

131 

— 

9 

— 

658 

— 

48 

— 

34 

— 

880 

— 

1,781 

1,685 

996 

48 

880 

— 

3,657 

1,733 


1,966 

3,757 

717 

1,654 

_ 

470 

504 

1,275 

1,292 

2,624 

— 


4,479 

9,780 

_ 

526 

_ 

3 

_ 

46 

_ 

195 

4 

285 

79 

129 

_ 

_LS4 

83 

1,318 

_ 

810 

_ 

9 

_ 

1,122 

_ 

114 

— 

595 

z 

259 

— 

2,909 

4,479 

9,780 

83 

1,318 

— 

2.909 

4,562 

14,007 


•Products under way at the start of 1992 or set to begin and be completed this year, flncludes 
some projects of less than 4 in. OD. 

Source: Oil & Gas Journal, 10 February 1992._ 
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tion is an important 
activity. It is also impor¬ 
tant where new markets 
for petroleum products or 
natural gas are develop¬ 
ing. In the 1990s, for 
example, the Asia/Pacific 
region will be one of the 
areas where petroleum 
demand will grow the 
fastest. 

■ PIPELINE COSTS. 
There is no typical 
pipeline as far as cost is 
concerned. Construction 
costs de-pend on geo¬ 
graphical area, size of 
pipeline, location on or 
offshore, number and size 
of pump stations or com¬ 
pressor stations and relat¬ 
ed facilities, and general 
economic conditions. 

In general, the longer 
the pipeline, the lower 
the cost per mile. A 
pipeline a few miles long 
usually costs consider¬ 
ably more per mile than a 
pipeline several hundred miles long, even if both are the same diameter 
and are laid in a similar environment. Of course, total cost of the longer 
pipeline will be greater, other factors being equal. Pipeline costs are 
sometimes compared on an "inch-mile" basis to make the comparison 
less dependent on pipeline size. Compressor costs are often stated in dol¬ 
lars per horsepower to permit comparing compressors of different size. As 
in the case of a pipeline, a large pump or compressor station costs less per 
installed horsepower than a smaller station, though total cost is greater. 



Fig. 1-7 Offshore gas pipeline construction costs. Source: 
Oil & Gas Journal, 25 November 1991, p. 44. 








Rg. 1 -8 Sections of welded line await a series of inspections before being lowered into place 
(courtesy Natural Gas Pipeline Company of America). 


Generally, costs for an offshore pipeline are significantly higher than 
for a pipeline on land. But in extreme environments such as the Arctic or 
mountainous regions, land pipeline construction costs can also be very high. 

Construction applications filed with the FERC in the United States 
contain cost data that provide some representative pipeline building costs. 
These data indicate that in 1990-1991 for onshore gas pipelines (Fig. 1-6), 
material accounts for 36.6% of total construction cost; labor, 38.5 right 
of way and damages, 4.4%; and miscellaneous costs, 20.5%. 
Miscellaneous expenses include engineering, supervision, administration 
and overhead, interest, contingencies, and filing fees. Offshore construc¬ 
tion costs (Fig. 1—7) include 33.4% for material, 48.1 /o for labor, and 
18.5% for miscellaneous expenses. 

Completed cost data reported to the FERC in 1990 indicate average 
U.S. land gas pipeline construction cost ranged from about $200,000 per 
mile for an 8-in. diameter pipeline to $1.2 million per mile for a 42-in. 
pipeline. 5 Figure 1-8 shows an onshore pipeline ready to be inspected and 
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TABLE 1-4 

62.75 MILES OF 24 IN., OKLAHOMA 


TABLE 1-5 

28.4 MILES OF 20 IN., KANSAS 


Hem 

Cost, $ 

Item. 

..Cost, $ 


.... 1 039 000 

Right-of-way. 

.50,000 


525 000 

Damages.. 

.233,000 


256000 

Surveys. 

..21,000 

Materials 

.9,370,000 

Materials. 

.3,605,000 

lahor . 

.8^526,000 

Labor. 

.3,299,000 



Engineering inspection. 

.687,000 

Engineering inspection. 

Overheads . 

.531,000 

.591,000 

Line pack. 

.38,000 

Afudc. 

.374,000 

Pipe coating. 

.272,000 

Regulatory fees 


Cathodic protection. 

.14,000 

(est.)—.... 

... 14.185 

Telecommunication 


Total_ 

$/mlle...- 

..$21,226,185 
__$338,266 

equipment. 

Overheads. 

.76,000 



Afudc. 

Other services costs. 

Regulatory fees (est.). 

Total_ . .... 

S/mile...... 

..153,000 

.100,740 

. 26,260 

....$8,575,000 
_$301,937 


lowered into the ditch. These data are averages, and the range of costs for 
individual projects within each pipeline size varies greatly. The cost of 
onshore compressor stations completed in the United States and reported 
to FERC ranged in cost from just over $600 per horsepower to more than 
$5,000 per installed horsepower. These costs represent new stations in 
which reciprocating compressor units were installed. Where additional 
compressors were installed at existing stations, the $/hp cost is generally 
lower because much of the auxiliary equipment is already installed. 

A breakdown of onshore compressor station cost shows that equipment 
and materials account for 55% of the total; installation labor, 22%; and land, 
1%. Miscellaneous costs, including engineering, supervision, administration 
and overhead, interest, contingencies, and filing fees account for 22% of the 
total. Some examples of project costs are shown in Tables 1-4 through 1-7. 

Operating and maintenance expenses are substantial for both natur¬ 
al gas and liquids pipelines. Statistics show that the operating expense for 
major interstate natural gas pipelines totaled about $2.14 billion in 1989. 5 
Maintenance expense for interstate natural gas pipelines was about $450 
million (Table 1-8). 
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TABLE 1-6 

8 MILES OF 36-IN. LOOP, MICHIGAN 


Item 

Cost, $ 

Qinht nf wav ..... 

.216,000 


.216,000 


.24,000 


.2,706,300 


.3,395,300 


.800,000 

1 ino nark . 

.58,600 

Tivoe . 

....108,300 

Creinht .. 

.270,600 

n ciyii l ....... 

Pipe coating. 

.208,000 

rothriHip nrntpptinn . 

.1,300 

rVworhoarlc . 

.....122,000 

Afnrir . 

.427,200 

Pnntinnpnr.ifi*; . 

.305,100 

1 anal f«*C . 

.112,000 

Romilatnrv fpp^ . 

. 26260 



Total ..— 

__$8,996,960 

$/mile- 

_$1,124,620 


TABLE 1-7 

ADD 15,700 HP. MINNESOTA 


Hem _CosU 





.8,576,000 



.1,841,000 

Engineering, 
inspection. 

.. 

.1,023,000 

T *v«r .635.000 

PrPinht 


.529,000 

Telecommunication 


.100,000 



.200,000 



.895,000 



.873.000 


Other services, 


.100,000 



. 12.012 




Total . 


_.$14,799,012 

$/hp- 


...$943 


TANKER 

TRANSPORTATION 

ot all oil and gas is moved by pipeline. Many producing coun¬ 
tries which export oil and petroleum products must use ocean 
transport to deliver crude and products to refiners and other 
customers in consuming countries. Crude, products, and nat- 

_ ural gas are moved hy tanker, hut shipments of crude are by 

far the largest. Natural gas must be liquefied when moved by tanker m 
order to carry a large enough volume to be practical. Tanker movement of 
liquefied natural gas (LNG) requires a liquefaction facility in the exporting 
country and a gasification facility in the receiving country. Both facilities 
typically are located near the tanker loading and unloading ports. 

The first shipments of sizable volumes of refined petroleum prod¬ 
ucts were made from the United States to England in the early 1860s. 
Since the 1950s, the size of crude tankers has increased steadily. In 1950, 
the largest tankers were 30,000 deadweight tons (dwt), now the largest 
are 500,000 dwt. 7 Deadweight ton, a term used to rate tanker capacity, 






































Oil and Gas Pipeline Fundamentals 
20 


TABLE 1-6 

NATURAL-GAS PIPELINE TRANSMISSION EXPENSES* 

-Expenses, $— -Cost/mlle, $— Cost/MMcfsold,$ 

1988- 1989- 1988- 1989- 1988- 1989- 



majorsf 

ma|ors§ 

majorsf 

majors§ 

majorsf 

majors§ 

Operation expenses 

Supervision and engineering 

166,584,029 

176,198,733 

661.37 

693.53 

26.16 

31.69 

System control and 
load dispatching 

29,284,519 

33,213,655 

116.26 

130.73 

4.60 

5.97 

Communication system 
expenses 

30,224,686 

31,600,547 

120.00 

124.38 

4.75 

5.68 

Compressor station labor 
and expenses 

269,976,844 

296,448,577 

1,071.86 

1,166.85 

42.39 

53.32 

Gas for compressor-station 
fuel 

375,892,286 

376,998,680 

1,492.36 

1,483.90 

59.02 

67.81 

Other fuel and power for 
compressor stations 

65,481,393 

54,138,692 

259.97 

213.09 

10.28 

9.74 

Mains 

182,166,091 

174,280,381 

723.23 

685.98 

28.60 

. 31.35 

Measuring and regulating 
station expenses 

61,872,085 

64,760,794 

245.64 

254.90 

9.72 

11.65 

Transmission and compression 
of gas by others 936,299,992 

854,273,433 

3,717.28 

3,362.50 

147.02 

153.66 

Other transmission expenses 

40,409,766 

53,942,932 

160.43 

212.32 

6.35 

9.70 

Rents 

■19,796,436 

21.199,338 

78.60 

83.44 

3,11 

■_3JS1 

Total operation 

expenses $2,177,988,127 

$2,137,055,822 

$8,647.00 

$8,411.65 

$341.98 

$384.40 

Maintenance expenses 

Supervision and engineering 

31,519,887 

34,610,110 

125.14 

136.23 

4.95 

6.23 

Structures and improvements 

22,517,885 

20,767,763 

89.40 

81.74 

3.54 

3.74 

Mains 

109,462,229 

114,999,238 

434.58 

452.65 

17.19 

20.69 

Compressor-station equipment 218,175,493 

251,193,978 

866.20 

988.72 

34.26 

45.18 

Measuring and regulating 
station equipment 

13,202,645 

14,567,775 

52.42 

57.34 

2.07 

2.62 

Communication equipment 

11,906,439 

10,414,463 

Mil 

40.99 

1.87 

1.87 

Other equipment 

.4,036,815 

5,669,123 

16.03 

22.31 

Q.63 

1.02 

Total maintenance 
expenses 

$410,821,393 

$452,222,456 

$1,631.03 

$1,779.99 

$64.51 

$81.34 


Total transmission 

expenses $2,588,809,520 $2,589,278,278 $10,278.03 $10,191.64 $406.49 $465.75 

Total miles of 

transmission pipeline 251,878 254,059 

Total natural pas sold, MMcf 6,368,682 _ 5,559,409 __ 

Source: statistics of Interstate Natural Gas Pipeline Companies—1988 & 1989, U.S. Department of Energy. *U.S. 
interstate pipelines for calendar years 1988 & 1989. f 46 of 135 companies filing Forms 2s or 2As with the U.S. 
FERC for 1988; majors are companies whose combined gas sold for resale and gas transported or stored for a fee 
exceed 50 bcf (at 14.7 psi; 60°F.) in each of the 3 previous calendar years. §45 of 144 companies filing Forms 2 or 
2A with the U.S. FERC for 1989; majors defined in previous note and in U.S. FERC Accounting and Reporting 
Requirements for Natural Gas Companies, para. 20-011, effective Feb. 2,1985, beginning with the 1984 reporting 
year (0GJ, Nov. 25,1985, p. 80). Oil & Gas Journal, 25 November, 1991, p. 55. 
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TRENDS IN U.S. CRUDE AND PRODUCTS TRANSPORTATION* 

Tota) — Pipelines-Water carriers- - Motor carriers- —Railroads — 

Ton miles Ton miles % Ton miles % Ton miles % Ton miles % 

1 195.5 564.3 47.20 590.4 49.39 28.7 2.40 12.1 1.01 

1187.8 577.9 48.65 568.1 47.83 29.7 2.50 12.1 1.02 

1 195.8 586.8 49.08 566.5 47.37 30.4 2.54 121 1.01 

1 188.1 601.1 50.59 543.7 45.76 30.5 2.57 1 28 1.08 

1^094.2 584.2 53.39 466.2 42.61 30.4 2.78 13.4 1.22 


1985 

1986 

1987 

1988 

1989 


‘Billion ton miles. Data reflect actual ton miles for federally regulated lines (84% of shipments) plus estimates 
for unregulated lines. Amounts carried by motor carriers are estimated. 

Source: Association of Oil Pipe Lines 


indicates the amount of cargo that can be carried. It is the displacement 
of the tanker when loaded minus the displacement "light" in tons of 
2,240 lb. A deadweight ton is equal to about 7 bbl of crude, depending on 
the specific gravity of the crude. 

■ CRUDE OIL. Traditionally, much of this tanker transportation sys¬ 
tem has been owned and operated by oil companies. But in recent years, 
some oil-producing countries have developed their own national shipping 
fleet and operated their own tankers. As a result of the Valdez accident in 
Alaska in 1989, which caused a large crude oil spill, new laws were passed 
in the United States that increased the liability of tanker owners. Some 
companies reacted by reducing their ownership of tankers and refusing to 
operate in U.S. waters. Because almost half of U.S. demand for crude and 
products is imported, tanker transportation is critical to U.S. energy sup¬ 
ply. 

The Valdez spill also focused attention on the desirability of build¬ 
ing double-hull tankers to increase safety. There is controversy about the 
effectiveness of double hull designs; they are more effective in some types 
of collisions than in others. But they do add an estimated 10%-20% to the 
cost of a new crude tanker. 

Crude tankers are involved in a significant share of the world's oil 
movements. In the United States, water carriers and pipelines account for 
most of the crude traffic; the rest is shipped by motor earners and rail¬ 
roads (Table 1-9). Most of the tanker traffic in U.S. waters involves crude 
being imported from other countries. Virtually all the crude produced in 
the United States is consumed within the country. 

At each end of a tanker voyage, ports and terminals serve as the con- 
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nection between the tanker and land transportation systems. In produc¬ 
ing fields, pipelines move crude to the port where it is stored until a 
tanker is available. When the tanker reaches its destination port, the 
crude is transferred to a land transportation system, usually a pipeline. 
Port and terminal facilities include pumps, storage, offshore loading facili¬ 
ties, control systems, and related facilities. 

Not all tankers are loaded at shore-based facilities. Some offshore 
producing fields include tanker loading capability, and produced crude is 
piped directly into a tanker rather than being pipelined to a shore-based 
terminal for loading. These offshore terminals include an offshore struc¬ 
ture extending above the water's surface that transfers crude from storage 
into the tanker. They are remote from other offshore structures and pro¬ 
vide tanker mooring and transfer piping. The mooring system is designed 
to allow the tanker to move under the forces of waves and wind while 
being loaded. Such terminals (single point mooring terminals) are also 
used at tanker destinations where tanker size prohibits movement into a 
shallow water port. Several designs of these facilities have been developed 
for use in offshore producing fields. Many are capable of withstanding the 
forces of severe ocean environments. 

■ TANKER SIZE, OWNERSHIP. Crude and products tankers are classi¬ 
fied as general purpose/product carriers ranging in size up to 25,000 dwt; 
supertankers and large tankers range from 25,000-150,000 dwt; very large 
crude carriers (VLCC) range from 150,000-^300,000 dwt; and ultra large 
crude carriers (ULCC) have capacities above 300,000 dwt. Each size is suit¬ 
ed to a particular application. Larger tankers are used for long voyages; 
smaller vessels are used for shorter hauls and for "lightering" large tankers 
when the draft of the larger tanker is too great to enter a port facility. 
VLCCs, for example, have traditionally moved crude from producing coun¬ 
tries in the Middle East and Africa to Europe, Japan, and the United States. 

Some oil tankers are owned by petroleum companies that normally 
use the vessels to transport the company's own cargoes, some are owned 
by independent shipping companies, and some are owned by governments. 
Tankers are registered in maritime countries such as France, Japan, and 
the United States, which use their own ships for their own use,* in coun¬ 
tries such as the United Kingdom, Norway, and Greece, which use their 
ships mainly to carry cargoes among nations other than their own,* and in 
flags-of-convenience countries such as Liberia, Cyprus, Panama, 
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Singapore, and Bermuda. Flags-of-convenience countries do not need 
most of the capacity of ships registered in the country for their own 
exports and imports, but the vessels registered there are a source of 
national income. A flag-of-convenience vessel can be controlled and 
manned by non-nationals, and there is little or no tax on income from the 
ship. 

Flags of convenience are used extensively because they make trans¬ 
portation arrangements flexible, especially in times of war, boycotts, and 
other crises. Vessels registered under flags of convenience are often able to 
compete better in the market because they can offer a lower cost. The 
more competitive cost results from builders 7 ability to search for the low¬ 
est-cost construction yards and lower manning costs. Oil companies own 
many of the tankers used in crude oil transportation. 

When additional capacity is needed beyond that available from oil 
company owned tankers, that capacity is supplied by tankers on a long¬ 
term charter basis in which a tanker is leased for a specified period. The 
tanker owner normally furnishes crews, supplies, and insurance,- the char¬ 
terer pays fuel costs, port charges, and miscellaneous costs. 
Transportation above that supplied by oil company owned vessels and 
vessels under long-term charter is supplied by tankers operating on a spot, 
or single voyage, basis. 

The cost of ocean tanker crude transportation varies. The spot mar¬ 
ket is particularly dependent on the demand for tankers and on transporta¬ 
tion costs. 

■ LNG TANKERS. Beginning in the 1960s, ocean transport of natural gas 
in liquid form expanded. Large natural gas reserves in producing countries 
such as Algeria and Iran far exceeded the market that could be easily 
reached by pipeline. In countries that produce large amounts of oil, large 
volumes of associated gas are also separated from the oil. Until the 1960s, 
much of this associated gas was flared (burned at the producing field) 
because markets were not available. 

Increases in the price of natural gas and gas liquids, coupled with 
efforts to conserve the gas that was previously flared, gave impetus to a 
growing international trade in liquefied natural gas (LNG). When natural 
gas is liquefied by cooling, it is reduced in volume by about.600 to 1, mak¬ 
ing it economical to transport by special ocean carriers. 

The LNG tanker represents only one phase of the movement of 
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LNG from producing field to market. A liquefaction plant is required near 
the port where the LNG is loaded aboard the tanker. Natural gas is 
moved from the producing field to the liquefaction plant by pipeline in 
the gaseous state. After liquefaction, LNG is loaded onto the tanker 
through short loading lines connecting the liquefaction plant with off¬ 
shore loading facilities. At the tanker's destination in the consuming 
country, another plant is required to regasify the LNG for distribution to 
users as natural gas. Storage at both origin and destination facilities is 
required. 

Investment in LNG carriers, or tankers, can represent as much as 
one-half the total investment in an LNG project. The entire project con¬ 
sists of carriers, a liquefaction plant and related facilities in the exporting 
country, and a gasification plant in the importing country. One reason for 
this enormous cost is that special materials and special welding methods 
must be used in LNG carrier construction. To liquefy natural gas, it must 
be cooled to about -260°F. Conventional steels become brittle at this low 
temperature. Insulation is critical to the design and construction of LNG 
tankers; cargo must be maintained at the low temperature to minimize 
losses from vaporization. 

At the end of the voyage, some LNG is* kept on board to vaporize 
during the return trip to maintain the storage tanks at a low temperature. 
If the tanks warm up during the trip, loading at the export terminal must 
be delayed to prevent damage caused by cold-shocking the tanks. The 
fewer temperature cycles to which the tanks are subjected, the longer 
their life. 8 

Several LNG carrier designs have been developed. The type of cargo 
tanks and how they are attached to the vessel are key differences among 
the designs. 

Ocean transport of natural gas via LNG tanker is likely to expand. 
Large amounts of natural gas in countries where it cannot be fully uti¬ 
lized, coupled with the growing preference for natural gas for environmen¬ 
tal reasons, promise increased international trade in LNG. Some key 
established LNG sources and markets include shipments from Algeria to 
Europe and the United States,* from Alaska, Indonesia, and Abu Dhabi to 
Japan,* and from Australia to Europe. 

■ LPG. Another category of ocean petroleum vessel is the liquefied 
petroleum gas (LPG) carrier. These carriers transport propane and butane 
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in liquid form for use in refining and as a petrochemical feedstock and for 
direct use by industry. LPG is produced in refineries and is recovered 
from natural gas in gas processing and liquefaction plants. 

LPG carriers are not as costly as the more specialized LNG vessels,* 
minimum temperature required is in the -50°F range, and more conven¬ 
tional materials and construction techniques can be used. 
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CHAPTER 2 

TYPES OF 
PIPELINES 




M 




ost oil and gas pipelines 
fall into one of three 
groups: gathering, trunk/ 
transmission, or distribu¬ 
tion. Other pipelines are 
needed in producing fields to inject 
gas, water, or other fluids into the 
formation to improve oil and gas 
recovery and to dispose of salt 
water often produced with oil. 

Small-diameter pipelines 
within an oil or gas field, called 
flowlines, are usually owned by the 
producer. They connect individual 
oil or gas wells to central treating, 
storage, or processing facilities 
within the field (Fig. 2-1). Another 
gathering system made up of larger- 
diameter lines, normally owned by 
a pipeline company rather than 
the oil or gas producer, connects 
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Fig. 2-1 Flowlines bring individual well streams to gas-oil separation facilities. Source: Oil & Gas 
Journal[ 9 December 1991, p. 19. 


these field facilities to the large-diameter, long-distance trunk or trans¬ 
mission line. In some cases, individual wells are tied directly to the 
pipeline company's gathering system. 

Crude trunk lines move oil from producing areas to refineries for 
processing. Gas transmission lines carry natural gas from producing areas 
to city utility companies and other customers. Through distribution net¬ 
works of small pipelines and metering facilities, utilities distribute natur¬ 
al gas to commercial, residential, and industrial users. 


OIL PIPELINES 



lowlines, the first link in the transportation chain from pro¬ 
ducing well to consumer, are used to move produced oil from 
individual wells to a central point in the field for treating and 
storage. Flowlines are generally small-diameter pipelines oper¬ 
ating at relatively low pressure. Typical flowline diameters in 
the United States are 2 in., 3 in., and 4 in. The size required varies accord¬ 
ing to the capacity of the well being served, the length of the line, and the 
pressure available at the producing well to force the oil through the line. 
Flowlines typically operate at pressures below 100 psi. In many fields 
around the world, high-capacity wells require larger-diameter pipelines. 

Individual oil flowlines are relatively short, typically ran ging from less 
than a mile to a few miles. However, an oil field containing many wells, 
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each of which is connected to central facilities by a flowline, can contain 
several hundred miles of pipeline in a relatively small geographical area. 

The throughput of oil flowlines ranges from a few barrels per day 
upward, depending on the capacity of the well being served. Many wells 
produce several hundred barrels per day, for instance, and some wells may 
produce as much as several thousand barrels per day. 

Offshore, relatively few flowlines are installed. For economic and 
operating reasons, most offshore development wells are directionally 
drilled from central platforms, permitting the wellheads to all be placed in 
a small area on the platform. Individual wells therefore do not normally 
need to be connected by undersea pipelines to processing equipment. 
However, a few hundred offshore wells have been drilled remote from cen¬ 
tral abovewater platforms and are connected by flowlines laid on the 
ocean floor. Also, in some cases a platform containing a number of wells 
will be connected by an undersea line to a separate platform where the oil 
is processed and/or stored. 

Because oil flowlines are short, the energy (pressure) required to 
move the oil through the pipeline to central facilities within the field is 
relatively low. There are two types of oil wells: those that flow unaided 
because of the natural energy of the reservoir and those that must be 
pumped. The pressure that forces oil in a flowing well to flow to the sur¬ 
face is usually sufficient to move the oil on to the central field facility. In 
wells in which a bottomhole pump must be used to lift the oil to the sur¬ 
face, the pump's energy also moves the fluid through the flowline. 
Additional pumps at points along the flowline are not normally needed. 

The destination of most oil flowlines is a tank battery. One or more 
tank batteries may be installed in a single field, each serving a number of 
individual wells. A typical tank battery contains a separator to separate 
oil, gas, and water; a fired heater to break water/oil emulsions to promote 
complete removal of water from the oil; and tanks for storing the oil until 
it can be shipped from the lease by truck or pipeline. Metering equipment 
is also included to measure the volume of oil leaving the lease. An addi¬ 
tional separator, separate meters, and other equipment may also be 
installed for periodic testing of individual wells. 

The oil in each flowline coming to the tank battery from an individual 
well is measured before being mixed with the flow from other wells for treat¬ 
ing and separation. This information is important for evaluating the perfor¬ 
mance of the well and the reservoir and for accounting and royalty purposes. 










Other equipment may be required at these field facilities under spe¬ 
cial conditions. Desalting facilities are needed if the produced crude con¬ 
tains large amounts of salt, and heated storage may be required if the oil is 
too viscous at low temperatures to be pumped from lease storage. 

Flowlines are normally made of steel, though various types of plastic 
pipe have been used in a limited number of applications. Sections, or 
joints, of steel pipe for flowlines can be connected by welding or by the 
use of threaded couplings. Other specialty joints and joining methods 
aimed at reducing construction time and cost have also been developed for 
both steel and other flowline materials. 

/Pipe used for oil flowlines is relatively lightweight because operat¬ 
ing pressures are low. Wall thickness for a 3-in. diameter flowline, for 
example, might typically be 0.216 in., corresponding to a weight of 7.58 
lb/ft. Heavier pipe in the 3-in. size is also available. Pipeline pipe is usual¬ 
ly referred to by its nominal size, 3 in. in this case. The outside diameter 
of nominal 3-in. diameter pipe is actually 3.500 in. 

More complete details on pipe weights, grades, and sizes are given in 

Chapter 3. 

Some flowlines are coated internally to protect against corrosion. 
Whether or not internally coated pipe is used depends on the corrosion 
potential of the oil, the expected producing life of the well being served, 
and other factors. Where flowlines are buried, they are usually also coated 
externally to minimize corrosion. 

When water and gas have been removed from the oil, it is stored in 
lease tanks for shipment. Oil may be trucked from the lease if a pipeline is 
not available, but this method is used primarily when small volumes of 
oil are produced on the lease and a pipeline is not justified, or when a new 
well is completed and the pipeline has not yet been laid to the lease. 

Oil leaving the lease must be measured, either manually or auto¬ 
matically. Manual measurement involves gauging the lease tanks before 
and after oil is removed. The volume shipped is then calculated. Oil can 
be shipped from the lease by manually operating a valve in the storage 
tank that lets oil flow into a truck or into the pipeline company's gather¬ 
ing line. 

Lease automatic custody transfer (LACT) units are used where sig¬ 
nificant oil volumes are involved. In this method, a pump is automatically 
started when the level in the storage tank reaches a prescribed height, and 
oil is pumped into the gathering line. The pump remains on until the 




level in the tank is lowered to a designated point; then the pump is auto¬ 
matically shut off. The volume of oil flowing through the LACT system is 
automatically measured. A sampler also measures,the water and sediment 
in the stream so a correction can be made to the volume measurement 
when calculating the payment to the lease owner. In fields producing large 
volumes of oil, shipment may he virtually continuous from the lease stor- 

age tanks. , . 

The next link in the oil pipeline chain is gathering lines that trans¬ 
port oil from field-processing and storage facilities to a large storage tan 
or tank farm where it is accumulated for pumping into the long-distance 
crude trunk line. These gathering systems are normally owned by t e 
pipeline company that operates the main trunk line. In the Umted States, 
these systems typically consist of lines ranging from 4 in. to 8 in in diam¬ 
eter. Size, of course, depends on the volume of crude to he moved, pipeline 
length, and other factors. Operating pressure is higher than that of field 

flowlines. 

Gathering system throughput obviously vanes widely, depending on 
the number of field storage tanks served and the producing capacity of the 
wells in each field. These gathering systems are quite flexible; their capac¬ 
ity can be increased through various methods to accommodate new pro¬ 
ducing fields in an area or other volume changes. 

The mileage contained in both crude and products-gathenng sys¬ 
tems in the United States is reported by FERC to be about 32,000 mi. 
Though an accurate count of gathering-system mileage outside the Umted 
States is not available, the same concept is used in gathering oil produc- 


■ CRUDE TRUNK LINES. From large central storage facilities, oil is 
moved through large-diameter, long-distance trunk lines to refineries or to 
other storage terminals (Fig. 2^2). In the United States, much of this traffic 
is from the oil-producing areas of the West, Southwest, and Gulf Coast to 
refining centers in the central and upper Midwest and the Gulf Coast 

This network of crude trunk lines comprises a wide variety of pipe 
sizes and capacities. Pumps are required at the beginning of the trunk line, 
and pumping stations must also he spaced along the pipeline to maintain 
pipeline pressure at the level required to overcome friction, changes in eleva¬ 
tion, and other losses. The different sections of the system are sized to han¬ 
dle expected volumes; if new Helds must be tied in by a new branch line, the 
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Fig. 2-2 East European refineries and pipelines. Source: Oil & Gas Journal, 21 October 1991, p. 62. 


capacity can often be increased by installing additional pump stations. 

Crude trunk lines operate at higher pressures than field-gathering 
systems and are also made of steel. Individual sections are joined by weld¬ 
ing. These lines are, in the United States and in populated areas in other 
countries, almost always buried below ground surface and are coated on 
the exterior to protect the steel pipe from corrosion. 

Crude oil trunk lines can be several hundred miles long. Control of 
such a system is a complex operation. Sophisticated monitoring and con¬ 
trol systems have been developed to permit the pipeline operator to fulfill 
delivery commitments and avoid a malfunction of the system. 

The complexity of these systems varies so widely that it is difficult 
to select a typical system. The fact that they traverse long distances com¬ 
plicates their construction and operation. Flowlines are usually confined 
to a single field, and the parties involved in the decision making and per- 
mitting are few. But when a line must cross land owned by many different 
owners, most of whom receive no benefit from the pipeline, just the job of 
obtaining right of way, for example, becomes significant. 

Environmental laws also require that many permits he obtained to 
cross roads and streams, pass through wildlife areas, and for other purpos- 
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es. For example, even in the early 1980s about 1,400 permits had to be 
obtained from various state and federal agencies to begin construction of a 
crude pipeline from the West Coast to Minnesota. 2 

The trans-Alaska crude pipeline, completed in 1977, is one of the 
early widely publicized examples of special requirements involved in 
building a long-distance pipeline. Not only was the permitting process a 
complex and lengthy one—an act of Congress was required to speed envi¬ 
ronmental review in the courts—but new techniques and equipment had 
to be specially developed to ensure the line did not damage the sensitive 
Alaskan environment. The possibility of a significant oil spill also had to 
be minimized. Since that pipeline was built, environmental protection 
laws have become much more stringent. An example of the complexity of 
the pipeline construction permitting process is given in Chapter 7. 

It is difficult to pinpoint a typical throughput for an individual crude 
trunkline. The trans-Alaska pipeline, a 48-in. diameter line, is designed to 
carry up to 2 million b/d, but the volume is by no means typical of all sys¬ 
tems. However, data are available on an individual company basis for 
common carrier oil pipelines. Total deliveries of crude by U.S. pipelines 
was about 6.6 billion bbl in 1990. 3 Those companies operated almost 
56,000 miles of crude trunk lines. 

GAS PIPELINES 

T he purpose of gas-gathering pipelines and gas transmission 
lines is similar to that of crude-gathering and crude trunk 
lines, respectively, but operating conditions and equipment 
are quite different. In general, gas pipelines operate at higher 
pressures than crude lines,- gas is moved through a gas pipeline 
by compressors rather than by pumps; and the path of natural gas to the 
user is more direct. 

■ GAS GATHERING. As in the case of oil wells, gas-well flowlines con¬ 
nect individual gas wells to field gas-treating and processing facilities or to 
branches of a larger gathering system. Most gas wells flow naturally with 
sufficient pressure to supply the energy needed to force the gas through 
the gathering line to the processing plant. Downhole pumps are not used 
in gas wells; but in some very low-pressure gas wells, small compressors 
may be located near the well to boost the pressure in the flowline to a 
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level sufficient to move the gas to the process plant. 

Flowing gas well pressures vary over a wide range. At the low end of 
the range are those for which a compressor must be installed near the 
well. However, many gas wells produce at such high pressures that pres¬ 
sure must be reduced at the wellhead before the gas enters the flowline. 
This permits use of lighter-weight, less-expensive steel pipe. Pressure is 
reduced at the well by a choke or pressure-reducing valve. These can be 
manually operated or of the type that automatically maintains a pre¬ 
scribed pressure downstream of the valve. 

Flowlines from individual wells carry gas to the field processing 
plant where the gas is treated to make it suitable for sale. Liquid hydrocar¬ 
bons are also separated from the wellstream for sale. In some cases, sever¬ 
al individual well flowlines feed into a larger line, which then carries the 
combined flow to the plant. 

Contracts for the purchase of natural gas from a processing plant by 
a gas pipeline operator limit the amount of water that can be contained in 
the gas when it enters the gas transmission line. This limit is normally 7 
lb/MMcf (million cubic feet). A dehydration process in the plant removes 
water to an acceptable level. Also specified in gas purchase contracts is 
the maximum amount of sulfur the sales gas may contain. If the produced 
gas contains acid gases, hydrogen sulfide, or carbon dioxide, these compo¬ 
nents must be removed in the process plant. Most field gas processing 
plants also remove hydrocarbon liquids from the produced gas stream. 
The amount of each component removed varies with the composition of 
the gas stream, the capability and design of the plant, general economic 
conditions, and market conditions for natural gas liquids and natural gas. 
But a field gas processing plant typically removes varying amounts of 
ethane, propane, butanes, and heavier hydrocarbon liquids from the gas 
stream. A mixture of components heavier than butane is often marketed 
as one product, natural gasoline. 

Water and acid gases are removed from the wellhead gas stream 
because they can cause corrosion and other problems in long-distance 
pipelines and associated equipment. Hydrocarbon liquids are removed 
because of their value as individual products for petrochemical feedstock 
and other uses. 

Lengths of individual gas well flowlines vary, but they are normally 
from less than a mile to a few miles long. The lines are relatively small; 
diameters typically range from 2 in. through 4 in. Operating pressures also 
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vary over a wide range but in general are higher than the operating pres¬ 
sures of oil-well flowlines. Gas-well flowlines may operate at several hun¬ 
dred psi, and in some cases up to 2,000 psi or more where plant and field 
operating conditions make bringing the gas to the plant at a high pressure 
desirable. Where wells produce at high pressure, this pressure can some¬ 
times be used to provide energy in the gas processing plant. If the pressure 
were reduced at the wellhead by a choke or pressure-reducing valve, that 
energy would be dissipated. If, however, the wells flow to the plant at high 
pressure, that energy can be used within the plant to drive equipment or 
provide refrigeration for the process. 

Length, operating pressure, size, and throughput of gas well flow¬ 
lines depend on the capacity of the producing well, the type of gas pro¬ 
duced, process plant operating conditions, plant location, and other fac¬ 
tors. 

An accurate measure of the total mileage of gas well flowlines is not 
available. There are, however, more than 730 natural gas processing plants 
in the United States alone, and more than 745 such plants exist elsewhere 
in the world. 4 

■ GAS TRANSMISSION. From field-processing facilities, dry, clean nat¬ 
ural gas enters the gas transmission-pipeline system for movement to 
cities where it is distributed to individual businesses, factories, and resi¬ 
dences. Distribution to the final users is handled by utilities that take cus¬ 
tody of the gas from the gas transmission pipeline and distribute it 
through small, metered pipelines to individual customers. 

Like crude trunk lines, gas transmission systems can cover large 
geographical areas and can be several hundred miles long or more. Much 
gas is moved, for example, from Texas and Louisiana to the populated 
areas of the northeastern United States. A plan considered in the early 
1980s to bring natural gas from Alaska's North Slope would involve a gas 
pipeline system about 4,800 mi long. That project was never built, howev¬ 
er. A large gas line about 2,800 mi long brings Russian gas to western 
Europe and gas pipelines in western Siberia cover thousands of miles. In 
the United States alone, where natural gas transmission pipelines are reg¬ 
ulated, the FERC reported that natural gas pipeline companies in 1990 
operated about 62,000 mi of field-gathering lines and 208,000 mi of trans¬ 
mission line. 

Gas transmission lines operate at relatively high pressures. 





* 


Oil and Gas Pipeline Fundamentals 

36 


Compressors at the 
beginning of the 
line provide the 
energy to move the 
gas through the 
pipeline. Then com¬ 
pressor stations are 
required at a num¬ 
ber of points along 
the line to maintain 
the required pres¬ 
sure (Fig. 2-3). The 
distance between 
compressors varies, 
depending on the 
volume of gas, the 
line size, and other 
factors. Capacity of 
the system can 
often be increased 
by adding compres¬ 
sors at one or more 
of these compressor 
stations or by build¬ 
ing an additional 
compressor station. 

The size of com¬ 
pressors within the station varies over a wide range, but many stations 
include several thousand horsepower in one station. 

Gas transmission pipelines are made of steel pipe and are buried 
below ground surface. The individual sections of pipe are joined by weld¬ 
ing, and the pipe is externally coated to protect against corrosion. Pipe 
size ranges up to as large as 60 in. in diameter. Volumes handled by indi¬ 
vidual systems, as is the case with crude trunk lines, vary widely. 

The operation of a gas transmission system that moves gas over a 
large geographic area and contains several compressor stations and other 
facilities is a complex control challenge. Computers and sophisticated 
communications systems have been joined to allow pipeline operators to 
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deliver the volumes required and to minimize malfunctions of the system. 
Because the needs of customers change more frequently and more rapidly, 
control of natural gas pipeline deliveries can be even more complex than 
the operation of a crude trunk line. The effects of a lack of natural gas, 
because gas provides home heating and fuel for business and industry, can 
be felt more immediately in some cases than a disruption in the delivery 
of cmde to a refinery. 

The Alberta gas transmission division of NOVA, An Alberta 
Corporation, is an example of a large gas-gathering and transmission sys¬ 
tem. NOVA gathers and transports all of the natural gas in the province of 
Alberta, Canada, that is to leave the province. In 1988, NOVA operated 
over 8,700 mi of gas pipeline, ranging in size from 2-in. diameter to 42-in. 
diameter. The system had over 680 receipt points and 38 compressor sta¬ 
tions. 5 Total compressor horsepower was over 500,000 hp. 

PRODUCTS PIPELINES 

T he industry's products pipeline system, especially in the 
United States, is a sophisticated transportation network. 
Many segments of the system are highly flexible in both 
capacity and the products that can be transported. 

One part of this system moves refined petroleum prod¬ 
ucts from refineries to storage and distribution terminals in consuming 
areas. Products shipped include the several grades of gasoline, aviation 
gasoline, diesel, and home heating oils. In the United States, much of this 
movement is from Gulf Coast refining centers to the East and Southeast. 
But significant volumes of these products also are shipped from the Gulf 
Coast to the upper Midwest. In other countries products pipelines may 
move refined products from coastal refineries or tanker unloading termi¬ 
nals to the interior of the country to supply populated areas. 

Another group of products pipelines is used to transport liquefied 
petroleum gases (LPG) and natural gas liquids (NGL) from processing 
plants in oil and gas-producing areas to refineries and petrochemical 
plants (Fig. 2-4). In some cases, a mixed stream of liquid hydrocarbons 
separated from natural gas at field processing plants is moved to a frac¬ 
tionation point where the mixed stream is separated ( fractionated ) into 
individual products, including ethane, propane, and butanes. 

Products pipelines can often carry several different products in the 






Fig. 2-4 Example of a products pipeline system. Source: Oil & Gas Journal, 14 September 1981, p. 102. 
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same pipeline. Though there is a short length of the pipeline in which two 
such "batched" products may be mixed, operating methods allow the 
purity of each product to be maintained. Batching is done either with or 
without a physical barrier separating the two products. Where no physical 
barrier is used between different products, the difference in density of the 
two materials maintains the separation (under pressure and in turbulent 
flow) with only a short length interval in which mixing occurs. The posi¬ 
tion of each batch and the extent of mixing can be monitored at points 
along the line by measuring the density of the fluid in the line. Sphere 
batching is also used. A sphere can be inserted in the pipeline to form a 
physical barrier between batches of different products to maintain separa¬ 
tion. 

Movement of more than one product in a single pipeline obviously 
calls for even more sophisticated monitoring and control than is required 
for continuous movement of a single product. 

Products pipelines often must operate at higher pressures than crude 
pipelines because the material being transported is lighter than crude. 
Products being shipped must remain in a liquid phase rather than become 
a mixture of gas and liquid. If gas is allowed to enter the liquid pumps on 
the pipeline, pump efficiency is lowered and pump damage may result. In 
general, lighter (lower-density) materials require higher operating pres¬ 
sures to prevent formation of gas in the pipeline. For instance, one prod¬ 
ucts pipeline that moves ethane from ethane extraction facilities to ethyl¬ 
ene manufacturing facilities and underground storage sites has a 
maximum operating pressure of 1,440 psi. To prevent vaporization, design 
criteria for this pipeline called for a minimum pump suction pressure of 
650 psi. Ethane is the lightest hydrocarbon transported in products 
pipelines; the pressure at which vaporization occurs decreases as the den¬ 
sity of the material being shipped increases. 

Like crude and natural gas pipelines, there are no typical products 
pipelines or products pipeline systems, but 8-in. diameter through 16-in. 
diameter products pipelines are common. These are certainly not limits on 
pipeline size,- both smaller and larger lines are in service. In Saudi Arabia, 
for instance, a 730-mi-long pipeline to move natural gas liquids from field 
processing plants in the eastern province to the west coast consists of 26- 
in. and 28-in. diameter pipe. 6 Throughputs and capacities of products 
pipelines not only differ among systems, but the capacity of a single line 
varies with the material being shipped. And the capacity of a given line for 
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a given product can often be increased by installing additional pumps at 
pump stations. As an example—it is by no means average—one products 
pipeline system that moves LPG, diesel, gasoline, and heating oil from a 
refinery in West Texas to a distribution center in eastern Kansas consists 
of 16-in., 12-in., and 8-in. lines and has a capacity of 140,000 b/d. 7 

Another system shows the complexity and flexibility of a modem 
products-pipeline system. It connects gas processing plants in New 
Mexico, Colorado, Wyoming, and Utah to a pipeline and distribution sys¬ 
tem in the upper Midwest. The 1,170 mi of main line and branch gather¬ 
ing lines carries a mixed stream of ethane, butane, propane, and natural 
gasoline. Operating pressure of the line is 1,600 psi. Initial capacity was to 
be 35,000 b/d, but eventually the system is expected to handle 65,000 
b/d. 8 The main line of the system is 12-in. and 10-in. diameter pipe, and 
laterals are 8-in., 6-in., and 4-in. diameter. 

Initially, the system would have five pumping stations with a total 
of 8,000 operating pump hp. When capacity is boosted to 65,000 b/d, five 
additional stations would be installed and total pump horsepower would 
be 20,000 hp. This project also provides an example of what is involved in 
crossing wildlife areas, just one of the many types of areas for which per¬ 
mits must be obtained and in which activity is restricted. 

In the United States, pipeline firms reporting to the FERC operated 
over 80,000 mi of products pipelines in 1990. Product deliveries by these 
companies through this network amounted to more than 4.8 billion bbl 
during that year. 9 

OTHER PIPELINES 

B n addition to oil, gas, and products pipelines, there are other 
types of energy-related pipelines. Many are operated by oil and 
gas producers or groups of producers to solve special problems, 
to increase the production of oil and gas, or to market tradi¬ 
tional products in a more efficient way. Some of these 
pipelines carry oil and gas in somewhat different forms or combinations. 
Multiphase pipelines, for example, carry oil and gas together in the same 
line at the same time,* LNG pipelines carry natural gas, but in a liquid 
form rather than as a gas in the case of gas transmission lines. 

Pipelines also carry nonpetroleum products. Coal slurry lines, for 
example, may become a more significant factor in energy transportation 
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where large coal reserves exist. And the industry's emphasis on enhanced 
recovery of oil in the United States in the mid-1980s resulted in the 
design and construction of pipelines to carry carbon dioxide to oil-produc¬ 
ing areas for injection into the oil reservoir. 

■ TWO-PHASE PIPELINES. In most cases, it is desirable to transport 
petroleum as either a gas or a liquid in a pipeline. In a line designed to 
carry a liquid, the presence of gas can reduce flow and pumping efficiency; 
in a gas pipeline, the presence of liquids can reduce flow efficiency and 
damage gas compressors and other equipment. Different materials can be 
moved in a crude or products pipelines as discussed earlier, but both are 
normally transported as liquids. 

There are, however, cases where it is more economical or more prac¬ 
tical to transport both liquid and gas in the same pipeline at the same 
time. In general, these situations occur when the volumes to be moved are 
relatively small and flow efficiency is not a critical factor, or where the 
construction of two separate lines—one for liquid and one for gas—will be 
very expensive. 

An example of the first situation is a flowline that brings production 
from an individual well to a field processing facility. Most oil wells pro¬ 
duce some natural gas along with the crude. The amount of gas produced 
with the oil—the gas/oil ratio—varies from field to field and often changes 
with time in a single well. 

Many gas wells also produce large amounts of liquids, or conden¬ 
sate. In these cases both oil and gas produced from a single well can usual¬ 
ly be accommodated in one flowline to the field's crude separation or gas¬ 
processing facility. The flowline usually has more than adequate capacity, 
and flow efficiency is not critical; the distance the fluids must travel is 
also relatively short. 

Two-phase pipelines have also been used offshore where pipeline 
construction costs are high. In this case flow efficiency in the line may be 
very important, but careful design of the system can make a two-phase 
line an economic alternative to the construction of two separate pipelines. 

The design of pipelines for two-phase flow is a complex problem. 
Continued research over decades has failed to simplify the problem to any 
great extent. In any pipeline that must handle a specified throughput, an 
estimate of the pressure drop in the line is a key to proper design of line 
size and pump capacity. This estimate is difficult in the case of two-phase 


pipelines because there are several flow regimes—laminar, plug, slug, tur- 
bulent—that can be present in the line. The pressure drop that must be 
overcome by pumps is different for each of these regimes, and it is diffi¬ 
cult to tell which of the regimes will be present for a given set of operat¬ 
ing conditions. A slight change in flow or pressure can often move the 
flowing conditions into another regime, drastically affecting the efficiency 
of the pipeline. Additional equipment is also often needed m a two-phase 

pipeline system to handle liquid "slugs." 

These uncertainties have limited the use of two-phase pipelines to 
those applications where there is no other reasonable alternative. But such 
a pipeline system can be designed and operated satisfactorily. For exam¬ 
ple, two 32-in. diameter, 360-km-long two-phase pipelines were being suc¬ 
cessfully operated in the North Sea in the early 1980s and more such facil¬ 
ities were planned. 10 Computer modelling of two-phase flow conditions 
has helped arrive at a more accurate design, and experimental work is still 
being done to confirm theoretical data. The design of a two-phase pipeline 
requires more accurate data than the design of a single-phase pipeline; 
even the route can have a significant effect on the satisfactory operation of 
a two-phase pipeline. 

■ LNG PIPELINES. Liquefied natural gas (LNG) is natural gas cooled and 
compressed to a temperature and pressure at which it exists as a liquid. 
Significant volumes of natural gas are transported in the liquid phase as 
LNG, but these shipments are made by special ocean tanker rather than 
by long-distance pipeline. 

Short pipelines, however, are in operation in association with gas 
liquefaction or vaporization plants and terminals for loading and unload¬ 
ing of LNG tankers. Natural gas is moved from the producing fields in the 
gaseous form to a liquefaction plant near a shipping port where the gas is 
liquefied for loading aboard an LNG tanker. At the tanker's destination in 
the consuming area, LNG is unloaded from the tanker to storage, and the 
LNG is a gain vaporized for distribution in the gaseous state to consumers. 
Liquefaction of natural gas provides a way to transport it from producmg 
countries to consuming countries when natural gas pipelines are not pos¬ 
sible. For land transportation, pipelining natural gas in the vapor phase is 
still the preferred method. 

But the feasibility of long-distance LNG pipelines has been studie . 
The key advantage of moving natural gas as a liquid is that as a liquid it 














has a much higher density. As a result, a smaller-diameter pipeline can be 
used to transport an equal amount of gas, and less pumping horsepower is 
required. This ability to carry more gas in less space is one reason for the 
development of LNG tankers. 

The disadvantages of long-distance LNG pipelines stem from the 
fact that the gas must be kept at a low temperature to maintain it in a liq¬ 
uid phase. This requires insulation of the pipeline and cooling stations to 
remove the heat that is added by pumping. Special steels will also be 
required because of the low operating temperatures of an LNG pipeline. 
An LNG pipeline will also be harder to start up after a shutdown than a 
vapor-phase pipeline or a crude oil pipeline; it would also be less smtable 
for operation at partial loading. 

There may, however, be some applications in which this approach 
to moving natural gas long distances has merit. A study by Stuchly and 
Walker assessed the technology of LNG pipelines and considered a hypo¬ 
thetical pipeline in Canada to carry a design volume of 2,500 MMcfd. 
That study was based on a 1,430-mi pipeline. Economic and engineering 
calculations resulted in the selection of a 36-in. pipeline insulated with 6 
in. of urethane foam insulation that would operate at a temperature of 
140°F. Minimum operating pressure was set at 540 psia, and maximum 
operating pressure at 790 psia.l 1 

Allowable pressure drop and temperatures required to keep the LNG 
in a liquid phase—and other parameters—determine the spacing of pump¬ 
ing stations and cooling stations. Locating the cooling stations at pump 
station sites is the most practical and economical approach. The result of 
this study was a design calling for 20 pumping/cooling stations ranging 
from 32 to 107 mi apart. 

■ CC >2 PIPELINES. Interest in increasing oil recovery from U.S. reser¬ 
voirs has centered on several enhanced oil recovery (EOR) techniques, 
including the injection of carbon dioxide (C0 2 ) into the reservoir. Sources 
of C0 2 include flue gas and natural reserves. In both cases, pipelines are 
needed to move the C0 2 to the oil-producing field in which it will be 
injected; and distribution lines within the oil field through which the 
C0 2 is injected into individual injection wells. 

One large project built in the early 1980s involved a 495-mi carbon 
dioxide pipeline to transport naturally occurring C0 2 from Colorado to 
Texas. The project included a 30-in. diameter pipeline and was estimated 
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in 1981 to cost about $1.6 billion. Of this, the pipeline and associated 
compressor stations cost about $250 million. The remainder was required 
for developing the CO 2 supply area, including processing facilities, com¬ 
pleting wells, field facilities, and a gas treating plant at the pipeline's oil 
field destination. 12 The owners estimated that CO 2 injection could recover 
an additional 280 million bbl of oil from the field, extending its produc¬ 
tive life by 20-25 years. 

Design considerations for a CO 2 pipeline are unique. 13 Adequate 
operating pressures are necessary to maintain the CO 2 as a liquid. An 
important design consideration is to provide adequate pressure at pump 
suction to prevent pump cavitation. Cavitation occurs when some of the 
liquid in the suction line or pump vaporizes,- then the vapor bubbles col¬ 
lapse in a higher-pressure region of the pump. It is also necessary to deter¬ 
mine accurately any impurities in the carbon dioxide since they have a 
dramatic effect on the vapor pressure of the CO 2 —the pressure below 
which it vaporizes. 

Selection of pipe for CO 2 pipelines is a critical design step because 
carbon dioxide's unique properties can cause fracture effects that differ 
from those found in natural gas pipelines. 

Operation of a CO 2 pipeline is not hazardous. Carbon dioxide is not 
toxic even in relatively large concentrations, though its high density 
(heavier than air) causes it to stay near the ground, increasing the danger 
of asphyxiation. The danger of a fire from a line break is almost nonexis¬ 
tent. 

The total mileage of carbon dioxide pipelines in service is a small 
share of petroleum industry pipelines. But considerable growth is possible 
if the use of CO 2 in enhanced oil recovery becomes more widespread. 
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■ COAL SLURRY PIPELINES. Slurry pipeline systems have been operat¬ 
ing for years, carrying finely ground solids in water. 

Long-distance coal slurry pipelines are unique in their design and 
operation. Two key obstacles slowed the development of a coal slurry 
pipeline network in the United States in the early 1980s: a satisfactory 
solution to problems involved in obtaining large amounts of water and dif¬ 
ficulty in obtaining permission to cross railroad rights of way. 

The water supply situation is aggravated by the fact that the 
nation's western coal is located in an area where water is especially 
scarce. But the builder of one major coal slurry pipeline, the Energy 
Transportation Systems Inc. (ETSI) line, has shown that the water prob¬ 
lem is not insurmountable. It worked out a water transfer agreement that 
could be applied to other systems. Though the water issue has been an 
emotional one, water required for coal slurry-pipeline operations is rela¬ 
tively small, compared with many energy processes. 14 

The Black Mesa coal slurry pipeline began commercial operation in 
1970 and by late 1980 had shipped about 32 million tons of coal from a 
mine near Kayenta, Arizona, to a power-generating plant in southern 
Nevada. 15 Most of the 273 mi of pipeline is 18-in. diameter. The design 
featured a slurry preparation plant with cage mills for dry crushing, rod 
mills for wet grinding, and safety screens that limit the particle size. After 
screening, the slurry is diluted to the concentration required for pipelin¬ 
ing. 

In early 1981, it was estimated that coal slurry pipelines in the 
United States involving 10,790 mi of pipeline were planned. 16 But when 
oil and gas prices declined again, and coal became less competitive with 
petroleum, interest in coal slurry lines waned. 
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CHAPTER 3 


PIPE MANUFACTURE 
AND COATING 

B teel pipe used in 
pipeline construction is 
commonly called line 
pipe to distinguish it 
from steel casing and 
tubing, installed below ground in 
oil and gas wells, and drill pipe, 
used for oil and gas well drilling. 

Line pipe differs from other oil 
country tubular products in that 
an exterior coating is usually 
applied to minimize corrosion. 

The proper design and application M 
of pipe coating is a key to pipeline 
safety and dependability. 

Line pipe comes in a wide 
range of sizes. It is made from 
steels with various chemical com¬ 
positions and different physical 
properties using several manufac¬ 
turing processes. The physical and 
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chemical properties of steel used to make line pipe and the manufacturing 
processes are rigidly controlled to meet the applicable specifications. 
Specifications also cover pipe dimensions, allowable tolerances, permissi¬ 
ble defects, and testing. 

PIPE MANUFACTURE 

M uch of the line pipe used today is manufactured according to 
specifications of the American Petroleum Institute (API). 
Qualified manufacturers are permitted to use the API mono¬ 
gram on pipe they sell. The marking is a warranty that the man¬ 
ufacturer has obtained a license to use the monogram and that 
the product that bears the marking conforms to the applicable API specifica¬ 
tion. The API, however, does not warrant products that bear the monogram. 

Though much of the line pipe used in the petroleum industry is 
manufactured under one of several API specs, the specifications state, 
"These specifications are not intended to obviate the need for sound engi¬ 
neering nor to inhibit in any way anyone from purchasing or producing 
products to other specifications." 

The key specification applicable to line pipe is the API Spec 5L, 
which covers seamless and longitudinally welded steel pipe. 1 It covers 
Grades A, B, and X and incorporates Spec 5LS and 5LX, which previously 
were separate publications. 

API line-pipe grades are designated by their minimum yield strength 
in pounds per square inch (psi). Yield strength is the tensile stress required 
to produce a specified total, permanent elongation in a test sample of the 
steel; the test sample and procedure are detailed in specifications. Grade A 
line pipe has a minim um yield strength of 30,000 psi; Grade B a minimu m 
yield of 35,000 psi. In the remaining grades, X42 indicates pipe made of 
steel with 42,000-psi minimum yield strength; X60 pipe has a minimum 
yield strength of 60,000 psi, etc. 

Line pipe manufactured under API specifications is made from open- 
hearth, electric-furnace, or basic-oxygen steel. 

There has been an increase in the strength of steels in the past few 
decades. Use of API X70 pipe has become fairly common, and NOVA 
Corp. of Alberta, Canada, was the first to use API X80 pipe in a high-pres¬ 
sure gas pipeline. Use of high-strength pipe allows a savings of material 
because pipe wall can be thinner. 2 
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■ MANUFACTURING PROCESSES. Two general types of line pipe are 
manufactured: seamless and welded. These designations refer to how each 
length, or joint, of pipe is manufactured, not how the joints are connected 
in the field to form a continuous pipeline. Seamless steel pipe is made 
without a longitudinal weld by hot working lengths of steel to produce 
pipe of the desired size and properties. 

In the welded category, there are several manufacturing processes. 
They differ both by the number of longitudinal weld seams in the pipe and 
the type of welding equipment used. Electric-welded pipe is defined by 
API as pipe with one longitudinal seam formed by electric flash welding, 
electric resistance welding, or electric induction welding without the 
addition of extraneous metal. 

Submerged arc welded pipe is pipe having one longitudinal seam 
formed by automatic submerged arc welding. At least one pass must be 
made on the inside and at least one pass on the outside. 

Gas metal arc-welded pipe is pipe having one longitudinal seam 
formed by continuous gas metal arc welding. At least one pass must be 
made on the inside and at least one pass on the outside of the pipe. 

Double-seam welded pipe, specified in API Spec 5L as applicable to 
Grades A through X80 in sizes larger than 36 in. outside diameter (OD), 
has two longitudinal seams formed by the submerged arc welding process 
or the gas metal arc welding process. The seams are located about 180° 
apart. 

Spiral weld pipe has a spiral seam along its length formed by either 
the electric welding process or the automatic submerged-arc process. At 
least one welding pass is made on the inside and at least one on the out¬ 
side of the pipe. 

Most of the pipe used for oil and gas pipelines, particularly in the 
United States, is either seamless or longitudinally welded pipe. But spiral 
weld pipe has been used increasingly in oil and gas service in many areas 
of the world. Spiral weld pipe still is used for only a relatively small share 
of oil and gas pipelines. One reason is that only a small number of mills 
are capable of producing it to meet specifications. Spiral weld pipe can 
offer advantages. It can be produced in diameters of more than 64-in. OD, 
and it is not necessary to use a large number of forming tools for various 
sizes. 3 The diameter of spiral weld pipe is continuously adjustable so any 
diameter can be produced from a base material of constant width. 

Pipe furnished to API Spec 5L may be heat treated using one of sev- 
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eral processes: rolled, normalized, normalized and tempered, quenched 
and tempered, subcritically stress-relieved, or subcritically age-hardened. 
Heat-treating processes are used to modify the steel's characteristics to 
give it specific physical properties. 

Leading manufacturers of line pipe are located in the United States, 
Europe, and Japan. 

■ CHEMICAL PROPERTIES. The chemical composition of steels is var¬ 
ied to provide specific properties. API specifications give a detailed listing 
of the amount of each element that can be contained in a given grade of 
steel used for line pipe. 

Carbon is a key component in all steels. The amount of carbon 
affects the strength, ductility, and other physical properties of steel. 
Maximum carbon content ranges from 0.21%-0.31%, depending on the 
grade of steel used and the method of pipe manufacture. Maximum and 
minim um contents are also prescribed in API specifications for various 
pipe grades for manganese, phosphorous, sulfur, columbium, vanadium, 
and titanium. Not all of these materials are present in all grades,* some are 
added to certain line pipe steel grades to provide special properties. 

In general, the amount of manganese required in line pipe steel 
increases as the grade (strength) increases. For instance, the maximum 
manganese in Grade A pipe is 0.90% and the maximum content in Grade 
X70 is 1.60% (API specs). 

■ PHYSICAL PROPERTIES. Just as close a watch is kept on physical 
properties during pipe manufacture as is kept on chemical composition. 
Tests required on the steel, and on the welded or seamless pipe, include 
several types of tensile tests, fracture toughness tests, bending tests, duc¬ 
tility tests, and others. The appropriate specifications detail where test 
specimens will be taken and how the test will be conducted. 

In addition, a hydrostatic test must be made on each length of pipe 
at the mill. Test pressures are outlined in the specification for each grade, 
weight, and size of pipe. In general, the required hydrostatic test pressure 
increases with increasing strength (grade) and with increasing wall thick¬ 
ness (weight). For instance, the minimum test pressure for 8 5/8-in. OD, 
Grade X42 pipe with a 0.188-in. wall thickness is 1,370 psi. Pipe of the 
same size and wall thickness, but in Grade X70, must be tested to 2,290 
psi. Pipe of the same X42 grade but with a heavier wall thickness of 0.438 



in. must be tested to 3,000 psi. This test pressure of 3,000 psi is the maxi¬ 
mum required for any grade or any wall thickness in the 8 5/8-in. size. 

Test pressures required for other pipe sizes follow the same trends 
increasing with grade and weight with a maximum test pressure that 
applies to several of the heaviest weights in that size. These hydrostatic 
pressures are only for testing at the pipe mill. They are not design pres¬ 
sures and do not necessarily have any direct relationship to the working 
pressure of the pipeline after it is installed. The hydrostatic pressure test 
performed on the installed pipeline will be determined based on operating 
conditions and test pressures specified by regulatory agencies and other 
specifications. 

API specifications also prescribe dimensions, weights, and lengths 
for each size and grade as well as permissible tolerances on these dimen¬ 
sions. Diameter, wall thickness, weight, length, and straightness, for 
example, are specified, as well as the permissible use of jointeis. Jointers 
are two pieces coupled or welded together to make a standard length of 
pipe. They may be included only up to a specified maximum percent in 
any order, and the length of each piece must be greater than a specified 
minimum. 

Line pipe manufacturing specifications discuss a number of defects 
that may cause the pipe to be rejected, including dents, improperly aligned 
edges at the welded seam, an out-of-line weld bead, improper weld bead 
height, and excessively hard spots in the steel. Cracks, leaks, laminations, 
and arc bums are also considered defects. An arc bum is a point of surface 
melting caused by arcing between the welding electrode and the pipe sur- 
face. 

Not only are these defects described in detail, but the steps required 
to repair them are also set forth in the specifications. 

■ PIPE ENDS. Pipe is furnished by the manufacturer with either plain ends 
for welding or threaded ends that will be joined by a threaded coupling. Bell 
and spigot ends are also furnished in a few of the lighter pipe weights. On 
pipe furnished with a threaded end, the coupling is screwed onto one end of 
the pipe and a thread protector is installed on the other end. Threads on the 
pipe and threads on the coupling must meet specification requirements and 
tolerances. Unless ordered otherwise, the threaded coupling is screwed on 
only "hand tight" so that it may be easily removed at the job site for thread 
inspection and cleaning and the application of thread compound. 


Plain end pipe is used for a pipeline in which the individual joints 
will be welded together. It is furnished with a square-cut end or a bevelled 
end, depending on pipe size and wall thickness. 


If required, pipe ends can also be prepared for special couplings. 
Some of these couplings require a groove around the circumference of the 
pipe near each end, for instance. 


■ MARKING. Pipe manufactured under API specifications must be prop¬ 
erly marked so pertinent information can be obtained at a glance. 
Markings include the following: 


1. Manufacturer's name or mark 

2. Spec 5L 

3. Size of the pipe in inches 

4. Weight of the pipe in pounds per foot 

5. The pipe grade (A = Grade A; B = Grade B ; X52 = Grade X52; etc.) 

6. The process used to manufacture the pipe (S = seamless; E = welded 
pipe, except continuous-welded; F = continuous-welded pipe) 

7. Heat treatment performed (HN = normalized, or normalized and 
tempered; HS = subcritical stress relieved; HA = subcritical 
age-hardened; HQ = quenched and tempered) 

8. Test pressure, if higher than the pressure tabulated in the 
appropriate specification 

9. Any other requirements 

As an example, the stencil marking for 14-in., 54.57-lb/ft, Grade B, 
seamless, regular weight, plain end pipe is: AB CO Spec 5L 14.00 54.57 B S 

■ WHAT'S USED WHERE. Pipe manufactured by each of the different 
processes is used in a variety of applications. In general, seamless pipe is 
manufactured m the smaller sizes because the process is not practical for 
very large-diameter pipe. Welded pipe is manufactured in a wide range of 
sizes. The use of spiral-weld pipe for large-diameter pipelines is growing, 
in part because of advantages spiral welding offers in the manufacturing 
process. 

The size pipe (diameter) used in any pipeline depends primarily on 
the volume to be handled. The size selected for a given throughput repre¬ 
sents the most economical combination of pumping or compression 




uses 
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horsepower and working pressure. For example, a given volume of gas 
could be transported through a relatively small-diameter pipeline by oper¬ 
ating the pipeline at a high pressure and using a large amount of compres¬ 
sion horsepower. But this is usually not the most economical design, 
either from a capital cost or an operating cost standpoint. A larger pipeline 
could handle the desired volume at lower operating pressure using less 
compression horsepower. Compressor capital costs and operating costs 
would be lower, and safety would likely be increased. 

In addition, a significantly lower pressure would require a lighter 
pipe (lesser wall thickness) and would eliminate the need for high-pres¬ 
sure valves and other special equipment. The incremental cost for laying 
the larger pipeline would be small, relative to the total construction cost. 
Of course, larger-diameter pipe is more costly, but the added cost could 
easily be offset by its advantages. 

Oil and gas pipeline sizes vary from 2 in. to 60 in. in diameter, 
depending on the system and required throughput. Typically, flowlines in 
an oil- or gas-producing field range in size from 2 in. to 6 in. OD; gathering 
systems consist of pipe ranging from 4 in. to 12 in. in diameter, and long¬ 
distance crude trunk lines and natural gas transmission lines can range up 
to 56 in. in diameter or more. API Spec 5L includes dimensions, weights, 
and test pressures for plain-end line pipe in sizes up to 80 in. in diameter. 
The ranges given here for different types of pipelines are not limits, but 
represent typical sizes used in each type of system. 

Several weights are available in each line pipe diameter. The weight 
of the pipe in lb/ft in turn varies as the wall thickness for a given outside 
diameter. For instance, API Spec 5L, in its table of weights, dimensions, 
and test pressures for plain-end pipe, lists 24 different weights in the 16- 
in. diameter size (five weights are special weights), ranging from 31.75 
lb/ft to 196.91 lb/ft (Table 3-1). The corresponding wall thickness ranges 
from 0.188 in. to 1.250 in. As the wall thickness increases for a given out¬ 
side diameter, the inside diameter of the pipe decreases. In this example 
for 16-in. OD pipe, the inside diameter (ID) decreases from 15.624 in. for 
the lightest weight pipe to 13.500 in. for line pipe weighing 196.91 lb/ft. 
The same relationships apply to other line pipe sizes; a variety of weights 
are available and wall thickness increase as weight increases. 

The weight of pipe—wall thickness rather than weight is actually 
used in design calculations—used for a given project depends primarily on 
operating pressure and the design factor, or safety factor, required. For 
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instance, when passing through a heavily populated area, a pipe with a 
thicker wall than would be specified in open areas for the same operating 
pressure may be required. 

For a given operating pressure, a greater wall thickness may also be 
required in corrosive soil environments or when transporting corrosive 
fluids. For offshore pipelines, heavier pipe may be required to resist instal¬ 
lation stresses during laying. 

Service conditions also help determine what grade of pipe is to be 
used. Generally, the more severe the service, the higher the strength of 
the pipe selected. Small flowlines in oil and gas fields might typically use 
Grade B pipe because operating pressures are relatively low and the oper¬ 
ating life of the pipeline is not expected to be as long as that of a gathering 
system or long-distance trunk or transmission line. The flowline's useful 
life is normally equal to the producing life of the well it serves. 

Higher-strength pipe is used for pipelines operating at high pres¬ 
sures, in environments that are more corrosive, and when installation 
stresses are high. Special grades and pipe with a particular heat-treating 
process or other special manufacturing step may also be required in Arctic 
environments. Extremely low temperatures cause some steels to be more 
susceptible to failure by fracture, for example. 

■ OTHER TYPES OF PIPE. Gathering systems for oil and gas and long¬ 
distance pipelines are virtually all made of steel, and the individual 
lengths of pipe are normally joined by welding. Pipe made of materials 
other than steel, including fiberglass pipe, pipe made of various plastics, 
and cement asbestos pipe, has been used for special applications. Steel 
pipe with an internal lining of cement or other material has also been 
used. 

These special pipe materials are typically used in relatively low- 
pressure applications and in corrosive service. Saltwater disposal pipelines 
are an example. Water produced with oil and separated at field-processing 
facilities must be disposed of in accordance with environmental and other 
regulations. This severe service is often better handled by materials with 
greater corrosion resistance than steel. 

Installation of fiberglass or plastic pipe may require special proce¬ 
dures. Rather than being welded, individual lengths are joined by a bell- 
and-spigot joint, an adhesive bonded joint, a coupling that uses an O-ring 
to seal the joint, or other special joining methods. Because these materials 
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are often not as ductile as steel, care may be necessary when installing 
them in the ditch. A sand "pad" may be needed, for instance, in rocky soil 
to prevent damage to the pipe. Rocks that might cause the pipe to break 
under the weight of backfill material often must be removed from the 
ditch. 

These types of pipe have been available primarily in small to medi¬ 
um diameters because their application involved relatively small through¬ 
puts. But fiberglass pipe has been offered in sizes up to 48 in. in diameter. 

Flexible pipe has also been used in a number of offshore applica¬ 
tions. It offers ease of installation and can handle high pressures and 
extreme service. 

The pipe is contained on a large powered reel on the lay barge and 
passed over the stem of the ship during installation. Proper tension must 
be maintained on the line as it is laid, and installation forces are an impor¬ 
tant consideration. 

In 1990, flexible pipelines were installed in water depths ranging 
from 930 to 1,760 ft in rough seabed conditions in the Gulf of Mexico. 4 
The pipe used in this application had several layers: a stainless steel car¬ 
cass, a nylon pressure sheath, a steel layer, a polyethylene anti-friction 
sheath, a double layer of cross-wound steel armor, and a final polyethyl¬ 
ene sheath for external protection. 

Though steel pipe is used for most oil and gas field and long-distance 
pipelines, plastic pipe has long dominated gas distribution piping. 5 In 
1982, almost 80% of the more than 23,000 mi of new and replacement 
mains and service lines installed in the United States was plastic pipe. 
More than 50% of the new distribution piping installed each year between 
1974 and 1982 was plastic pipe. Users of plastic pipe for these services cite 
several advantages: it is less expensive to buy, it is easier and more eco¬ 
nomical to install, and no cathodic protection is required to prevent corro¬ 
sion. 


PIPE COATING 



ost pipelines are coated on the exterior to protect against cor¬ 
rosion and other damage. The coating inhibits the flow of elec¬ 
tric current from the pipe and the resulting loss of steel. Some 
pipelines are coated on the interior to improve flow conditions 
or to protect against corrosion by the fluid being transported. 


* 

K 
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Fig. 3-1 Tape is being wrapped over corrosion coating. Source: Oil & Gas Journal, 20 
November 1978, p. 110. 


In addition to exterior corrosion protection coating, offshore pipelines also 
are coated with a layer of concrete to provide the weight needed to keep 
the pipeline on the seabed. 

■ EXTERIOR CORROSION COATING. Coating and wrapping pipelines 
has proved to be an economical way to extend pipeline life. To be effec¬ 
tive, a coating must resist corrosion, and it must resist damage that would 
uncover areas of pipe where corrosion could occur. The purpose of the 
wrap on the outside of the coating is to provide protection to the corro- 
sion-inhibiting coating. 

After the coating is applied, tape is wrapped around the pipe in a spi¬ 
ral (Fig. 3-1) with the edges overlapping slightly so all of the pipe coating 
is covered. Wrapping tape, normally either a heavy paper or plastic, pro¬ 
tects the coating from damage. Coal tar enamel is the most common exte¬ 
rior pipe coating. Other materials include fusion-bonded epoxy, fusion- 
bonded polyethylene, asphalt enamel, and coal tar epoxy. 
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An effective pipeline corrosion coating needs several properties. 6 

1. Ease of application 

2. Good adhesion to pipe 

3. Good resistance to impact 

4. Flexibility 

5. Resistance to soil stress 

6. Resistance to flow (of the coating) 

7. Water resistance 

8. Electrical resistance 

9. Chemical and physical stability 

10. Resistance to soil bacteria, marine organisms, and cathodic disbondment 

The use of fusion-bonded epoxy pipe coatings began to expand in the 
early 1980s, and they are considered to offer a number of advantages. 
Their resistance to chemicals, stress, and corrosion-causing action of the 
soil, along with improvements in the materials used in the coatings, have 
helped increase use of these materials. 

This method has been used to coat both the interior and exterior of 
pipe. In one coating plant where pipe was coated both inside and out, the 
process included preheating, blasting and cleaning of the pipe interior and 
exterior, heating the pipe, applying the powder to the outside of the pipe, 
applying powder to the inside, quenching, and inspection (Fig. 3-2). 

Epoxy powders are thermosetting materials,* heat released by the 
material causes the powder to bond to the steel and to form a continuous 
coat. Recent improvements in these materials have helped widen their 
application. They now have better flexibility at low temperatures and 
greater ability to cover steel defects that were "bridged" by earlier coat¬ 
ings. Bridging results in areas where coating failure is likely. 6 

Pipeline corrosion coating can be applied either before the pipe is 
delivered to the right of way (yard applied) or after the pipe lengths are 
welded together and suspended above the ditch (over the ditch) as shown 
in Figure 3^3. When pipe lengths are coated and wrapped at a coating yard 
before being delivered to the job site, a short distance at each end of each 
length of pipe is left bare so the joints can be welded together. When field 
welding is complete, coating and wrapping material is applied to the bare 
pipe sections. 

When all coating and wrapping is done at the job site, individual 
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Fig. 3-2 External/internal fusion bonded epoxy coating plant. Source: Oil & Gas Journal, 19 July 
1982, p. 148. 


lengths are first welded together and the pipeline is suspended over the 
ditch. Special machines then move along the pipeline on the right of way 
and apply coating to the entire pipe, welds and all. Tape is wrapped over 
the coating by a tape machine in a spiral. The wrapping machine main¬ 
tains tension on the tape so it is fitted tightly over the coating. 

■ CONCRETE COATING. Offshore pipelines are coated with concrete 
in addition to the corrosion coating to provide negative buoyancy (a 
weight greater than the buoyant force of the water) to the pipeline. This 
added weight is necessary to cause the pipeline to sink to the ocean floor 
and remain in position on the seabed. To be effective, a concrete coating 
must resist damage during installation and after it is in place. In addition 
to providing needed weight, the concrete coating protects the corrosion 
coating. 

Design of the concrete coating is critical if it is to withstand laying 
stresses and resist damage from anchors, fishing gear, and other hazards 
during operation. Considerable research has been aimed at the improve¬ 
ment of concrete coatings and application methods, based in part on the 
performance of early concrete-coated pipelines. One of the most critical 
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Fig. 3-3 Primer is applied to pipeline prior to coating. Source: Oil & Gas Journal, 15 October 
1979, p. 117. 


Forming, a system more suitable for small quantities of weight 
coating for water crossings of short length. It is a slow process if 
used for large quantities of pipe. 

Guniting, a process in which concrete is sprayed onto the pipe under 
pressure. Criteria for using this application method are similar to 
those for forming. 

Extrusion, in which the concrete is rolled onto the pipe beneath an 
outer wrap. A heavy paper wrap has been used, as has a polyethylene 
tape. Wire reinforcement is used in this process: one layer of wire in 


considerations in concrete coating design is the overbend area where the 
pipe leaves the lay barge's pipe ramp during installation. If laying stresses 
are not properly calculated and maintained within design limits, concrete 
coating can crack during installation. 

Other aspects of concrete coating design have been studied. 
Development testing has involved the simulation of fishing trawl boards 
striking a concrete-coated pipeline, for instance. 

Application of the concrete coating is critical to its performance. 
Several application methods have been used: 7 



Pipe Manufacture and Coating 


Fig. 3-4 Line pipe is concrete weight coated by a portable impingement-type coating plant 
assembled in Taiwan. Source: Oil & Gas Journal, 17 February 1992, p. 77. 


thinner coatings and two layers of reinforcing wire in thicker coatings. 
4. Impingement a downward, high-velocity application system 
introduced in the early 1970s to meet requirements for a high- 
strength, high-impact-resistance coating. This application technique 
required better reinforcing, and wire mesh reinforcing was replaced 
with preformed cages of hard-drawn wire. The cage-type reinforcing 
was fitted to the corrosion coated pipe by plastic spacers, resulting 
in a system considered to be superior to wire mesh coatings. A 
typical specification for pipe diameters of 400 mm or less and for 
concrete coating thicknesses under 40 mm calls for cage reinforcing 
using 5-mm circumferential bars at 100-mm spacing with 3-mm 
longitudinal bars. 7 

Using the high-velocity impingement application method, concrete 
mixes varying in density from 140 to 190 lb/ft 3 can be applied in thick- 
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nesses from 25 mm to 125 mm. The 28-day compressive strength of the 
coating, an important design criterion, can exceed 6,000 psi. 

After coating, the pipe lengths are weighed and their negative buoy¬ 
ancy, or submerged weight, is calculated to ensure that the submerged 
weight falls within tolerances specified by the user. 

Concrete coatings must be designed to withstand impact and stress¬ 
es even though they will be trenched after installation on the seabed. 
Trenching is often not completely successful, and portions of the pipeline 
remain exposed. In addition, the line may be on the seafloor for some time 
before trenching can begin; during this time shipping and fishing activity 
can pose a hazard. 

Concrete coating is used in some cases to weight pipelines that 
cross streams (Fig. 3-4). 
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to forecast. Determining the capacity requirements for a pipeline gather¬ 
ing system to gather crude from producing fields, or natural gas from wells 
and processing plants, can be difficult. When oil or gas is discovered in an 
area, for example, several years may pass before the field is fully developed 
and maximum required capacity is known. Additional capacity will be 
needed as more wells are put on stream, but the pipeline is needed early in 
the field's life to transport production from the first wells. 

It is also possible that more fields will be discovered within an area, 
significantly increasing the amount of oil or gas that must be transported 
by the trunk or transmission line serving the area. So additional capacity 
may be needed for at least a portion of the system in the future. 

On the other hand, capacity requirements do not always continue to 
increase. After early wells are on production and a pipeline has been 
installed, the reservoir may not perform as well as expected. Only a few 
wells may be needed to develop the field; even the productivity of those 
wells may decline much sooner than expected. In this case, pipeline 
capacity requirements may decline almost from the beginning. 

The same difficulties arise in forecasting for larger pipelines—crude 
trunk and natural gas transmission lines. But it is easier to forecast the capaci¬ 
ty requirements when a pipeline serves a large area containing a number of 
fields in different stages of development and of different sizes. A production 
decline in one area will often be offset by an increase or a new discovery in 
another area, smoothing the fluctuations in capacity requirement. 

In addition to difficulty in forecasting input to the pipeline, the 
amount of natural gas, crude, or products that must be delivered to the 
pipeline s customers varies seasonally and daily. Peak demand for natural 
gas for home heating, for instance, occurs in winter. The gas transmission 
pipeline must be capable of delivering these contract quantities. 

Estimates of pipeline input and delivery volumes must be made, 
however difficult. The best projections are made of future requirements 
based on exploratory activity in an area, its history of oil or gas produc¬ 
tion, expected productivity of the reservoirs, and other data. Then a com¬ 
promise must often be made between building a pipeline large enough to 
handle any possible volume requirements and one which is capable of 
handling only current requirements. 

If too much excess capacity exists for long periods after the pipeline 
is built, the profitability of the system suffers. If a smaller line is built and 
volume requirements exceed its capacity, the system must be expanded. 
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Pipeline systems can be expanded by either adding more pumping or com¬ 
pression horsepower at existing stations or by building new stations, or by 
installing an additional pipeline along a portion or all of the route. 
Installing another pipeline is termed looping. In the early 1980s, flow 
improvers also were used to increase the capacity of large crude lines. 
This alternative was first used only in crude pipelines, but later was also 
used in products lines. 

Most pipelines are designed with some excess capacity or designed 
so capacity can be increased by the addition of compression or pumping 
horsepower. The increase in throughput that can be obtained by adding 
horsepower is limited by the maximum allowable operating pressure of 
the system. Maximum operating pressure is set by codes and regulations 
applicable to the pipe size, weight, and steel composition and by the area 
in which the line is located. 


PIPELINE DESIGN 



here are several approaches to pipeline design. The most 
appropriate method depends on the system, the designer, the 
number of fixed variables, the availability of pipe and equip¬ 
ment, and the cost. 

Both installation (capital) and operating/maintenance 
expense must be considered in choosing the optimum design. Often, a 
design having a lower installation cost than another alternative will be 
more expensive to operate. When compared based on economic indicators 
over the life of the system, the design with the lowest installation cost 
may not be the best solution. 

As discussed earlier, one of the most important design criteria—the 
volume of oil or gas to be transported—is sometimes the most difficult to 
determine. There is often some uncertainty in volume estimates, and 
making the best projection of volumes to be handled throughout the life 
of the pipeline is the key to a profitable project. With projected volumes 
and the origin and destination of the pipeline known, pipeline design typi¬ 
cally follows these general steps: 


1. A required delivery pressure is determined at the pipeline's 
destination. This pressure may be set by the customer's facilities 
or, if the line is a branch line, by the pressure required at the 
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junction with the main line to permit fluid to flow into the main 
line. 

2. Pressure losses due to friction and the pressure required to 
overcome changes in elevation are added to the delivery pressure 
to determine the inlet pressure. In single-phase flow, the pressure 
drop in the line that must be overcome by pumps or compressors 
is essentially the friction loss plus the pressure exerted by a 
liquid or gas column whose height equals the difference in 
elevation between the ends of the line. The pressure drop in any 
segment of the line is calculated in a similar manner. A trial-and- 
error procedure may be involved because it is necessary to choose 
a tentative pipe size in order to calculate pressure losses. If pres 
sure loss is too high, the resulting inlet pressure may exceed the 
pressure rating of the pipe or an excessive amount of pumping or 
compression horsepower may be required. If this is the case, a 
larger pipe is selected and the calculations are repeated. The goal 

is to select a pipe size that can be operated efficiently at a pressure 
permitted by applicable regulations. 

3. With the line size and operating pressure determined, the 
pumping or compression horsepower needed to deliver the 
desired volume of fluid at the specified delivery pressure can be 
accurately calculated. If more than one pump or compressor 
station is required, the location and size of additional stations is 
set by calculating pressure loss along the line and determining 
how much pump or compressor horsepower is needed to 
maintain operating pressure. 

4. In most cases, it is necessary to perform economic calculations to 
compare the design with other combinations of line size, operat¬ 
ing pressure, and horsepower in order to choose the best system. 

This simplified outline represents the basic steps involved in a pre¬ 
liminary design of a single pipeline with no branch connections, no alter¬ 
native routes, and no significant changes in throughput during its life. 
Few pipeline systems are that simple. Most have several branch lines feed- 
ing into a main line that consists of more than one pipe size, beginning 
with smaller pipe at the inlet end and requiring larger pipe as flows from 
the branches feed in. The volumes to be handled vary significantly over 
the life of the system (Fig. 4-1). 

Because of this, most pipelines are designed with sophisticated com- 
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Fig. 4-1 Example of an offshore pipeline system. Source: Oil & Gas Journal, 29 July 1991, p. 90 
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puter programs. These programs are built on basic flow equations used to 
design a simple pipeline manually, but the computer can perform repeated 
calculations on a large number of alternative solutions quickly. 

■ KEY DESIGN TERMS. Even to discuss the basics of pipeline design, it 
is necessary to be familiar with how key physical properties of fluids 
affect pipeline design. It is important to remember that the term fluid 
includes both liquids and gases. 

The effect of these parameters varies with the fluid; compressibility 
does not significantly affect the flow of liquids, for instance, and differ¬ 
ences in viscosity among different gases may not greatly affect the flow of 
natural gas. 

Most of the following fluid properties and other variables are consid¬ 
ered in designing liquids or natural gas pipelines. 

1. Pipe diameter. Of course, the larger the inside diameter of the 
pipeline, the more fluid can be moved through it, assuming other 
variables are fixed. 

2. Pipe length. The greater the length of a segment of pipeline, the 
greater the total pressure drop. Pressure drop can be the same per 
unit of length for a given size and type of pipe, but total pressure 
drop increases with length. 

3. Specific gravity and density. The density of a liquid or gas is its 
weight per unit volume. Density can be given in different units: 

In English units, it is in pounds of mass per cubic foot 

flb mass/ft 3 )/ ^ t ^ le SI (International) metric system, units are 
kilograms per cubic meter (kg/m 3 ). The specific gravity of a liquid 
is the density of the liquid divided by the density of water, and 
the specific gravity of a gas is its density divided by the density 
of air. The specific gravity of air, therefore, is 1, and the specific 
gravity of water is 1. 

4. Compressibility. Because most liquids are only slightly 
compressible, this term is usually not significant in calculating 
liquids pipeline capacity at normal operating conditions. In gas 
pipeline design, however, it is necessary to include a term in 
many design calculations to account for the fact that gases 
deviate from laws describing "ideal gas" behavior when under 
conditions other than standard, or base, conditions. This term 
super compressibility factor is more significant at high pressures 
and temperatures. Near standard conditions of temperature and 




pressure (60°F and 1 atm, for example), the deviation from the 
ideal gas law is small, and the effect of the supercompressibility 
factor on design calculations is not significant. 

5. Temperature. Temperature affects pipeline capacity both directly 
and indirectly. In natural gas pipelines, the lower the operating 
temperature, the greater the capacity, assuming all other 
variables are fixed. Operating temperature also can affect other 
terms in equations used to calculate the capacity of both liquids 
and natural gas pipelines. Viscosity, for example, varies with 
temperature. Designing a pipeline for heavy crude is one case in 
which it is necessary to know flowing temperatures accurately to 
calculate pipeline capacity. 

6. Viscosity. The property of a fluid that resists flow, or relative 
motion, between adjacent parts of the fluid is viscosity. It is an 
important term in calculating line size and pump horsepower 
requirements when designing liquids pipelines. 

7. Pour point. The lowest temperature at which an oil will pour, or 
flow, when cooled under specified test conditions is the pom 
point. Oils can be pumped below their pom point, but the design 
and operation of a pipeline under these conditions present special 
problems. 

8. Vapor pressure. The pressme that holds a volatile liquid in equi¬ 
librium with its vapor at a given temperatme is the vapor 
pressme. When determine for petroleum products under specific 
test conditions and using a prescribed procedure, it is called the 
Reid vapor pressure (RVP). Vapor pressme is an especially 
im portant design criterion when handling volatile petroleum 
products, such as LP-gas. The mini m um pressme in the pipeline 
must be high enough to maintain these fluids in a liquid state. 

9. Reynolds number. This dimensionless number is used to 
describe the type of flow exhibited by a flowing fluid. In stream¬ 
lined or laminar flow, the molecules move parallel to the axis of 
flow; in turbulent flow, molecules move back and forth across 
the flow axis. Other types of flow are possible, and the Reynolds 
number can he used to determine which type is likely to occur 
under specified conditions. In turn, the type of flow exhibited 
by a fluid affects pressure drop in the pipeline. In general, a 
Reynolds number below 1,000 describes streamlined flow; at 
Reynolds numbers between 1,000 and 2,000, flow is unstable. 
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At Reynolds numbers greater than 2,000, flow is turbulent. 

Some references recommend, however, that flow be assumed 
laminar at Reynolds numbers of up to 2000 and turbulent at 
values above 4,000. In this case, flow is considered unstable at 
Reynolds numbers between 2,000 and 4,000. 

10. Friction factor. A variety of friction factors are used in pipeline 
design equations. They are determined empirically and are 
related to the roughness of the inside pipe wall. 

Other properties of the fluid and pipe may be used in specific calcu¬ 
lations, but these are the basic terms used to determine pressure drop and 
flow capacity. Many system variables are interdependent. For example, 
operating pressure depends, in part, on pressure drop in the line. Pressure 
drop, in turn, depends on flow rate, and maximum flow rate is dictated by 
allowable pressure drop. 

Several pressure terms are used in pipeline design and operation. 
Barometric pressure is the value of the atmospheric pressure above a per¬ 
fect vacuum. A perfect vacuum cannot exist on the earth, but it makes a 
convenient reference point for pressure measurement. 

Absolute pressure is the pressure of a pipeline or vessel above a per¬ 
fect vacuum and is abbreviated psia. Gauge pressure is the pressure mea¬ 
sured in a pipeline or vessel above atmospheric pressure and is abbreviated 
psig. Standard atmospheric pressure is usually considered to be 14.696 
lb/in. 2 , or 760 mm of mercury, but atmospheric pressure varies with eleva¬ 
tion above sea level. Many contracts for the purchase or sale of natural 
gas, for instance, specify that standard, or base, pressure will be other than 
14.696 lb/in. 2 

Formulas describing the flow of fluids in a pipe are derived from 
Bernoulli's theorem and are modified to account for losses due to friction. 
Bernoulli's theorem expresses the application of the law of conservation of 
energy to the flow of fluids in a conduit. 1 To describe the actual flow of 
gases and liquids properly, however, solutions of equations based on 
Bernoulli's theorem require the use of coefficients that must be deter¬ 
mined experimentally. 

The theoretical equation for fluid flow neglects friction and 
assumes no energy is added to the systems by pumps or compressors. Of 
course, in the design and operation of a pipeline, friction losses are very 
important, and pumps and compressors are required to overcome those 
losses (Fig. 4-2). So practical pipeline design equations depend on empir- 
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•Two pump stations. 

Fig. 4-2 Pipeline profile and hydraulic gradient. Source: Oil & Gas Journal, 15 June 1981, p. 132. 


ical coefficients that have been determined during years of research and 

testing. n 

The basic theory of fluid flow does not change. But modifications 

continue to be made in coefficients as more information is available and 
the application of various forms of basic formulas continues to be refined. 
The use of computers for solving pipeline design problems has also 
enhanced the accuracy and flexibility possible in pipeline design. 

LIQUIDS PIPELINES 

n the design of both liquids and natural gas pipelines, pressure 
drop, flow capacity, and pumping or compression horsepower 
required are key calculations. The design of a liquids pipeline 
is similar in concept to the design of a natural gas pipeline. In 
both cases, a delivery pressure and the volume the pipeline 
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must handle are known. The allowable working pressure of the pipe can 
be determined by using the pipe size and type and specified safety factors. 

In most pipeline calculations, assumptions must be made. For 
instance, a line size may be assumed in order to determine maximum operat¬ 
ing pressure and the pressure drop in a given length of pipe for a given flow 
volume. If the resulting pressure drop, when added to the known delivery 
pressure, exceeds the allowable working pressure, a larger pipe size must 
usually be chosen. It may be possible to change the capacity and spacing of 
booster pumping stations to stay within operating pressure limits. But in the 
simplest case, if the calculation yields an operating pressure greater than 
allowed, a larger pipe size must be selected and the calculation repeated. 

It is apparent that many options are available in even a moderately 
complex pipeline system. But computer programs for pipeline design can 
analyze many variables and many options in a short time, greatly easing 
the design process. 


■ PRESSURE DROP. As discussed earlier, Berno ulli 's theorem describes 
the flow of fluids—gases and liquids—in a pipe. The general equation for 
the flow of liquids in a pipe is Darcy's formula. To determine pressure 
drop, for instance, the equation is used in this form: 


AP = 


pfLv* 
144 Dig 


where: 

A P “ pressure drop over length L, psig 
p * density of fluid, lb/ft 3 
/ - friction factor, dimensionless 
L = length of pipe, ft 
v = velocity of flow, ft/sec 
D - inside diameter of pipe, ft 
g = acceleration of gravity - 32 ft/sec 2 

In this equation, L can be either the entire length of the pipeline or 
another specified length. If the length of the entire pipeline is used, A P is 
the total pressure drop in the line. If, however, L is chosen as, say, 100 ft, 
A P is the pressure drop in psig/100 ft. 
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Since flow velocity is a function of flow volume (in gal/min or simi¬ 
lar units), velocity can be determined using the desired flow volume and 
an assumed pipe size. Then that assumed pipe size and calculated velocity 
are used in the equation to determine pressure drop. 

If a pressure drop is assumed, using the required delivery pressure 
and flow volume, the line size required can be calculated. Again, the 
assumed pressure drop must be checked using the calculated line size to 
ensure allowable operating pressure is not exceeded. 

The Darcy equation can be derived mathematically except for the 
friction factor, /. This factor must be determined experimentally. 

The Darcy equation can be used for both laminar and turbulent flow 
of liquid in a pipe. But if the pressure in the pipe falls below the vapor 
pressure of the liquid, such as might be the case with light hydrocarbon 
liquids, flow rates calculated using the equation will not be accurate. 
Cavitation occurs when pressure falls below the liquid's vapor pressure. 

Empirical equations are also used to describe the flow of liquids in a 
pipe. The Hazen and Williams equation for the flow of water, for example, is: 

Q = 0.442 rf 1 " c ( Pl J 0M 
where: 

Q = flow volume, gal/min 
d = inside diameter of pipe, in. 

Pi = inlet pressure, psig 
Pi = outlet pressure, psig 
L = pipeline length, ft 

c = a constant dependent on pipe roughness (c = 140 for new steel pipe) 

■ VALVES AND FITTINGS. In addition to the pressure loss due to fric¬ 
tion of the flowing fluid with the walls of the pipeline, valves and fittings 
also contribute to overall system pressure loss. The pressure loss due to a 
single valve in several thousand feet of straight piping will be relatively 
insignificant. But in a pumping station, for example, where many valves 
exist and many changes in flow direction occur, pressure loss in valves 
and fittings is important. 

Pressure loss in valves and fittings is made up of both the friction 
loss within the valve or fitting itself and the additional loss upstream and 





downstream of the fitting above that which would have occurred in the 
absence of the fitting. Calculation of the pressure loss in a valve or fitting 
is based on experimental data. One approach is the use of a resistance fac¬ 
tor for a given valve or fitting. 2 The resistance coefficient is normally 
treated as a constant for a given valve or fitting under all flow conditions. 

Another term used in determining pressure drop through valves and 
fittings is the flow coefficient, Cv. The flow coefficient of a valve is the 
flow of water at 60°F, in gal/min, at a pressure drop of one psi across the 
valve. The flow coefficients of any other liquid can be calculated using the 
relation of its density to that of water. 

■ HEAVY CRUDE. The type of crude must be considered in pipeline 
design because viscosity and other physical properties affect throughput 
and pumping calculations. For most crudes, no special equipment is 
required in the pipeline system for different types of crudes. But there are 
some crudes with very high pour points or high wax contents that require 
pipelines of special design. 

Pour point can indicate the amount of different types of hydrocar¬ 
bons in the crude. 

Pipelines handling these crudes are usually short, typically connect¬ 
ing a well to a production platform offshore or to crude-treating facilities 
in onshore fields. Pipelining such crudes can be especially troublesome 
offshore where heat loss to the water is great. Heat added to the crude 
before it enters the pipeline is dissipated within a short distance if a con¬ 
ventional pipeline is used. If the crude cools, excessive wax deposits in the 
pipeline can lower operating efficiency. In cases of extremely viscous 
crudes, flow can even be halted if the temperature is allowed to fall too 
low. Not only is the halting of flow a problem, but restarting flow after 
such an occurrence can be difficult. 

Still, pipelines to handle these crudes have been successfully 
installed and operated. One such project involved three thermally insulat¬ 
ed pipelines laid in about 115 ft of water offshore Gabon. 3 Two 1.24-mi- 
long lines connected drilling/production platforms and a 2-mi line con¬ 
nected a production platform with a storage tanker moored in the field. 
The three pipelines were each 10 3 A-in. diameter with rigid polyurethane 
foam insulation contained in a high-density polyethylene sleeve. An insu¬ 
lated pipeline is not the only solution to transporting heavy, high-pour- 
point oil. Other approaches include the following: 4 
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1. Heating the crude to a high temperature at the inlet to the 
pipeline, allowing it to reach its destination before cooling below 
the pour point. The pipeline may or may not be insulated. 

2. Pumping the crude at a temperature below the pour point. 

3. Adding a hydrocarbon diluent such as a less waxy crude or a light 
distillate. 

4. Injecting water to form a layer between the pipe wall and the 
crude. 

5. Mixing water with the crude to form an emulsion. 

6. Processing the crude before pipelining to change the wax crystal 
structure and reduce pour point and viscosity. 

7. Heating both crude and pipeline by steam tracing or electrical 
heating. 

8. Injecting paraffin inhibitors. 

A combination of these methods can also be used to transport heavy 
oils by pipeline. The choice of method to use involves consideration of the 
physical properties of the crude, heat transfer, restart after shutdown, and 
facilities design. 

Waxy crude can be pumped below its pour point; more pumping 
energy is required, but there is no sudden change in fluid characteristics at 
the pour point as far as pumping requirements are concerned. If pumping 
is stopped, more energy will be required to put the crude in motion again 
than was required to keep it flowing. When flow is stopped, wax crystals 
form, causing the crude to gel in the pipeline. However, the additional 
energy required to restart flow will be less than if the crude had been 
pumped above the pour point and allowed to cool down after flow had 
stopped. 4 Experiments have shown that restart pressures can be 5-10 
times higher for a pipeline that was above the pour point and cooled after 
shutdown than for one that was below its pour point before shutdown. 

GAS PIPELINES 

H everal formulas can be used to calculate the flow of gas in a 
pipeline. These formulas account for the effects of pressure, 
temperature, pipe diameter, pipe length, specific gravity, pipe 
roughness, and gas deviation. 











-1 
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The Darcy equation can also be used in flow calculations involving 
gases, but it must be done with care and restrictions on its use are recom¬ 
mended. If, for instance, pressure drop in the line is large relative to the 
inlet pressure, the Darcy equation is not recommended. Because this is 
often the case and because other restrictions also apply to its use in gas 
flow calculations, other more practical equations are commonly used for 
gas flow calculations. 

■ GAS MIXTURES. An early step in gas pipeline or gas compressor design 
is an analysis of the gas stream to be transported or compressed. As it comes 
from the gas well and is transported through gathering and transmission 
pipelines, natural gas is a mixture of several components. At different 
points in a gas pipeline system, the amount of each component changes. For 
instance, in the field flow line, the gas stream may contain large amounts of 
gas liquids, the "heavier" components. But large volumes of these heavier 
components may be removed in the gas-processing plant, so gas in the gas 
transmission line is of a much different composition. 

Methane makes up the largest share of most natural gas streams, but 
significant amounts of ethane and propane may also be present, as well as 
lesser amounts of butanes, pentanes, and heavier components. Also pre¬ 
sent in some natural gas streams are nitrogen, carbon dioxide, hydrogen 
sulfide, and water. 

Each of these components has different physical properties. Use of 
the physical properties of a single component in calculations involving 
the mixture would give inaccurate results. It is therefore necessary to cal¬ 
culate the physical properties of the mixture before performing flow or 
other calculations. Specific gravity of the mixture, for example, is needed 
in gas flow equations. Other properties are required for other design steps, 
including ratio of specific heats, pseudocritical temperature and pressure, 
and heating value. 

The amount of each component in the gas stream can be determined 
using several instruments, including a mass spectrometer, infrared analyz¬ 
ers, or a gas chromatograph. In the gas chromatograph, the most common 
method, a sample of the gas is passed through a column with a carrier gas, 
typically helium or air. Different components of the gas mixture exit the 
column at characteristic intervals, and detectors in the carrier gas stream 
record the quantity of each component. 

Information recorded by the chromatograph can provide the compo¬ 
sition of the gas mixture by expressing the amount of each component as 


a fraction or percentage of the mixture. The sum of the fractions of each 
component equals 1. 

Finding the specific gravity of a mixture, a parameter needed in gas 
flow calculations, is an example of how the properties of a gas mixture 
can be determined from gas analysis data. The specific gravity of the mix¬ 
ture is the ratio of the molecular weight of the mixture to the molecular 
weight of air (air = 28.964 lb mass /lb-mole). The contribution of each com¬ 
ponent to the specific gravity of the mixture is first found by multiplying 
each component's molecular weight by the fraction of that component in 
the mixture. The sum of these individual contributions is then divided by 
the molecular weight of air to obtain the specific gravity of the gas mix¬ 
ture. Columns 1, 2, and 3 in Table 4-1 show this calculation. 

Another way to determine the specific gravity of a gas mixture is to 
use the specific gravity of the individual components. The specific gravity 
of a component is multiplied by the fraction of the component in the gas 
mixture to determine the contribution of each component to the specific 
gravity of the mixture. Then these contributions are totaled to give the 
mixture's specific gravity. Columns 1, 4, and 5 in Table 4-1 illustrate this 
procedure. 

Other properties of the gas mixture can be determined in a similar 
way by multiplying the desired physical property of the individual compo¬ 
nent by its fraction in the gas stream, then summing those multiplication 
products. 

■ ALLOWABLE OPERATING PRESSURE. An important pipeline design 
calculation is the maximum pressure at which a given size, grade, and 
weight of pipe may operate. Maximum operating pressure determines how 
much gas a pipeline may carry, other factors being fixed, and depends on 
the physical and chemical properties of the pipe steel. Since standard pipe 
grades, sizes, and weights are normally used, the maximum operating 
pressure can usually be obtained from tables contained in recognized spec¬ 
ifications. 

But these design pressures have been determined using the basic for¬ 
mula for calculating hoop stress in a cylinder (pipe). The allowable operat¬ 
ing pressure for pipe sizes or grades not contained in tables can be calcu¬ 
lated using this formula. For natural gas pipelines in the United States, for 
example, the equation includes design factors to account for the presence 
of longitudinal welds in the pipe, the location of the pipeline relative to 
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populated areas, and excessively high temperatures. These factors lower 
the allowable operating pressure, providing a safety margin. With these 
factors incorporated into the basic hoop stress formula, the design formula 
for steel pipe is: 

p = 2,.St x p x £ x T 


where: 

P = design pressure, psig 

S = minimum yield strength stipulated in the specifications under 
which the pipe was manufactured 

D = nominal outside diameter of the pipe, in. 

t = nominal wall thickness of the pipe, in. 

F = construction type design factor 

E = longitudinal joint factor 

T = temperature derating factor 

This equation can also be used to calculate the required pipe wall 
thickness for a given operating pressure and pipe size. 

Construction factors (P) used in this equation are designated in USA 
Standard B31.8, Code for Pressure Piping, Gas Transmission and 
Distribution Piping Systems for four areas: 

1. Type A construction is that done in Class 1 locations, which 
include wastelands, deserts, rugged mountains, farmland, and 
similar areas. The factor, F, for designing steel pipelines for these 
areas is 0.72. 

2. Type B constructionClass 2 locations , includes fringe areas 
around cities or towns, and farm or industrial areas with a 
specified population density. This class is between Class 1 and 
Class 3 locations, and the construction type factor is 0.60. 

3. Type C construction , Class 3 locations , includes areas subdivid¬ 
ed for residential or commercial purposes with a specified build¬ 
ing density of a specified type. The construction type factor is 
0.50. 

4. Type D construction , Class 4 locations , includes areas where 
multistory buildings are prevalent, where traffic is heavy or 
dense, or where there are numerous other underground utilities. 
The Type D construction factor is 0.40. 






Oil and Gas Pipeline Fundamentals 
86 


Construction type factors are also specified in pipeline codes for pipe 
that crosses or runs parallel to roads and railroads. 

The effect of the construction type factor is to lower the allowable 
operating pressure for a given size, weight, and grade of pipe as the construc¬ 
tion area becomes more populated and the failure of a pipeline would be 
more serious. The other two factors in the design pressure formula also der¬ 
ate the allowable operating pressure, providing an additional safety margin. 
The longitudinal joint factor varies with the type of joint used in manufac¬ 
turing the pipe; for seamless pipe and some longitudinally welded pipe, the 
factor is 1. There is no longitudinal joint in seamless pipe; it is essentially a 
hoop. A factor of 1 permitted when using some longitudinally welded pipe 
means the weld is as strong as a seamless pipe. When pipe is manufactured 
by other longitudinal welding methods, however, a factor of 0.60 or 0.80 
must be used to calculate maximum allowable operating pressure. 

The temperature derating factor, T, for steel pipe varies from 1 for 
operating temperatures of 250°F or less to 0.867 for an operating tempera¬ 
ture of 450°F. 

There are other specifications and limits that may apply to pipeline 
pressures. Limits on operating pressure may be set by the fluid being 
transported. For example, LP-gas and natural gas liquids pipelines must be 
operated at pressures above the vapor pressure of the fluid. Operating pres¬ 
sure is also an important criterion in CO 2 pipeline design. In all cases, 
pressures specified in applicable codes and regulations must not be 
exceeded. And DOT Pipeline safety regulations specify a different design 
formula for plastic pipe. 

■ FRICTION LOSSES. A friction factor, one of the empirical terms in 
flow equations, is used to determine the pressure loss due to friction in 
natural gas pipelines just as is the case in liquids pipelines. Internal losses, 
which depend on the viscosity and gravity of the gas, the flow rate, and 
the pipe diameter, must also be considered. These internal losses within 
the flowing fluid vary according to the type of flow, or flow regime, that 
exists in the pipeline. The Reynolds number helps determine which flow 
regime exists. To calculate the Reynolds number for a natural gas 
pipeline, this equation may be used: 5 


m 

M 


Re-20£G 

M-D 



Fundamentals of Pipeline Design 
87 


where: 

Q = gas flow rate at 60°F and 14.73 psia, Mcfd 
G = gas gravity (air = 1) 

= gas viscosity at flow temperature and pressure, cp 
D = pipe diameter, in. 

Pressure losses that occur due to friction with the pipe depend on 
the roughness of the pipe wall. The absolute roughness, e, is the distance 
from peaks to valleys on the inside surface of the pipe and is given m 
inches. Line pipe, for instance, typically has a roughness of 0.0007 m. By 
comparison, e for the rougher cement-lined pipe is 0.01 to 0.1 in. The rela¬ 
tive roughness is the ratio of this distance to the pipe diameter, or e/D. 

■ CALCULATING GAS FLOW. Several equations are accepted for calcu¬ 
lating flow capacity of gas pipelines. The Weymouth equation is consid¬ 
ered by some designers to be most applicable to smaller-diameter lines (15 
in. or less). The Panhandle equation and Modified Panhandle equation are 

considered appropriate for larger gas pipelines. 

A formula was developed by the American Gas Association (AGA) 
as computer programs became available to solve this more complex equa¬ 
tion. The AGA formula involves the calculation of a transmission factor 
based on the flow regime and other parameters and takes into account 
changes in elevation. 6 The first three equations discussed are as follows: 7 
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where: 

Q = flow rate (units vary, depending on the units used for other 
terms in the formula,- constants will also differ when different 
units are used) 

Pb = base pressure, psia 

Tb = base temperature, °F absolute (°R) 

Pi = inlet pressure, psia 
Pi = outlet pressure, psia 
G = gas specific gravity (air = 1) 

T - average flowing gas temperature, °F absolute (°R) 

L = length of pipe (feet or miles, depending on formula and units used) 
D = inside diameter of pipe, in. 

Z = gas supercompressibility factor (gas deviation factor) 

The main difference in these formulas is the size range in which they 
have been found to be most applicable and the treatment of pipe friction. In 
the basic flow equation for isothermal flow in a horizontal line, a friction 
factor term is included. In developing the above equations for flow of natur¬ 
al gas, this friction factor has been incorporated by relating it to other flow 
parameters. The friction factor used when this is done accounts, in part, for 
the variety of constants and exponents among the equations. 

A number of investigations have developed empirical friction factors 
for various conditions. Choice of the proper factor—indeed, choice of the 
proper flow equation for specific conditions—requires expertise in 
pipeline design. 

Most of the terms described above have been explained previously. 
One further explanation is appropriate: °R is degrees Rankine and repre¬ 
sents a different temperature scale. The temperature measurement is 
common in gas flow equations and is determined by adding 459.6 to the 
temperature in degrees Fahrenheit. 

The AGA equation for calculating pipeline flow is somewhat more 
complex than the three equations discussed earlier but involves the same 
basic parameters: 6 
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where: 

F = a transmission factor that is based on the flow regime and 
other variables, F = 4 logio (3 JD/K*) 

Ke = the relative roughness of the pipe 

Pm = the mean pressure in the pipeline 

Zm = the supercompressibility factor at that mean pressure 

H = the change in elevation of the pipeline between inlet and outlet 

In gas computations, base temperature and pressure are the tem¬ 
perature and pressure at which a cubic foot (or cubic meter) is the unit 
of measurement. These base conditions are necessary to provide a stan¬ 
dard for gas measurement because the volume of a gas varies with its 
temperature and pressure. Base temperature and pressure are usually 
stipulated in gas purchase contracts and other documents. Typical stan¬ 
dard conditions include a base pressure of 14.73 psia and a base temper¬ 
ature of 60°F. 

As mentioned earlier, the calculation of pressure losses and flow 
rates depends on pipeline size; pipeline size required, in turn, depends on 
pressure loss and volume. So it is often necessary to make a preliminary 
choice of pipeline size before detailed calculations are made on flow rate 
and pressure drop. 

Knowing the flow rate required and assuming a reasonable pressure 
drop based on experience, the experienced designer can choose a likely 
pipe size as a starting point. Then, calculation of pressure drop and flow 
capacity can be made assuming that size and weight of pipe. After these 
calculations are made, a change in the pipe size may be necessary to 
adjust operating pressure, or a change in pipe wall thickness may be need¬ 
ed to meet requirements dictated by operating pressure. 

Using computer design software, these choices can be evaluated 
rapidly and the correct design selected. 

■ A SYSTEM. The procedures described briefly here apply to the design 
of a single line or section of line that has no branches. But most pipeline 
design problems involve a number of branches, sections of different pipe 
diameters and weights, and other complexities. Compression and pump¬ 
ing must also be considered. Few pipelines operate without compression 
or pumping, and the combination of pipeline and pumps or compressors 
must be designed as a system. 
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Each is an integral part of the optimum design. Pipeline design will 
affect the size and number of compressors or pumps required; compressor 
or pump-station design will affect pipeline operating conditions (see 
Chapter 5). 

TWO-PHASE 

PIPELINE 

DESIGN 

T he design of a two-phase pipeline to handle both gas and liq¬ 
uids involves calculations similar to those used for a single¬ 
phase pipeline. The goal in both cases is to determine pipe 
size, flow capacity, pressure drop, and other flow parameters. 
The key difference is that pressure drop is much more 
difficult to determine when both gas and liquid are flowing in the same 
pipeline. And some pipelines carry a two-phase, multicomponent 
stream—gas, oil, and water. Flow of the two phases can take several 
forms, and pressure drop can vary widely, depending on flow conditions. 
Changes in elevation over the route of a two-phase line are much more 
significant than in a single-phase pipeline. 

Besides pressure drop, liquid holdup is an important consideration 
in the design of a two-phase pipeline. Holdup refers to the fraction of 
the pipeline occupied by liquid at any point in the line and is a function 
of liquid and gas flow rates, fluid properties, pipeline slope, and time. 8 

Flow legime (Fig. 4-3) is a term used to characterize how the liq¬ 
uid and gas flow within the pipeline. In bubble flow, free gas is present 
as bubbles in a continuous liquid phase. At the other extreme is mist 
flow, in which the gas phase is continuous and liquid droplets are 
entrained in the gas. 9 Between these two extremes are other types of 
flow, including stratified, wavy, and slug flow. In slug flow, at low flow 
rates, liquid can occupy the entire cross section of the pipeline at 
points in the line. This is likely to occur on uphill portions of the 
pipeline. This type of flow can produce liquid slugs that exit the 
pipeline intermittently. Because of this, it is often necessary to include 
equipment to catch these slugs of liquid at the end of the pipeline to 
prevent damage to processing or other facilities. 
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Fig. 4-3 Flow regimes in horizontal pipeline. Source: Oil & Gas Journal, 9 August 1982, p. 132. 


Much of the data used to design two-phase pipelines have been 
determined experimentally and through tests made in operating two- 
phase pipelines. Two-phase pipeline design is a subject on which research 
and testing continue, and sophisticated computer programs can predict 
flow conditions and pressure drop more accurately. A number of different 
correlations have been developed for two-phase pipeline design. 

Two-phase pipelines have been built and operated successfully, 
though the simpler approach is to use two single-phase pipelines: one 
transporting liquids and the other gas. There are applications, however, in 
which the construction of two pipelines along the same route is the least 
economic solution. The most common application of two-phase pipelines 
is offshore, where pipeline constmction costs are high. In this application, 
the two-phase pipeline—even though it is more difficult to design and 
operate—may be the most economical approach. 
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A Tl f^TTr^ 

PIPELINE DESIGN 

H everal special considerations must be included in designing an 
oil or gas pipeline for low-temperature areas. Low-temperature 
steels may be required, for example. The presence of per¬ 
mafrost areas may dictate whether or not the line is buried, 
the need for cooling, and other special design and operating 
techniques (see Chapter 7). 

The operating temperature of an Arctic pipeline is a critical design 
parameter. Temperatures must be kept below freezing to avoid permafrost 
melting, which can cause the pipeline to be stressed beyond design limits. 
In other areas where soil is not frozen, pipelining a cold fluid can cause 
frost heave, again putting undue stress on the pipeline. 

The trans-Alaska crude pipeline is installed above ground on special 
supports through the permafrost area so the hot oil will not melt the per¬ 
mafrost. The line is buned in areas where permafrost does not exist. 

The proposed Alaska Natural Gas Transportation system was 
designed to be cooled to below the freezing point to protect permafrost 
and increase flow efficiency. Operating temperature was set between a 
maximum of 28 F and a minimum of 0°F. This operating range prevents 
thawing of the permafrost but is within the fracture control limits speci¬ 
fied for the pipe steel and avoids condensation of liquids in the line. 
Refrigeration compressors at the gas compressor stations along the 
pipeline would provide cooling to maintain the gas at the desired tempera¬ 
ture. This pipeline has not yet been built. 

Pipelining in cold climates also poses the danger of the formation of 
hydrates in natural gas pipelines and the crystallization of wax in crude 
lines. The friction due to a buildup of hydrates or wax crystals can 
increase pumping requirements and decrease efficiency. Viscosity of the 
crude being pumped, a key factor in designing Arctic pipelines, is a func¬ 
tion of temperature and an important criterion in calculating the pumping 
energy required. 

In crude lines, consideration must also be given to the possibility of 
a shutdown. Special techniques or equipment may be needed to start up a 
pipeline after it has been shut down because the crude—depending on 
temperature, viscosity, etc.—will tend to congeal in the line. On portions 
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of the trans-Alaska crude pipeline, insulation designed to retain enough 
heat to start up the line after a 21-day shutdown was required. 10 To start 
up a line that has become too viscous during a shutdown, chemicals can 
be added at the inlet to inhibit wax crystal formation, the line can be heat- 
traced to melt the wax, or high pump pressures can be used to start flow. 
High pressures are often not a practical solution because the pipe rating 
and pump capacity may be exceeded by the pressure required to start the 
line. 

Preventing the formation of hydrates in natural gas lines can be 
done by injecting methanol into the pipeline. 

Other areas also need special attention in designing a pipeline for 
severe environments. Insulation must meet the specified heat loss limits 
and often must be watertight. Heavy snow loads must be included in 
design calculations for stations and other facilities in Arctic areas. And in 
all phases of Arctic pipeline design, logistics and the working environ¬ 
ment must be considered. The fact that personnel will be working in 
heavy clothing means certain operations performed in more moderate cli¬ 
mates are impractical. Productivity in Arctic areas is necessarily lower 
than in other environments, and special considerations are also needed in 
scheduling construction work. 


ENERGY 

EFFICIENCY 



he rapid increase in oil and gas prices during the 1970s 
brought emphasis on reducing the use of energy in all petrole¬ 
um operations, including pipeline systems. Efficiency became 
an imp ortant, part of the design of a new system. Even though 
oil and gas prices have moderated, revamping of existing sys¬ 
tems or replacing old equipment with more energy-efficient equipment is 
still economically justifiable. Payout for replacement equipment can be 


quick in many cases. 

In general, many decisions on designing for energy efficiency or for 
increasing the efficiency of existing systems hinge on the tradeoff between 
larger line sizes and greater pumping or compression horsepower. Engine 
fuel is typically the largest use of energy in a pipeline system. In the case 
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of natural gas pipeline systems, for example, studies in the late 1970s 
showed that beyond a certain operating pressure the use of larger pipe—or 
looping portions of existing pipelines—to increase system capacity was 
less expensive than additional compression horsepower and saved signifi¬ 
cant amounts of fuel. 11 As prices fluctuate, of course, these cost relation¬ 
ships change. 

Even though energy consumption in a pipeline system is a very 
small fraction of the energy contained in the oil or gas transported by the 
pipeline, that amount can be significant in large systems. For instance, 
Alberta Gas Trunk Line of Canada (now NOVA) estimated in 1979 that it 
consumed only about 1 % of the gas transported by its system, but that 
amounted to about 16.6 billion ft 3 annually. 

In the late 1970s, NOVA was using a number of approaches to 
reduce energy consumption in its system. Though other techniques can be 
used, these represent key considerations that can be a part of the design of 
new systems and the study of the feasibility of revamping existing natural 
gas pipeline systems. 

In 1977, NOVA added about 23 mi of loop to its system, saving 
about 2.4 billion ft 3 of gas per year. Internal coating of pipelines can reduce 
pressure drop that has to be made up by compressor horsepower by reduc¬ 
ing internal pipe roughness. NOVA used internal epoxy coating on much 
of its system and in 1979 estimated the practice saved about 900 million 
ftVyear of gas. 

Since compressors on the system are the largest fuel consumer, the 
most efficient units are installed when new capacity is required. Although 
capital and maintenance costs are higher in some cases, lower fuel con¬ 
sumption makes the more efficient units economical. The gas saved 
quickly pays for the cost differential. Mobile compressors can also be used 
to accommodate changing volumes. 

Another use of compressors to save fuel is the recovery of gas that 
would otherwise be vented to the atmosphere when additions to the sys¬ 
tem are tied in or repair work is required. By using this portable "pull¬ 
down" compressor, gas in the section to be isolated can be recovered and 
pumped into another line or routed back into the line downstream of the 
isolation valve. 

Optimizing the operation of a pipeline system through the use of 
computer monitoring and control is also an effective way to save energy. 
It can help schedule and coordinate maintenance and reduce downtime. 



Several approaches to compressor station design also can save 

energy: 12 

1. Use proper pipe diameters and full-ported valves to keep piping 
pressure losses to a minimum. 

2. Design scrubbers and other vessels in the station for a minimum 
pressure loss. 

3. Use measurement devices other than orifice meters to reduce 
compressor station pressure losses further. 

■ OTHER DESIGN PROBLEMS. Determining pipe size, pressure drop, 
flow capacity, and related criteria are only the basics of pipeline design. 
Many other aspects of a pipeline system require sophisticated, detailed 
design work, including the following: 

1. Steel selection is critical in special environments such as the 
Arctic and offshore. Design can involve the consideration of spe¬ 
cial tests of pipeline steels to determine toughness, susceptibility 
to fracture and fracture propagation, and other steel characteristics. 

2. Calculation of laying stresses is an important part of offshore 
pipeline design. Pipe stresses are often greater during installation 
than at any other time. Insuring that irregularities on the ocean 
floor do not overstress the pipeline after it is laid is also 
important, requiring consideration of he type of lay barge, water 
depth, pipe weight, and other factors. 

3. Calculating buckling and collapse resistance of an offshore 
pipeline—both during installation and operation—is a key step in 
the design process. 

4. Many pipelines undergo significant temperature changes during 
operation that cause expansion of the pipe. Some pipelines carry 
warm or hot fluids, and when shut down, cooling occurs. 

Allowing for expansion and contraction of the steel can be done 

in several ways. 

5. Calculating pump and compressor horsepower required is an 
integral part of pipeline flow and pressure drop calculations when 
designing a complete system. Pump and compressor calculations 
involve a unique group of equations and special equipment (see 
Chapter 5). 
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6. Cathodic protection, widely used for corrosion control in 
pipelines, is a key part of the design of many systems. It helps 
ensure the pipeline will be serviceable throughout its intended 
life. 

7. Stream and road crossings may require sophisticated design. For 
example, large pipeline bridges required for spanning rivers can 
present complex structural design problems. Using directionally 
drilled crossings is also a common method and requires its own 
design approach. 

8. Control system design is a science in itself. It involves monitor¬ 
ing the pipeline for leaks, and monitoring and controlling pumps 
and other operating conditions. And as gas pipelines shift from 
merchant to transporter, they must deal with many more cus¬ 
tomers,* scheduling and accounting become increasingly complex. 

9. Station design, in addition to the sizing of pumps or compressors, 
can involve the design of buildings and other structures. 

10. Economic calculations are a key part of pipeline design. An 
estimate of capital costs and operating costs must be made, and 
alternative designs compared. 

Other special problems are not uncommon in pipeline design, but 
those outlined here give an idea of the complexity of the process for a 
modem pipeline system. 
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CHAPTER 5 


PUMPS AND 
COMPRESSORS 



ump stations for liquids 
pipelines and compres¬ 
sor stations for natural 
gas pipelines are just as 
important a part of the 
pipeline system as the pipeline 
itself. 

There are two general types 
of pump or compressor stations in 
a pipeline system. The originating 
station at the inlet to the pipeline 
is usually the most complex,- 
booster stations along the pipe¬ 
line contain less equipment. Each 
type of station contains either liq¬ 
uid pumps in crude or products 
pipeline systems, or gas compres¬ 
sors in natural gas pipeline sys¬ 
tems. 

Some field gathering pipe¬ 
lines do not need pumps or com- 
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pressors. The natural pressure at the wellhead is high enough to cause 
fluid to flow to the gas-processing plant or lease storage tank. 

STATION DESIGN AND 
OPERATION 

D n designing a pipeline system, the location of pump or com¬ 
pressor stations must be determined as well as the size of indi¬ 
vidual pumps or compressors within each station. 
Environmental protection and safety considerations—as well 
as engineering design criteria—are very important in selecting 
the station site. The number and location of stations depend on the length 
of the pipeline and how much energy must be added to the fluid to trans¬ 
port the required volume at the desired delivery pressure. 

In general, fluid leaves a pump or compressor station at a given dis¬ 
charge pressure. As the distance from the station increases, the pressure in 
the pipeline decreases due to friction and elevation losses. Pressure in the 
pipeline cannot be allowed to fall below the delivery pressure at the end of 
the pipeline or flow will cease. So if the length of the line is such that 
pressure drop will consume enough of the energy supplied by the pump or 
compressor to drop operating pressure below the delivery pressure, anoth¬ 
er pump or compressor station—a booster station—is required. 

If the pipeline is a branch line feeding into a main line, pressure in 
the branch must be maintained high enough to cause fluid to flow into 
the main line. 

The number of booster stations varies widely in both natural gas and 
liquids pipeline systems. The longer the line, the more stations may be 
required. The size of these stations—the amount of pump or compressor 
horsepower contained in each—also varies widely. Most large systems 
with a number of pump or compressor stations represent a compromise 
between a few very large stations and a large number of small booster sta¬ 
tions. The advantage of a few stations is that operation, control, and main¬ 
tenance are more centralized. But if, for instance, a single, very large 
booster station were used, it might have to increase the pressure at the 
station to a level that would require the use of heavier pipe. The added 
cost of this heavier pipe, when compared with alternative designs, might 
not result in the most economical overall system approach. 

When pressure is increased at a booster station, it cannot be 
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increased above the allowable operating pressure of the pipeline. Near the 
station, after the fluid leaves the pump or compressor, is the point at 
which operating pressure is highest in the segment of the pipeline 
between that station and the next. At that point, little of the energy sup¬ 
plied by the p um p or compressor has been used to overcome friction. 

■ STATION EQUIPMENT. Equipment in an individual station varies in 
both size and type, depending on the volume of fluid being handled and its 
properties, the size of the pipeline system, the type of monitoring and con¬ 
trol used, the remoteness of the station, the environment, and other fac¬ 
tors. 

In a crude or products pumping station, the main items are pumps 
and their drivers. Many pumping stations have several pumps. The num¬ 
ber depends on the total horsepower required and the individual capacity 
ratings of each pump. It can also depend on the designer's preference. It 
may be more desirable to have several smaller pumps, for example, than 
one large pump. This can provide flexibility of operation or a spare pump 
for use when one of the pumps fails or requires periodic maintenance. 

Pump stations typically include metering equipment for measuring 
throughput. Major stations, where custody of the fluid is transferred from 
one owner to another, contain a meter prover to calibrate the metering 
equipment. Originating stations may also have storage tanks to smooth 
out variations in flow to the station so the pumps will operate continu¬ 
ously at near-normal capacity, even though small changes in the supply of 
crude or products to the station occur. In addition to the main-line pumps 
at a station with storage, small booster pumps may be included to move 
liquid from storage tanks to the suction of the main-line pumps. 

Many stations include scraper traps. Scrapers, or pigs, are frequently 
run through pipelines for cleaning and other purposes. And "smart" pigs 
are used to inspect the pipeline interior for corrosion. Points along the 
line, such as pump stations where piping manifolds are installed, make 
convenient points for inserting scrapers and inspection pigs into the line 
and removing them. These traps "catch" the pigs and allow them to be 
removed from the line without taking the entire pipeline out of service. 

In addition to these key equipment items, a crude or products pump 
station often contains a complex array of piping and piping manifolds that 
permit the flow path to be directed to the pumps, to storage, or to other 
equipment. The manifolds also allow certain equipment to be bypassed 
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when out of service for 
maintenance or repair. 

Installed in this piping 
system is a variety of 
valves and valve con¬ 
trollers. Some are operat¬ 
ed manually; others oper¬ 
ate automatically by 
monitoring flow condi¬ 
tions and reacting in a 
predetermined manner. 

A sophisticated 
computer-based control 
and data acquisition sys¬ 
tem is part of modern 
pump stations. 

Natural gas pipeline systems also contain originating and booster 
stations. Rather than pumps, these stations contain gas compressors and 
their drivers. The selection of the number and size of these compressors is 
done based on criteria similar to those used to choose the number and size 
of pumps in crude and products pump stations. And the same design phi¬ 
losophy may apply to determining whether to use a large compressor or 
several smaller compressors for the same throughput volume. The cost of 
onshore compressor stations is detailed in Figure 5-1. 

Compressor stations contain measuring equipment, especially 
where ownership of the gas changes at the station. At some stations, typi¬ 
cally originating stations, a separator is often required before the gas 
enters the compressor suction. This inlet separator removes liquids and 
sediments from the incoming gas stream to prevent damage to compres¬ 
sion equipment. Drips are used in natural gas compressor stations to 
remove liquids and sediment. The type and size of equipment for liquids 
removal depend on the amount of liquid contained in the incoming gas. 
Depending on the properties of the gas and compression conditions, other 
separators may be required at the station to remove liquids condensed 
when the compressed gas is cooled. 

Gas is usually compressed in stages, and the heat of compression 
must often be removed between compressor stages. Interstage coolers are 
used for this purpose. 



* Land construction only; no offshore stations were proposed during period covered. 
tQeneraily mdudes surveying, engineering, supervision, administration and overhead 
interest, contingencies, afude, and FERC tiling fees 
Sources: U.S FERC oonstruction-pormit applications, Juty 1. 1990. 

!A .lima 10Q1 


Fig. 5-1 United States onshore compressor station cost. 
Source: Oil & Gas Journal, 25 November 1991, p. 48. 
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Gas compressor stations also contain piping manifolds to direct the 
flow of gas entering and leaving the station, and valves and valve con¬ 
trollers to regulate flow. 

The sophistication of the equipment in either a pump or compressor 
station depends in part on whether or not it is "attended or unattend¬ 
ed/' if an operator visits the station daily, for instance, the equipment in 
the station is generally less complex, and more valves and other equip¬ 
ment may be operated manually. If unattended for long periods and moni¬ 
tored from a central location, station equipment is generally more sophis¬ 
ticated and routine changes in valve position, for example, may be made 
automatically. The term unattended is relative; some stations are unat¬ 
tended for only the nighttime hours; others may not be visited for much 
longer periods. As control systems become more sophisticated, more con¬ 
trol of station operation is done from a remote location. 

Control equipment at pump and compressor stations also includes 
shutdown systems that automatically cause individual pumps or compres- 
sors—or the entire station—to be shut down if conditions exceed operat¬ 
ing limi ts For example, if rotating equipment overspeeds, automatic shut¬ 
down occurs; excessive pressure in the pipeline also may cause station 
shutdown. Other operating conditions, if exceeded, may also cause a shut¬ 
down. 

■ STATION SAFETY REGULATIONS. In the United States, the U.S. 
Department of Transportation pipeline safety regulations (49 CFR) con¬ 
tain requirements for compressor station design and construction, emer¬ 
gency shutdown systems, liquid removal, safety equipment, valves, and 
other aspects of compressor station design and operation. The location of 
buildings, building construction materials, building exits, and electrical 
facilities are specified. 

Liquid removal facilities are required under these regulations at 
compressor stations when entrained vapors in the natural gas are expected 
to liquefy under anticipated pressure and temperature conditions to avoid 
those liquids entering the compressor and causing damage. Liquid separa¬ 
tors must be equipped so liquids can be removed from the vessel manual¬ 
ly; the vessel must be manufactured in accordance with the American 
Society of Mechanical Engineers' Boiler and Pressure Vessel Code. Liquid 
separators must also have either automatic liquid removal facilities, an 
automatic compressor shutdown device, or a high-liquid-level alarm. 
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In general, U.S. federal pipeline safety regulations require that 
except or unattended field compressor stations of 1,000 hp or less each 

~~ mUSt h3Ve ^ CmergenCy shutdown s y st em that does 

1. Is able to block gas out of the station and blow down the station 
piping 

2. Will discharge gas from the blowdown piping at a location where 
the gas will not create a hazard 

3. Provides means for the shutdown of gas compression equipment 
gas fires, and electrical facilities in the vicinity of gas headers and 
in the compressor buil ding 

4 C T u" ° perated from at Ieast tw o locations, each of which is out 
side the gas area of the station, near exit gates or emergency exits 
and not more than 500 ft from the limits of the station 

Compressor stations that supply gas directly to a distribution sys¬ 
tem when no other source of gas is available must have an emergency 
shutdown system designed so that it will not function at the wrong time 
and cause unintended outages. 

° n ° ffshore Platforms, the emergency shutdown system for an unat¬ 
tended compressor station must be designed and installed to operate auto¬ 
matically when the gas pressure equals the maximum allowable operating 
pressure plus 15% and when an uncontrolled fire occurs on the platform, 
or a compressor station in a building, the emergency shutdown system 
must operate automatically when an uncontrolled fire occurs in the build¬ 
ing or when the concentration of gas in the air reaches 50% or more of the 
lower explosive limit in a building that has a source of ignition. 

U.S. pipeline safety regulations also require certain pressure-limiting 
evices to be installed in compressor stations. Each station must have 
pressure relief or other protection devices sensitive enough to insure that 
e maximum allowable operating pressure of the station piping and 
equipment ia not exceeded by mote then 10%. Each yen, line that 

e v* “ gas r0m the pressure relief valves must extend to a location 
where the gas can be discharged without hazard. 

This is only an overview of U.S. federal pipeline safety regulations, 
he regulations contain more details of critical importance to the pipeline 
sys em esigner. And more on pipeline safety, including the requirements 
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resulting from the Cullen report on offshore safety in the North Sea, is 
contained in Chapter 14. 

PUMP APPLICATION 
AND DESIGN 

B n pumping any liquid, the goal is to add energy to the liquid to 
cause it to move through a pipeline by overcoming the resis¬ 
tance of friction and changes in elevation. Energy is supplied 
to the liquid through the pump by the pump's driver—either 
an engine, a turbine, or an electric motor. The amount of ener¬ 
gy transferred from the pump's driver to the liquid depends primarily on 
the operating speed of the pump and the dimensions and geometry of the 
pump's liquid-handling parts. Pump efficiency, an overall indication of the 
energy transferred by the pump, depends on these and other factors. 

Several types of pumps are used in handling crude and petroleum 
products. The capacity of each type can cover a wide range. The designer 
also has a variety of pump sizes and geometries to select from when 
choosing a pump for a specific application. 

One basis for pump selection is the rating curve developed for each 
pump as a result of tests conducted by the manufacturer. Rating curves— 
also called efficiency curves and head-capacity curves—show how the 
pump's head, efficiency, and power consumption vary with its capacity. 

The term head when used in pump design, refers to pressure or pres¬ 
sure differential. It comes from the use of a column of liquid (water is nor¬ 
mally used as a standard, or base) to represent pressure. For instance, a 
column of water 10 ft high exerts a pressure of 4.335 psi at its base (1 ft of 
water exerts a pressure of 0.4335 psi). To pump water to the top of this 
column—to fill a tank, for instance—requires that the pump overcome a 
head of 10 ft, or 4.335 psi, disregarding friction losses. The head exerted by 
liquids other than water depends on their specific gravity. A crude oil 
with a specific gravity of 0.85 (specific gravity of water = 1) would exert a 
pressure of (0.85)(0.4335) = 0.368 psi/ft of height. 

Each pump has an optimum operating range in which efficiency is a 
maximum. Ideally, a pump would be chosen that would operate within 
this range throughout its life. But in many cases, especially pipeline appli¬ 
cations, capacity and other operating conditions may change significantly. 
Two general types of pumps are common in oil industry applica- 
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tions: the centrifugal pump and the positive displacement pump. The 
choice of pump type depends primarily on the volume to be pumped and 
the pressure, or head, that must be overcome. In general, centrifugal 
pumps are used when the volume of liquid to be pumped is relatively 
large and pressures are moderate,- positive displacement pumps are used 
for pumping smaller volumes at higher pressures. These application 
ranges are not sharply defined. The capabilities of each type overlap, and 
in many cases either could be used if pressure and volume capabilities 
were the only considerations. 

The choice in such cases may be made by studying the rating curves 
of different pumps and determining which will operate most efficiently. 
Other factors, including compatibility with other system components and 
spare parts inventory, will also affect the pump type selected. 

Another type of pump, the multiphase pump, is under development. 
One design has twin parallel shafts, geared to counter-rotate and carry 
pumping elements which mesh, to give a constant volume axial displace¬ 
ment of fluid. 1 

■ POSITIVE DISPLACEMENT PUMPS. Positive displacement pumps 
are used for smaller volumes and when required pumping pressure is high. 
A common use for these pumps, also called piston pumps, is for injecting 
water into an oil-producing formation (waterflooding) to increase oil 
recovery. Pressures of several thousand pounds are often required to force 
the water down the injection well and into the formation. 

The most common positive displacement pumps use a piston or 
plunger that is moved back and forth in a cylinder to increase the pressure 
of the liquid. The plunger is attached to a plunger rod, which in turn is 
connected to a crankshaft in the pump's power end. The crankshaft is dri¬ 
ven by the pump's prime mover, an engine or electric motor. 

Fluid enters the cylinder from the low-pressure source through suc¬ 
tion valves. When the discharge valves are open, fluid is forced into the 
pipeline at high pressure. Single-acting plunger pumps fill the cylinder on 
the backward stroke and discharge fluid into the pipeline on the forward 
stroke. Double-acting reciprocating pumps fill the cylinder and discharge 
fluid on the same stroke. The cylinder on one side of the piston is filled as 
the other end of the cylinder is being discharged. 

Single-acting positive displacement pumps are typically selected for 
use at high differential pressures and high operating speeds. Under these con- 
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ditions, they may have a relatively short life. Double-acting plunger pumps 
are more suitable to applications involving high volumes, lower pressures, 
and slower speeds. Slow-speed operation can significantly prolong pump life. 

Reciprocating pumps have been built with from one to several cylin¬ 
ders. A three-cylinder pump—a triplex—is common. Two-cylinder 
(duplex) p ump s were used for many years on drilling rigs to pump drilling 
mud down the hole. Triplex pumps for that purpose are now common, 
and they are used also for other industry applications. 

A consideration in choosing the number of cylinders a pump should 
have for a specific application is the pulsation caused by reciprocating 
pumps. The effect of the number of cylinders on pulsation can be seen by 
first considering a single-acting pump with one cylinder. The discharge 
pressure builds from zero (no flow) when the piston is on the filling stroke 
to the r pavirmim discharge pressure when the piston is on the discharge 
stroke. The variation in discharge pressure and flow is great. 

If the pump has two cylinders, however, one is discharging while the 
other is on the filling portion of the stroke. There still is variation in peak 
pressure, but the discharge pressure is never zero. Peaks in the pressure 
profile correspond to the discharge stroke of each piston. The difference 
between the peaks and valleys in this discharge pressure profile will be 
even smaller as the number of pistons increases further. The greater the 
number of pistons, the smoother the flow through the pump. 

Uneven flow can he a problem in some applications. For instance, it 
causes pulsation in metering equipment that can affect measurement 
accuracy. Pulsation resulting from uneven flow can also cause vibration m 
pip ing and equipment that can result in failure. Fatigue failure of piping 
due to pulsation-caused vibration can be serious, and the analysis and pre¬ 
vention of such vibration is complex. Excessive vibration is particularly 
undesirable on offshore platforms where vibration can be transmitted to 
structural elements of the platform. On land, when a pump is placed on a 
suitable foundation, the earth absorbs much of the vibration that could be 
present in the offshore structure. 

Methods used to reduce or eliminate vibration caused by pulsation 
include bracing, use of flexible piping, and careful design of pump-con¬ 
nected piping. The pulsating flow will still exist because of the physical 
nature of the reciprocating pump; the goal is to control vibration so the 
pump and related equipment are not subject to damage or failure. 

Vibration problems can be even more complex when more than one 
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pump is discharging into a common piping system. The magnitude of the 
vibration may be increased above that which would occur with a single 
pump, depending on the frequency of vibration resulting from each pump 
and whether or not their pulsations are "in phase." 

■ EFFICIENCY. Most reciprocating pumps have a packing element 
around the piston rod to seal the pump cylinder from the atmosphere. 
This packing can become ineffective due to normal wear or improper 
lubrication. When it is not sealing properly, air leaks into the pump cylin¬ 
der, reducing pump efficiency. 

Other causes of reduced efficiency in reciprocating pumps include 
the following: 

L Air or vapor in the suction line 

2. Air or vapor above the suction valves 

3. An air leak in the suction piping 

4. Failure of valves to close properly 

5. Worn valves and valve seats 

6. Worn cylinders or plungers 

7. Insufficient head (pressure) available at the pump suction 

Plunger pumps are available with special corrosion-resistant metals 
(special "trim") for severe service applications. 

■ CENTRIFUGAL PUMPS. Centrifugal pumps (Fig. 5-2) are more com¬ 
mon when large volumes must be pumped and high pressure differentials 
are not present. Rather than operating with a reciprocating motion, the 
centrifugal pump rotates. It consists of an impeller and a casing. The 
impeller is turned by the pump's driver through a shaft and "throws" the 
liquid into the pump casing, increasing the energy of the liquid by cen¬ 
trifugal force. This increase in energy causes the liquid to flow into the 
discharge line. Movement of the liquid out of the impeller reduces the 
pressure at the impeller inlet, allowing more fluid to flow into the 
impeller from the suction line. 

The result is a continuous flow of fluid through the pump. For con¬ 
tinuous flow, however, these conditions must exist. 2 
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1. Liquid must flow into the impeller at the same rate it is being 
discharged from the pump. 

2. Pressure in the suction pump must exceed the pressure at the 
impeller inlet by an amount great enough to overcome suction 
line resistance and the difference in elevation, or lift, from the 
sump to the impeller. 

3. Pressure inside the impeller cannot fall below the vapor pressure 
of the liquid. 

4. Total head, or energy, developed by the impeller must be great 
enough to overcome the resistance of the system downstream of the 
pump. 

There is a variety of types of centrifugal pumps, and capacities cover 
a wide range. Some pumps have one impeller and casing; others have sev¬ 
eral impellers and casing arranged in series. Impeller designs vary accord¬ 
ing to the manufacturer, the type of service, and operating conditions. 
Different casing designs also are available, and casings can be either one- 
piece or two-piece (split). Some centrifugal pumps are mounted along their 
centerline; inline pumps are mounted along a line between suction and 
discharge. Inline pumps are used primarily in plant applications rather 
than in pipeline service. 

The location of the suction, or inlet to the pump, also distinguishes 
two types of centrifugal pumps. The inlet is located axially, concentric 
with the impeller, in end-suction pumps. In side-suction pumps, the suc¬ 
tion inlet is perpendicular to the axis of the impeller. 

In addition to capacity, centrifugal pumps are classified according to 
their specific speed, which relates flow rate, head, and operating speed of 
the pump. 

■ EFFICIENCY. As is the case with reciprocating pumps, key causes of 
reduced centrifugal pump efficiency are air leaks, and air or vapor pockets 
in the suction line or in the pump. Another important consideration in 
centrifugal pump operation is alignment of the pump with its driver. 
Improper alignment will cause vibration, overheating, and undue stresses 
on the shaft and other pump components. Proper alignment is a key step 
in pump installation. It must also be checked frequently during operation 
to ensure alignment is maintained. 

In many pumping operations, cavitation is an important concern. 
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Cavitation occurs when pressure decreases in a localized area of the p um p 
In some cases, the pressure may be reduced below the vapor pressure of the 
liquid, resulting in cavitation. Cavitation causes excessive vibration, reduced 
pump efficiency, and in some cases failure of pump components. 

■ NET POSITIVE SUCTION HEAD. One of the most important criteria 
in designing a liquid pumping system is net positive suction head (NPSH). 
Each pump has its own requirement for NPSH, usually expressed in feet 
of head. The NPSH required is normally shown on the manufacturer's rat¬ 
ing curve for each pump. 

Net positive suction head available to a pump in a specific applica¬ 
tion must be equal to or greater than the required NPSH specified by the 
manufacturer. If enough suction head is not available at the desired flow 
rate, vapor lock, cavitation, and pump damage may result. 

Basically, the net positive suction head is the difference in pressure 
between the tank or pipe from which liquid flows to the pump suction 
and the center of the pump suction. NPSH is determined from the pres¬ 
sure in the tank or pipe, the atmospheric pressure, the vapor pressure of 
the liquid, the specific gravity of the liquid, the friction losses in piping 
and valves, and the difference in elevation between the fluid in the tank 
and the pump suction. 

A pump taking suction from a pressurized tank or vessel will have a 
greater NPSH available than if the vessel is at atmospheric pressure. And 
the higher the suction vessel is elevated above the pump, the greater will 
be the NPSH available. 

NPSH for most pumps is calculated in the same way using these 
parameters. For reciprocating pumps, however, the motion of the pump 
piston must also be considered. An acceleration head is required to accel¬ 
erate the fluid on each suction stroke so the fluid will "catch up" with the 
receding piston during the filling stroke. 3 If sufficient acceleration head is 
not provided, the pump will "knock" as a result of the fluid column 
catching up with the pump piston. Also, insufficient head to compensate 
for piston movement will cause cavitation due to incomplete filling 0 f the 
cylinder. As in centrifugal pumps, cavitation reduces pump efficiency and 
can damage pump components. 

B PIPING DESIGN. The effect of NPSH on pump performance is so 
important that much effort goes into the proper design of suction piping, 
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placement of the pump relative to the suction vessel, and selection of the 
valves required in the suction piping. Many of the design guidelines are 
aimed at reducing pressure loss due to friction in the piping. 

Factors to be considered in the design of suction piping for a recipro¬ 
cating pump, for example, include the following: 3 

1. Locate the pump as close to the fluid supply as possible. 

2. Use full-opening gate valves and avoid valves that constrict flow. 

3. Make the piping arrangement short and direct, using no ells. If 
ells are required, use a 45° long radius instead of 90° ells. 

4. If a reducer is required to change from one pipe diameter to a 
smaller pipe in the suction line between the main line and the 
pump, use an eccentric reducer rather than a concentric reducer. 
Locate the straight side of the eccentric reducer on top. 

5. Slope the suction line downward uniformly from the fluid supply 
to the pump to avoid air pockets. 

6. A bypass should return liquid to the source vessel and not into 
the suction line. 

7. Firmly anchor or bury suction lines to avoid strain on the pump 
and to help prevent vibrations from acting directly on the pump. 

8. Use a suction line that is larger than the pump inlet. When two 
or more pumps are connected to a common suction header 
(section of pipe), proper sizing of that common header is important. 

9. Install a properly sized pulsation dampener as close to the pump 
as possible. 

10. Install a gate valve on the suction line to allow the pump to be 
isolated for maintenance. 

Design of discharge piping for a pump installation is also important, 
and several guidelines are recommended. 3 A gate valve should be installed 
on the discharge line. By closing this valve and the gate valve on the suc¬ 
tion line, the pump can be isolated. A check valve—a valve that permits 
flow in only one direction—is also recommended on the discharge line to 
prevent vibrations that might be caused by fluid flow from other units 
connected to common piping. A pulsation dampener on the discharge line 
is also recommended in many cases. 

If possible, discharge lines should be run straight from the pump for 
at least 10 ft before a change in direction is made, and they should be 
securely anchored. 
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Many of these guidelines for reciprocating pump piping also are 
applicable to piping for centrifugal pumps. Pulsation and vibration, how¬ 
ever, are less critical considerations in the design of centrifugal pump 
installations. Pulsation dampeners, for instance, are not usually needed 
for centrifugal pumps. Their rotary motion makes them less prone to sig¬ 
nificant pulsation or vibration caused by intermittent fluid flow. 
Vibration can, however, result from other causes. 

The proper design of suction piping to provide adequate NPSH is 
just as important for centrifugal pumps as for reciprocating pumps. 

■ PRESSURE AND VOLUME CAPABILITY. Key criteria in selecting a 
pump for a given application are the volume of liquid to be pumped and 
the differential pressure to be overcome. Differential pressure is the differ¬ 
ence between the pressure at the suction of the pump and the required 
discharge pressure. Suction pressure is determined by the type and 
arrangement of the fluid source—wellhead, pipeline, tank, or other ves¬ 
sel—and suction piping. Discharge pressure is that which is required to 
cause flow into the pipeline. Pressure in the pipeline depends on pipeline 
hydraulic conditions discussed earlier, the required pipeline delivery pres¬ 
sure, and the pressure loss between the delivery point and the pump dis¬ 
charge. 

The pump selection process involves choosing a unit that will pump 
the required volume at the existing differential pressure when driven by a 
prime mover that will supply the required shaft horsepower. 

As discussed earlier, manufacturers provide a head/capacity curve 
for each pump on which is plotted the volume the pump can discharge at 
a specified head, or differential pressure. Efficiency of the pump varies 
with head and flow volume. It is desirable to choose a pump that will 
operate at the highest efficiency under the design volume and pressure 
conditions. 

Volume requirement can change substantially over the life of the 
system. It is important to consider expected changes in operating condi¬ 
tions and choose equipment that will operate efficiently over the life of 
the project. A number of pumps must be evaluated, and alternative 
arrangements of pumps or additions may have to be considered. 

Several physical characteristics of pumps determine flow and head 
capacity. In reciprocating pumps, the larger the piston and cylinder, the 
greater the flow capacity. A longer stroke of the piston also increases flow 
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capacity. Piston diameter and stroke length determine the volume of liq¬ 
uid taken into the cylinder on each stroke. In centrifugal pumps, the size 
of the impeller and case and their geometry affect the pump's capacity. 

The combination of volume and pressure differential determines the 
energy that must be supplied to the liquid by the pump. For a given horse¬ 
power, the volume that can be pumped will decrease as the differential 
pressure increases. 

The hydraulic horsepower that must be supplied by the pump is: 


HHP = 


QxHx sp.gr. 
3,960 


where: 

HHP - hydraulic horsepower 

H = differential head, ft (pressure in psi multiplied 
by 2.31 = head in ft) 

Q = liquid flow, gal/min 

sp. gr. = specific gravity of the liquid 


To determine the horsepower that must be supplied by the pump 
driver, hydraulic horsepower must be corrected to account for pump effi¬ 
ciency. For instance, if pump efficiency is 85%, the horsepower that must 
be supplied by the pump's driver is HHP/0.85. 

In addition to supplying the required differential pressure, a pump 
must be chosen that can safely withstand the absolute discharge pressure. 
For example, though two pumps might both be capable of overcoming a 
pressure differential of 100 psi, a pump to handle the differential pressure 
between 100 and 200 psi would not be suitable where suction and dis¬ 
charge pressures are 2,000 and 2,100 psi, respectively. 

In many cases, more than one pump is required at a station. Several 
pumps can be connected in different ways to provide a range of operating 
conditions and capabilities. In a parallel arrangement (Fig. 5—3), more than 
one pump takes suction from a single source. A suction manifold, consist¬ 
ing of a pipe from which individual suction lines branch off to the inlet of 
each pump, is used in this case. Then each pump discharges separately 
into a discharge manifold connected to the pipeline. When connected in 
parallel, each pump operates at approximately the same suction and dis¬ 
charge pressure, and the total flow volume is the sum of the output of the 
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Fig. 5-3 Parallel pump arrangement (top) and series arrangement (bottom). 
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individual pumps. 

Pumps can also be connected in series (Fig. 5-3). In this case, one 
pump takes suction from the fluid source, then discharges to the suction 
of a second pump. The last pump in series discharges into the pipeline. 
The suction pressure for the second pump is equal to the discharge pres¬ 
sure of the first pump minus losses in the connecting piping. In this 
arrangement, the total flow volume is handled by each pump, but the 
total differential head is the sum of the differential heads of the individual 
pumps. 

Parallel operation is represented by a situation in which pipeline 
flow increases enough to require an additional pump at a station. The new 
pump is installed alongside an existing pump and the suction and dis¬ 
charge manifold are extended to connect the new unit. 

An example of series pump operation is an installation in which 
large main line pumps are fed by smaller pumps that take suction from a 
storage tank. The small suction booster pumps handle a large volume at a 
relatively low differential head. They supply the required net positive suc¬ 
tion head to the main line pumps, which would not be available if the 
large pumps were connected directly to the storage tank. 

Though some data are not required for some pump applications 
and types, most of the following information is needed to properly select 
and size a pipeline pump: 

1. Characteristics of the fluid, including specific gravity at pumping 
temperature, pumping temperature, vapor pressure at pumping 
temperature, and the presence of any corrosive materials 

2. Desired pumping rate and expected future changes in volume 
requirements 

3. Pressure conditions, including suction and discharge pressure, net 
positive suction head available, expected future pressure 
conditions, and whether the pump will operate in series or 
parallel with other pumps 

4. Preferred type of pump and type of shaft seal for centrifugal 
pumps 

5. Special metallurgy required to handle high temperature, corrosive 
fluid, or other severe conditions 

6. Type of pump driver to be used and any space limitations 
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An economic evaluation of possible alternatives is an important part 
of pump selection. Operating costs and initial capital costs must be com¬ 
pared for each alternative. Other factors to consider include annual main¬ 
tenance costs and fuel efficiency; expected increases in operating, mainte¬ 
nance, and fuel costs,- and special limitations or advantages of each pump. 
The choice often cannot be made on any one of these criteria,- it must be 
based on the best combination of features for a specific application. 

Selecting the proper pump is only a part of pump station design. The 
other major equipment item, the pump driver, will be discussed in more 
detail in Chapter 6. Pump station design also involves liquid metering 
devices, meter provers, scraper traps, and storage vessels. Station piping is 
an important design element, especially where piping pressure losses and 
net positive suction head are critical. Selecting valves to control fluid flow 
is a key to the operation of individual pumps and the station as a whole. 

Station monitoring and control are critical to reliable operation of 
the equipment. Individual pumps may be designed to shut down automat¬ 
ically when high temperature, low flow, excessive pressure, high lube oil 
temperature, or other abnormal conditions occur. Shutdown systems are 
designed to stop a pump before severe damage occurs. Though damage is 
avoided, the cost of down time can be great. In many cases, this cost can 
justify the installation of standby units. A standby pump can be put on 
line quickly if a pump is shut down and can be used when a pump must 
be taken out of service for maintenance. 

COMPRESSOR 
APPLICATION AND 
DESIGN 

umps and pump stations for liquid pipelines have much in 
common with compressors and compressor stations for natur¬ 
al gas pipelines. The key difference is the fluid being handled: 
liquids are incompressible and gases are compressible. 

Compressors, like pumps, add energy to the flowing fluid 
to cause it to move through the pipeline. Like pumps, compressors can be 
divided generally into reciprocating (Fig. 5-4) and centrifugal units (Fig. 5-5). 
Generalizations made for reciprocating and centrifugal pumps also can be 
made for these two types of compressors. For instance, reciprocating com- 
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Fig. 5-4 Integral engine/compressor, rated at 11,000 bhp, has 20 cylinders in V configuration 
(background) and 10 compressor cylinders (foreground) (courtesy Dresser Industries Inc., 

Dresser Clark Division). 

pressors generally operate at slower speeds than centrifugal units and are 
used in applications where relatively high pressures are required. 

As is the case with positive displacement pumps, reciprocating com¬ 
pressors also produce a pulsating flow. A reciprocating compressor instal¬ 
lation must be designed to avoid equipment and piping damage resulting 
from pulsation and vibration. 

■ RECIPROCATING COMPRESSORS. Many reciprocating compressor 
units used for natural gas pipeline service are integral, i.e., the compressor 
driver and the compressor are contained in a single unit. In a large multi¬ 
cylinder compressor, several compressor cylinders and the engine cylin¬ 
ders are both connected to the same crankshaft. Natural gas is used for 
engine fuel. As the engine rotates the crankshaft, rods connecting the 
crankshaft to compressor pistons reciprocate the pistons in the compres¬ 
sor's cylinders. In a typical machine, the engine cylinders are either verti¬ 
cal or in a vertical V configuration and the compressor cylinders are hori¬ 
zontal. 

There are also reciprocating compressors that do not have integral 
drivers. These compressors are generally smaller than integral machines 
and are often used for auxiliary services. 
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Fig. 5-5 Axial centrifugal compressor, rated at 27,400 bhp, is driven by gas turbine (in white 
enclosure behind compressor). Inlet is from right (courtesy Dresser Industries Inc., Dresser Clark 
Division). 

If the compressor cylinders of a single integral reciprocating com¬ 
pressor unit are operated in parallel, each cylinder compresses a portion of 
the total gas volume and each cylinder operates with approximately the 
same suction and discharge pressures. It is not uncommon, however, for 
one compressor unit to include more than one stage of compression by 
connecting individual compressor cylinders in series. In this configura¬ 
tion, each cylinder handles the total volume, but the discharge pressure of 
the first-stage cylinder is equal to the suction pressure—less piping loss¬ 
es—of the next cylinder. If a large total compression ratio exists, this 
series arrangement can be used. 
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Reciprocating compressor cylinders contain suction and discharge 
valves to permit the flow of gas into and out of the cylinder. Gas flowing 
into the cylinder through the suction valve at suction temperature and 
pressure is compressed in the cylinder and discharged at a higher pressure 
through the discharge valve. 

The volume that the unit can compress under given pressure condi¬ 
tions depends on the size of the cylinder, the length of the piston stroke 
(cylinder size and stroke length determine piston displacement), and the 
clearance volume within the cylinder. Clearance volume is the volume 
remaining in the compressor cylinder at the end of the piston's discharge 
stroke. It is the volume between the end of the piston and the end of the 
cylinder plus the volumes contained in valve ports and other areas. 
Clearance volume is usually expressed as a percent of piston displace¬ 
ment. 

Compressor cylinders operating at low pressure generally are larger 
than those handling an equal volume of gas at a higher pressure. As gas is 
compressed, the same amount of gas occupies a smaller volume. On an 
integral reciprocating compressor in which the cylinders are arranged in 
series, the size of the compressor cylinder decreases as the pressure 
increases. 

Compressor manufacturers offer a number of standard compressor 
frames. The proper compressor cylinders are mounted on one of these 
standard frames to meet a specific application. Each frame has a maxi¬ 
mum speed and load-carrying capacity,- load-carrying capacity involves 
horsepower and compressor-rod loading. These ratings are established 
according to the permissible loads on the crankshaft, connecting rod, and 
other components, and the ability of bearings to dissipate heat. 

It is generally considered desirable to have a reversal of rod loading 
during each stroke. This allows bearing surfaces to part on each stroke so 
they can be properly lubricated. 3 Reciprocating compressors and their dri¬ 
vers also require cooling and lubrication systems to prevent excessive 
buildup of heat and damage to pistons and cylinders. 

■ CENTRIFUGAL COMPRESSORS. In centrifugal compressors, energy is 
added to the gas by the rotation of an impeller rather than by confining the 
gas and then compressing it, as is the case in a reciprocating compressor. A 
centrifugal compressor discharges gas at high velocity into a diffuser, where 
gas velocity is reduced and its kinetic energy converted to pressure. 
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Centrifugal compressors consist of a housing, an impeller mounted 
on a rotating shaft, bearings, and seals to prevent gas from escaping along 
the shaft. The shape and size of the diffuser and impeller vary, depending 
on operating conditions and on the manufacturer. 

Centrifugal compressors have fewer moving parts than reciprocating 
units. Only the shaft and impeller of a centrifugal unit rotate, while recip¬ 
rocating compressors contain connecting rods, bearings, and other compo¬ 
nents to convert crankshaft rotation to reciprocating motion. Hence, cen¬ 
trifugal compressors generally have lower maintenance costs and lower 
lubrication oil consumption. 

The output from a centrifugal compressor is smooth compared with 
the pulsating flow of reciprocating compressors. Because of this feature, 
centrifugal compressors often are considered for installation on offshore 
platforms where vibration must be minimized. Special efforts have been 
made in recent years to extend the operating pressure range of centrifugal 
compressors to meet the demands of offshore applications. However, since 
centrifugal compressors operate at relatively high speeds, they must be 
properly balanced. 

Centrifugal compressors are not capable of as high a compression 
ratio as reciprocating machines, but they can be arranged in series so each 
is only required to develop a portion of the total differential pressure 
required. Their continuous flow characteristics make this series arrange¬ 
ment practical. 

Multistage centrifugal compressors, basically a series of single-stage 
compressors contained in a single casing, are also used. 

■ COMPRESSION RATIO. A key consideration in designing any com¬ 
pressor installation is the compression ratio. If the overall compression 
ratio is high, several compressor stages may be required. Compression 
ratio must be limited to avoid excessive temperatures that would result 
from too high a ratio. When gas is compressed, its temperature increases. 
The more it is compressed, the greater the temperature increase. 
Recommended operating temperatures for compressor cylinders are used 
as a guide in determining maximum compression ratio per stage. 

Compression ratio required per stage is calculated using the over¬ 
all ratio of the installation and pressure losses in suction and interstage 
cooling piping. For example, a close estimate of the compression ratio per 
stage for a two-stage compressor can be obtained by calculating the square 
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root of the station discharge pressure divided by the station suction pres¬ 
sure. If it is necessary to compress gas from 100 psia to 900 psia with a 
two-stage compressor, the compression ratio per stage is approximately: 

^900/100 = ^9 = 3 

If a three-stage compressor is to be used, the cube root of the ratio of 
station discharge pressure to station suction pressure gives the approxi¬ 
mate compression ratio per stage: 

^900/100 = ^9 = 2.08 

If three stages are used (disregarding suction piping and interstage cooling 
pressure losses), the first stage would take suction at 100 psi and discharge 
at 208 psi (100 x 2.08). The second stage would take suction at 208 psi and 
discharge at 208 x 2.08 = 433 psi. The final stage suction would be 433 psi 
and would discharge at the desired pressure of 900 psi (433 x 2.08). 

For final design, suction losses and losses between stages must be 
considered. This will change the estimated compression ratios slightly, 
but they can be easily recalculated using the actual suction and discharge 
pressures and compared with any limits. Maximum allowable compres¬ 
sion per stage is usually based on recommended limits on compression 
ratio or operating temperature. 

The temperature increase that will result from compression from a 
given suction pressure to a given discharge pressure can be calculated 
using the temperature of the gas at suction conditions, the suction and 
discharge pressures, and the heat capacity of the gas. The calculated dis¬ 
charge temperature can then be compared with recommended limits. 

To limit gas temperature to recommended values, it is often neces¬ 
sary to cool the gas between compression stages. Interstage cooling 
between compression stages can be done by air cooling, by cooling with 
water in a heat exchanger, or by exchanging heat with inlet gas in a gas-to¬ 
gas heat exchanger. 

Typically, air coolers consist of banks of horizontal coils through 
which the gas flows between compression stages. A fan blows air over the 
coils to cool the gas before it enters the suction of the next compressor 
stage. In exchanging heat with inlet gas or with water, other types of 
equipment are used in which one fluid flows within the coils, or tubes, 
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and the other fluid flows on the outside of the tubes. 

Depending on the type of gas, separators may also be needed 
between compression stages to remove any liquids condensed by inter¬ 
stage cooling. If liquids enter the compressor, damage can result. In recip¬ 
rocating compressors, damage can occur because the liquid is not com¬ 
pressible and light hydrocarbon liquids may "wash" some of the lubricant 
from the cylinder wall. In centrifugal compressors, liquid droplets imping¬ 
ing on the rapidly rotating impeller at high velocity can cause damage. 

■ CAPACITY, HORSEPOWER. Compressor capacity can be expressed in 
several ways. A common method is to express capacity in cubic feet per 
unit of time at suction temperature and pressure. Capacity is also calcu¬ 
lated at base, or standard, conditions of temperature and pressure. Because 
gases are highly compressible, their volume changes directly with temper¬ 
ature and pressure. At constant pressure, volume increases with increas¬ 
ing temperature; if temperature is held constant, volume decreases with 
increasing pressure. 

As discussed in Chapter 4, a compressibility factor must be included 
in volume calculations to account for the deviation of a gas from the ideal 
gas law. Because natural gas is a mixture of several components with dif¬ 
ferent physical properties, the properties of the mixture must be deter¬ 
mined from a gas analysis, as was described in Chapter 4, for accurate cal¬ 
culation. 

The volume that a given reciprocating compressor can handle 
depends on the piston displacement and the volumetric efficiency of the 
cylinder. Piston displacement depends on whether or not the piston is sin¬ 
gle acting (compresses only on one end of the cylinder) or double acting. 
Piston displacement is the net piston area multiplied by the length of the 
piston stroke. Including the speed of the compressor in the calculation 
then gives total displacement over a unit of time. In a single-acting unit, 
the piston area is the area of the end of the piston. In a double-acting 
machine, the area occupied by the piston rod must be subtracted from the 
area of the piston on the rod end to give the net piston area. Volumetric 
efficiency, discussed earlier, is also required in reciprocating compressor 
capacity calculations. 

The capacity of a centrifugal compressor depends on the size and 
speed of its impeller and the pressure against which the compressor is dis¬ 
charging. Centrifugal compressor capacity varies directly with speed. 
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Manufacturer's charts are available that tell how volume, head, and com¬ 
pressor speed are related. 

The typical design problem is not to determine the capacity of a 
compressor but to select a compressor to handle a given volume of a spe¬ 
cific gas at the prescribed pressure conditions. To do this, it is necessary 
to determine how much compressor horsepower will be required to han¬ 
dle the required volume. Several approaches to calculating required horse¬ 
power are possible, depending on the type of compressor and operating 
conditions. Factors that affect the brake horsepower required include the 
volume to he compressed, suction and discharge pressures (or compression 
ratio), the heat capacity of the gas, and the efficiency of the compressor. 

For both reciprocating and centrifugal compressors, charts have been 
developed that show horsepower required to compress 1 MMcfd of a gas 
with a given ratio of specific heats at various compression ratios. These 
charts are used for a preliminary selection of compressor sizes. Then cal¬ 
culations are made to confirm that the compressor is capable of handling 
the required volume. 

For instance, if it is necessary to compress 10 MMcfd of a gas with a 
specific heat ratio of 1.2 from 14.7 psi to 30 psi with a single-stage recipro¬ 
cating compressor, one chart indicates about 43 bhp per MMcfd is 
required. For suction pressures other than 14.7 psi, it is necessary to cor¬ 
rect the brake horsepower per MMcfd for the actual suction pressure. In 
this example, total compressor horsepower required is determined by mul¬ 
tiplying the brake horsepower per MMcfd by the total volume to be com¬ 
pressed: 

total bhp = (43 bhp/MMcfd) x (10 MMcfd) = 430 bhp 

Much more rigorous methods of calculating compressor capacity 
and horsepower can be used. For a complex installation where (1) volumes 
will change over time, (2) several fuel options must be considered, and (3) 
other variables exist, the selection of natural gas compressors is much 
more sophisticated. In the final evaluation, accurate values for the physi¬ 
cal properties of the gas mixture, supercompressibility factors, and other 
variables are needed. 

The job, however, is one of compressor selection rather than design. 
The pipeline engineer does not often design a unique compressor for his spe¬ 
cific application but chooses from among those available from manufacturers. 










Pumps and Compressors 
125 


As in the case of pumps, the best compressor for each installation is 
the one that represents the most desirable combination of capital cost; 
annual operating and maintenance cost; fuel efficiency; expected increases 
in operating, maintenance, and fuel costs; and the specific advantages and 
limitations of each alternative. 

■ OTHER CONSIDERATIONS. This general outline of the considera¬ 
tions involved in selecting compressors is only a part of compressor sta¬ 
tion design. The other major equipment item in a compressor station, the 
compressor driver, will be discussed in Chapter 6. 

Considerable time and expertise must also be devoted to providing 
auxiliary services, including lubrication, cooling, control and data acquisi¬ 
tion instrumentation, interstage cooling, and liquid removal. Compressor 
lubrication equipment must be reliable. It often must operate in severe 
environments where dust, extreme cold, or other conditions exist. Though 
compressors are protected by sophisticated shutdown systems, resulting 
downtime is costly. And if the compressor is not shut down when the 
lube system fails, severe damage results. Cooling systems must also be 
designed for reliability and safety. 

The design of interstage cooling involves sizing heat exchangers by 
calculating heat flow and the sizing of vessels if liquid removal is 
required. Additional design work may involve pulsation dampeners, the 
Selection of valves to regulate and distribute flow, and station piping. 
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CHAPTER 6 


PRIME 

MOVERS 


he purpose of a pipeline 
prime mover—an en¬ 
gine, motor or turbine— 
is to supply the shaft 
horsepower required by 
a pump or compressor to move 
fluid through the pipeline. 

Prime movers are not de¬ 
signed and manufactured for each 
specific application. Rather, man¬ 
ufacturers make available a num¬ 
ber of sizes of different types of 

I drivers that can be applied over a 
relatively wide range of operating 
conditions. Options or modifica¬ 
tions may be available to increase 
a unit's operating range. The 
pipeline designer's task is to 
choose the most suitable type of 
driver to be used and the proper 
machine within that type. 
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Basic selection parameters are horsepower output and efficiency. 
Several considerations, in addition to horsepower rating, are important in 
selecting pump or compressor drivers. Because the designer wants the 
most economical installation, he must also consider the availability of 
energy to power the prime mover and the cost of energy. Initial cost of the 
unit must be compared with that of other units that could provide the 
required output horsepower, and maintenance costs must be estimated. 

One of the most difficult steps in an economic evaluation of various 
prime mover choices is the projection of costs over the life of the project 
or unit. The cost of fuel is an example of the difficulty in predicting oper¬ 
ating costs. Fuel costs, for example, increased rapidly, beginning in 1973, 
then dropped again in the late 1980s. The cost of different fuels can also 
change relative to each other. 

As difficult as it is, a good estimate of fuel and other operating costs 
is necessary to compare prime mover alternatives accurately. For example, 
a machine with the lowest initial cost may have an operating and mainte¬ 
nance cost over the project's life that will make it less economical than 
another type of prime mover with a higher initial cost. As in most eco¬ 
nomic evaluations, the time value of money is an important basis by 
which to compare alternatives. 


CHOOSING THE 
TYPE OF DRIVER 



ypes of prime movers include electric motors, gas turbines, 
and diesel and internal combustion engines. Diesel engines are 
not widely used for main line service; electric motors and gas 
turbines have become the most popular for this application. 
The type of energy available to power the installation is 
the key consideration in choosing among driver types. If electric power is 
not available, for instance, without building a long electric line to the site 
and natural gas is available nearby, an electric motor driver will likely not 
be the most economical choice. If a relatively long gas line must be built, 
then the cost of using a gas turbine or natural gas engine may be exces¬ 
sive. Reliability of the energy source is another important factor. If electri¬ 
cal outages are common in the system or a long-term gas commitment 
cannot be made, the pump or compressor prime mover will be selected 
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that will avoid frequent shutdowns resulting from interruptions in the 
supply of energy or fuel. Of course, in the case of natural gas pipelines, 
natural gas is very likely to be available for fuel. 

Availability and dependability of the energy source, in addition to 
the projected cost of fuel or electricity over the life of the project, must be 
evaluated. 

In comparing cost, fuel use, maintenance expense, and other fea¬ 
tures, it is common to use a unit basis. For instance, the initial cost of a 
prime mover is typically expressed in dollars per brake horsepower ($/bhp) 
when comparing units with different horsepower output ratings. Fuel con¬ 
sumption is often expressed in lb/bhp/hr for diesel engines or BTU/bhp/hr 
for natural gas engines. Maintenance costs are often expressed in $/bhp/yr. 
In comparing initial cost, the basic prime mover and all necessary auxil¬ 
iary equipment must be considered. 

Other factors influence the choice of prime mover type, including 
other units in a company's system. If a large portion of a pipeline compa¬ 
ny's pumps or compressors are driven by one type of prime mover, there 
are advantages in continuing to use that type, providing cost and suitabili¬ 
ty are otherwise acceptable. Maintenance and operating personnel may 
require additional training if a different type of prime mover is chosen, 
and an additional spare parts inventory will be required. 

The type of supervisory control system to be used at the pump or 
compressor station and the pipeline's overall monitoring and control con¬ 
figuration also influence the choice of prime movers. In the past, some 
control functions have been more easily performed with one type of prime 
mover than with another, but today's sophisticated instrumentation 
makes it possible to monitor and control almost any parameter on any 
type of driver. 

Recommended operating speed of the pump or compressor to be dri¬ 
ven also influences the type of driver. The prime mover speed must be 
compatible with the speed of the machine to be driven. If a gas turbine is 
used, it is often necessary to use a speed reducer between the gas turbine 
and the pump or compressor to match the driver's shaft speed to that of 
the driven unit. In some applications, variable-speed drivers are used. For 
example, variable-speed gas turbines have been used to drive reciprocating 
compressors to provide flexibility. Variable speed electric motors can also 
be used. 1 

Other considerations in choosing the proper type of prime mover 
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TABLE 6-1 

COMPARISON OF PRIME MOVERS* 



Electric motor 

High-speed diesel 
(900-1,800 rpm) 

Low-speed diesel 
(400-600 rpm) 

Initial cost $/bhp 

20-30 

100-150 

175-250 

Fuel rate 

A. No. 2 diesel Ib/bhp/hr 

(Energy rate + 
demand) 

0.48 

0.59 

B. Gas, BTU/bhp/hr 


0-10,000 

10-12,000 

Maintenance,! $/bhp/yr 

0.75 

2M5 

5-10 

Efficiency,! % 

95 

35 

30 

Speed, rpm 

1,200/1,800/3,600 

900-1,800 

400-600 

Availability on load base, % 

99.9 

90 

99 

Time between overhauls, hr 

100,000 

30,000 

75,000 

Time between major 
inspections, hr 

25,000 

4,000 

20,000 


*1,000 to 5,000 blip In base-load operation. -[Maintenance includes all parts and contract labor (excludes 
fuel) for U.S.A. onshore. ^Turbine overall efficiency can be doubled or tripled by applying heat recovery. 
Source: Oil & Gas Journals February 1981, p. 87 


include efficiency, availability, and expected time between major inspec¬ 
tions and overhauls. Table 6-1 is an example comparison of prime mover 
alternatives. 

There is no average compressor or pump station size, nor average 
pump or compressor size within a station. A small gas-gathering system 
compressor station can have one compressor unit within the station; that 
compressor's rating may be as small as 100 hp. From there, size ranges 
upward to large main line transmission or pumping stations with a num¬ 
ber of individual units totaling as much as 30,000 hp or more. 

A typical system may include compressors driven by prime movers 
with horsepower outputs totaling several hundred thousand horsepower. 
For instance, Coastal Corp.'s system includes compressor engines that 
develop a total of more than 1.5 million hp. The system includes 163 
compressor stations located throughout its 19,000 mi pipeline network. 2 

■ HORSEPOWER REQUIRED. To be considered for a specific application, a 
prime mover must be capable of supplying the shaft horsepower required 
by the pump or compressor. Then those drivers that meet this basic crite¬ 
rion are further evaluated on the basis of initial cost, fuel cost, mainte¬ 
nance and operating cost, control adaptability, flexibility of operation, and 
other factors. 

Horsepower required to drive liquids pumps is determined by first 
calculating the hydraulic horsepower the pump must deliver. Hydraulic 
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horsepower is then divided by pump 
efficiency to determine the brake 
horsepower that must be input to 
the pump shaft. The power that 
must be input to the pump shaft is 
the shaft horsepower that the prime 
mover must deliver. Obviously, the 
higher the pump efficiency—the 
lower are friction and other losses 
within the pump—the less prime 
mover horsepower is required to 
move a given volume of liquid 
through the pipeline. 

The hydraulic horsepower that 
a pump must supply to the fluid is 


the energy required to overcome elevation and friction losses. It is calcu¬ 


lated using this equation: 


mip _ HxQ , 

33,000 

where: 

HHP = hydraulic horsepower 

H - head in ft that must be overcome (elevation and friction) 

Q - liquid flow, lb/min 

33,000 - conversion from ft-lb/min to hp (1 hp = 33,000 ft-lb/min) 

This equation is valid when pumping water. When pumping other 
liquids, the specific gravity of the liquid must be included in the equation. 
The lower the specific gravity of the fluid being pumped, the less horse¬ 
power is required for pumping a given volume. 

Flow in the pipeline industry is normally given in volume units 
rather than weight units as in the equation above. The following equation 
uses volume units and includes the effect of fluid specific gravity and 
pump efficiency. The equation determines the brake horsepower that 
must be supplied to the pump shaft by the prime mover. 
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where: 

bhp = brake horsepower required 

Q = Hquid flow, gal/min 

H = bead, ft, that must be overcome (elevation and friction) 
sp. gr. = specific gravity of the fluid (in bquids pipelines, this may 
range from 0.35 for ethane to 0.95 for fuel oils) 

3,960 = conversion from ft-gal/min to horsepower 

(lhp = 33,000 ft-lb/min and 1 gal = 8.33 lb; therefore, 
33,000 ft-lb/min = 3,960 ft-gal/min = 1 hp) 

8.33 lb/gal 

To see the effect of pump efficiency on prime mover size, assume 
two pumps are being evaluated for pumping a crude oil with a specific 
gravity of 0.90. Of the two pumps being considered, one has an efficiency 
of 80% (0.80) and one an efficiency of 70% (0.70). The brake horsepower 
required to pump 100 gal of crude against a head of 100 ft with the more 
efficient pump is 


„ 100x100x0.90 

Dnp “ 3,960x0.80 


= 2.84 hp 


For the same fluid and pumping conditions, the pump with the 
lower efficiency requires 


100 x 100 x 0.90 
Dnp “ 3,960x0.70 


= 3.25 hp 


A typical crude or natural gas liquids pipeline transports volumes of 
several thousand b/d, and friction and elevation head may total several 
hundred feet. Under these conditions, the 14% difference in horsepower 
requirements in this example is significant. 

■ SIZING COMPRESSOR DRIVERS. Calculating the amount of horse¬ 
power required to drive a compressor involves determining the theoretical 
horsepower required to increase gas pressure from suction pressure to dis¬ 
charge pressure, then allowing for losses in the compressor. Because gas is 
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a compressible fluid, more terms must be used in the calculation than in 
calculating hydraulic horsepower for pumping. 

Assuming adiabatic compression (compression in which no cooling 
occurs and gas temperature rises steadily), theoretical horsepower for a 
reciprocating compressor, for example, can be calculated from this formu¬ 
la: 

H,eo,«icalhp-™* J?_ [ III)" 1 ] 

229 k-l l 'Pi' 1 

where: 

k - ratio of specific heats of the gas (Cp/Cy) 

Pi - suction pressure, psia 

Pa = discharge pressure, psia 

Vi = suction volume, ft 3 /min 

Actual horsepower required is then obtained by multiplying theoret¬ 
ical horsepower by a factor that accounts for losses due to pressure drop 
through valves and piping, and the friction of piston rings and rod 
packing. 3 

The bhp/MMcfd is the brake horsepower required to compress 1 
milli on cubic feet of gas per day ; the gas is measured at 14.4 psia and suc¬ 
tion temperature. Charts are available for estimating bhp/MMcfd quickly 
if the compression ratio and the specific heats of the gas are known. These 
charts can be used to estimate total horsepower required by multiplying 
bhp/MMcfd from the chart by the volume of gas to be compressed in 
MMcfd. In the final evaluation of a compressor drive, more detailed calcu¬ 
lations may be required. 

Though the equation may take a slightly different form, the same 
approach is used in calculating the horsepower required to operate a cen¬ 
trifugal compressor. Theoretical, or gas, horsepower is determined. Then a 
factor to account for losses in the compressor is used to calculate the 
horsepower the driver must supply to the compressor shaft. Horsepower 
calculations for centrifugal compressors also take into account volume to 
be compressed, suction and discharge temperatures and pressures, and the 
ratio of specific heats. For most centrifugal compressors, mechanical loss¬ 
es are relatively small. 
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ELECTRIC MOTORS 

T he key considerations in selecting electric motors for a 
pipeline prime mover application are often the cost and avail¬ 
ability of electric power. The initial cost of an electric motor 
is often lower than that of other prime movers, provided it is 
not necessary to build a long electric transmission line. 

In general, electric motors are easily adapted to automatic control 
and remote operation, and maintenance requirements are relatively low. 
Electric motors are not normally used to drive reciprocating compressors 
except small units used for auxiliary services, such as supplying instru¬ 
ment air. The operating speed of electric motors makes it necessary to use 
a speed reducing gear box in order to match the operating speed of recipro¬ 
cating compressors. 

Electric motors can drive both centrifugal compressors and centrifu¬ 
gal pumps (Fig. 6-1). Electric prime movers for main line pipeline service 
are generally induction squirrel-cage motors, although synchronous 
motors are used for special service. 4 These main line motors are generally 
three-phase, high-voltage motors with enclosures to provide protection 
from weather. 

An induction, or squirrel-cage, motor has a stator consisting of three 
sets of phase coils within a laminated steel core supported within a frame. 
When the stator is energized with three-phase alternating current (AC) volt¬ 
age it establishes a rotating electric field that acts like a magnet. The rotat¬ 
ing motor component, when exposed to the rotating electric field, becomes 
a magnet that tries to follow the rotating electric field of the stator. 

The amount of force between the rotating field and the rotor deter¬ 
mines the motor's torque. The motor must supply enough torque to turn 
the shaft of the pump or compressor. Torque required when the motor is 
started differs from the torque requirement after the pump is running. 
Both starting and full-load torque must be considered in sizing and select¬ 
ing electric prime movers. 

Synchronous electric motors are also used for main line pumping 
service. A synchronous motor has a rotor that is energized with direct cur¬ 
rent (DC) voltage. The amount of voltage supplied to the motor deter¬ 
mines how strong the magnetic field of the rotor will be and the amount 
of output torque. 

Electric prime movers for pumping service normally operate at 
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Fig. 6-1 Electric-motor-driven centrifugal pump (courtesy Ingersoll-Rand Company). 


speeds of 1,800 rpm or 3,600 rpm, though motors that operate at other 
speeds are available. 

The manufacturer supplies curves with each motor model that indi¬ 
cate the motor's characteristics, including speed vs current, speed vs. 
torque, speed vs. efficiency, and speed vs. power factor. 5 These curves are 
representative, but they do not guarantee the motor will perform exactly 
as the curves indicate. Tests can be run and curves provided, however, 
that do guarantee motor performance. 

In selecting electric prime movers, it is important to choose a motor 
with the highest efficiency and the highest power factor possible. The 
power factor accounts for the fact that coils in an electric motor cause 
electricity to act differently than, say, in a light bulb. The result is that 
above the theoretical power calculated by multiplying volts by amperes, 
additional power must be supplied to the motor. The power factor of a 
light bulb could be considered to be 1, but the power factor of a motor is 
less than 1. Because additional power must be supplied to the motor, the 
cost of energy to power the motor increases as the power factor decreases. 
The power factor of a motor can be made to approach 1 by proper design. 

Electric motors can pose a hazard in explosive environments, such 
as those that can exist around a pump or compressor handling oil, other 
petroleum liquids, or natural gas. Therefore, a variety of motor enclosures 
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is available. Various industry codes specify certain zones or areas in which 
a specific type of electric motor enclosure must be used. The open-type 
enclosure is the least expensive; an explosion-proof enclosure is the most 
costly. Types of enclosures include the following: 4 

1. In open-type enclosures, the stator is supported by an open frame 
that includes bearing pedestals to support the rotor. 

2. Dripproof and splashproof motors are similar to the open type but 
have a shield to prevent water from entering the motor from over 
head (dripproof) or from the sides as a result of splashing from the 
base (splashproof). 

3. Totally enclosed fan-cooled (TEFC) motors have internal fans to 
circulate air to dissipate heat generated by the motor. 

4. Explosion-proof motors are also completely enclosed with an 
internal fan to circulate air. This enclosure is capable of with 
standing an internal explosion without permitting hot gases to 
escape that could create an explosion outside the case. This is the 
heaviest and most expensive electric motor enclosure. 

Other considerations in selecting an electric prime mover include 
insulation, physical specifications of the motor and mounting arrange¬ 
ment, the need for air filter equipment, and bearing type. The operating 
environment will be a factor in choosing the type enclosure, type insula¬ 
tion, and other options. Abrasive, high-moisture, chemically corrosive, 
and other severe environments may require special options. 

■ ECONOMICS. As mentioned earlier, the initial cost of an electric prime 
mover is typically less than that of a gas turbine or reciprocating engine dri¬ 
ver. The initial basic cost of an electric motor for pumping services might 
be less than one-fourth the initial cost of various types of gas turbines. 3 

Maintenance cost for electric motors can also be considerably less 
than the estimated maintenance cost of gas turbines. The cost of main¬ 
taining a given driver typically is given in $/bhp/year, and the annual 
maintenance cost is determined by multiplying the unit cost by the prime 
mover's rated horsepower. For instance, if the maintenance cost is esti¬ 
mated at $0.75/bhp/year, maintenance cost for a 1,000-hp electric motor 
would be $750/year. 

Today, energy is an important cost item in comparing prime mover 






choices. In the case of electric motors, the cost of power depends on the 
power demand (kilowatts), the length of time that power is used (kilowatt- 
hours), and the power factor. For example, assume a 1,000-hp electric 
motor operated 500 hours during one month. If motor efficiency is 
assumed to he 0.95 the power demand would be 

(1,000 hp) x (746 w/hp) _ 7g5 26Q w = 785 kw 
0.95 

The amount of energy used during the month would be 

(785 kw) x (500 hr) = 392,500 kw-hour 

Typically, the pipeline company would be billed by the power com¬ 
pany at a specified charge for demand plus a kilowatt-hour rate for the 
amount of energy used. The cost of energy is also adjusted according to 
the prime mover's power factor. The unit cost/kilowatt-hour may be on a 
sliding scale, decreasing as the amount of energy used increases above a 
certain level. 

Additional adjustments may also be made to the cost of electric ser¬ 
vice including on-peak or off-peak charges to encourage use of power dur¬ 
ing other than peak periods and minimum demand charges. 

GAS TURBINES 

as turbine prime movers are widely used to drive pipeline 

G pumps (Fig. 6-2) and centrifugal compressors (Fig. 6-3) in nat¬ 
ural gas service. They are not normally used with reciprocat¬ 
ing natural gas compressors because of the difficulty in match¬ 
ing turbine speed to compressor speed. But variable-speed gas 
turbine drivers have been used with reciprocating compres¬ 
sors. 

A variety of gas turbines is available for pipeline service. Generally, 
the industrial turbine is a moderate speed machine, typically operating at 
6,000-8,000 rpm. Another type of turbine applied in pipeline service is the 
aircraft-derivative turbine. These units were originally designed for air¬ 
craft power but have been modified for gas compression service with con- 
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Fig. 6-2 Gas turbine inside housing drives crude pipeline pumps. Source: Oil & Gas Journal, 14 
March 1977, p. 67. 


siderable success. Aircraft-derivative turbines operate at high speeds, typi¬ 
cally in the 8,000-30,000-rpm range. 

Gas turbines are of two types: single shaft and two shaft. The two- 
shaft type is generally used for pumping service because of the need for a 
variable load. Single-shaft turbines are more appropriate in constant speed 
service, such as driving electricity-generating equipment. In a two-shaft 
gas turbine, the gas-producer section is on a separate shaft from the 
power-producing turbine, permitting variation in the power turbine speed. 
In turn, by varying the pump speed, flow capacity can be controlled, mak¬ 
ing this type unit appropriate for pipeline pumping service. Speed can typ¬ 
ically be adjusted from 70% to 110% of normal full-load speed. 5 

Liquid fuel or natural gas provides energy to the gas-producer sec¬ 
tion of the turbine. The atomized fuel or gas is mixed with compressed air 
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Fig. 6-3 Turbine engine drives natural gas compressor. Source: Oil & Gas Journal, 23 July 1979, 
p. 43. 


and is ignited in this section. The resulting hot exhaust gases turn the 
power turbine shaft. 

Gas turbines can also be classified as simple-cycle or recuperated 
turbines. In recuperated turbines, the heat of the exhaust gases resulting 
from burning fuel in the turbine is used to increase the turbine's efficien¬ 
cy. 

Gas turbine manufacturers can provide fuel systems that allow a 
turbine to operate on fuels ranging from diesel through LP-gas in addi¬ 
tion to natural gas. In one large crude pipeline system, gas turbines that 
power main line pumps were designed to be operated on three fuels at 
any given time. 6 Diesel fuel is used for starting, natural gas liquids are 
the primary fuel, and crude oil can be used as an emergency fuel. In this 
installation, a test was run to determine whether the natural gas liquids 
should be introduced into the turbine as a liquid or be atomized. It 
would have been possible to bum the NGL directly, but expected higher 
maintenance costs and changes in the properties of the NGL indicated 
vaporized NGL would provide the most stable system. Tests were also 
made using crude oil as fuel to determine the best choice of nozzles, and 
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turbine blade and vane coatings for this service. 

Such multifuel systems add cost to a gas turbine installation. The 
system is also much more complex, requiring sophisticated control sys¬ 
tems and associated equipment to filter the turbine fuel and to transfer 
operation from one fuel to another. Shut-off valves, fuel transfer valves, 
coatings, dual-fuel nozzles are also needed. 

Gas turbine manufacturers provide data on the operating character¬ 
istics of a turbine, typically based on pressure at sea level and 59°F. Data 
determined on this basis provide what is known as an ISO rating and 
include the following: 4 

1. Power output vs. speed at inlet temperatures 

2. Fuel consumption vs. speed at inlet temperatures 

3. Fuel consumption vs. output power and exhaust heat flow at 
inlet temperatures 

4. Horsepower correction vs. altitude above sea level 

5. Horsepower correction vs. inlet/exhaust pressure losses 

■ OPERATION. Starting a gas turbine is relatively complex. Compressed 
air, natural gas turbines, and AC and DC motors can be used for starting. 
Starting is normally controlled by a system that performs pressurizing and 
purging cycles. When various safety barriers are satisfied, the turbine is 
accelerated to about 40% of full-load speed. Fuel is then supplied to the 
turbine. When ignition occurs, the turbine accelerates to full-load speed. 
The control system then takes over, monitors turbine speed, and makes 
adjustments to meet station operating conditions. 

Gas turbines operate at various speeds, depending on the type and 
size. The lower-speed industrial turbine may operate at a speed compati¬ 
ble with the pump or compressor being driven and may be used in a 
direct-drive configuration. But the high-speed aircraft-derivative turbines 
typically require speed reducers between the turbine and the pump or 
compressor. 

Gas turbines can be the best approach to many pipeline pumping 
and compression services. Two-shaft turbines have a speed range that can 
meet varying flow requirements and, depending on the operating speed of 
the turbine, direct connection without speed reducers is possible. Other 
characteristics of the turbine, however, must also be considered in com¬ 
paring prime mover alternatives. Fuel consumption at rated load is rela- 
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tively high, and the turbine generally has a poor efficiency—and high fuel 
consumption—at partial loads. 

Ambient temperature has a significant effect on turbine capacity. At 
low ambient temperature, the turbine can be substantially overloaded rel¬ 
ative to its rated load at base temperature. This can he an advantage in the 
case of gas compression because peak demands on the pipeline system 
usually occur during periods of low ambient temperature. At higher tem¬ 
peratures, however, load capacity of the turbine is reduced below its rated 
load at base conditions. 

Maintenance cost for the slower-speed industrial gas turbine is sig¬ 
nificantly less than the maintenance cost for the aircraft-derivative unit. 
The heavier industrial, slower-speed turbines are less costly to maintain, 
in part because the time between overhauls is generally considerably 
higher than is the case with aircraft-type units. One estimate indicates 
the time between overhauls for an aircraft-type turbine is about 25,000 
hours; for the industrial turbine, it can be 100,000 hours. A major 
inspection of the aircraft turbine is needed about each 6,000 hours, 
while an industrial turbine may operate up to 30,000 hours without a 
major inspection. 

As is the case with any prime mover, availability and cost of ener¬ 
gy (fuel) are important considerations in evaluating alternatives. Since 
gas turbines can operate on a variety of fuels, there is a flexibility not 
available with other prime movers. But choosing the type of fuel to use 
can be difficult because of the changes in cost over the life of the pro¬ 
ject. At the time a prime mover is selected, the relative cost of natural 
gas and natural gas liquids, for instance, may be significantly different 
than they are after the unit has been in operation for some years. The 
cost of each type of fuel should therefore be estimated. It is practical, 
however, to change the type of fuel used if it is expected that a different 
fuel will be less costly for a long enough period to warrant the cost of 
converting the fuel system. 

Fuel consumption can be expressed in BTU/bhp-hr in the case of 
natural gas or in lb/bhp-hr or other units for liquid fuels. In one compari¬ 
son, an aircraft-type turbine is estimated to use about 0.51 lb/bhp-hr of 
No. 2 diesel or 9,000-10,000 BTU/bhp-hr when fueled with natural gas. A 
heavy industrial turbine typically uses 0.59 lb/bhp-hr of diesel and 
10,000-12,000 BTU/bhp-hr when fueled with natural gas. 
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RECIPROCATING 

ENGINES 


H ome diesel engines are used for pumping, but the most com¬ 
mon pipeline application of reciprocating engines is in gas 
compression service. Reciprocating engines and compressors 
and integral engine/compressor units are available in large 
sizes; rated horsepower can range up to several thousand 
horsepower for a single unit. 

Integral compressor/engine units combine both engine and compres¬ 
sor on a single frame. The crankshaft serves both the engine's power 
cylinders and the cylinders of the compressor. In large integral units, 
power cylinders are typically vertical or are arranged in a vertical V 
design. Compressor cylinders are horizontal. Both power and compressor 
"sides" of the integral engine/compressor have pistons, connecting rods, 
exhaust and intake valves, rod bearings, and other similar components. 
Natural gas is a common fuel for these units. The reciprocating 
engine/compressor has been the workhorse of natural gas transmission 
and gathering for many years. It is a dependable design. Large numbers of 
slow speed (300 rpm) integral units were installed from the 1930s through 
the 1960s. Many are still in service and new ones are being built. 

Many of the reciprocating engine/compressor units now in natural 
gas pipeline service were installed when fuel costs were very low. One 
report indicates most compression equipment installed between 1955 and 
1965 in North America was of the reciprocating engine/compressor type. 7 
Much of this equipment is still in good operating condition, and recent 
efforts have concentrated on improving the efficiency of these compres¬ 
sors. Fuel consumption of reciprocating engine/compressors can be 
reduced from 5% to 15%. Even the efficiency of units built in recent years 
can be improved. 

The efficiency of the engine side depends on several variables, 
including air-fuel ratio, ignition timing, maximum torque, and the num¬ 
ber of engines required to compress the desired volume of gas. Air-fuel 
ratio affects combustion efficiency; efficiency decreases when the mixture 
is either too lean or too rich. This ratio is controlled by varying the flow of 
air to the engine cylinders. Combustion efficiency also depends on the 
point in the combustion cycle at which ignition occurs. This point is 
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changed by adjusting the timing. Torque is changed by varying the piston 
displacement of the compressor cylinders. Losses in reciprocating 
engine/compressor units result from driving auxiliary equipment and 
friction and typically amount to 10% to 15% of the unit's total horsepow- 
er output. 

Reciprocating engines are available in either naturally aspirated or 
turbocharged models. In naturally aspirated engines, the exhaust gases are 
forced out by the pressure created by the piston. The amount of air drawn 
into the cylinder is limited by exhaust gases remaining in the clearance 
volume of the cylinder, the volume at the end of the cylinder that is not 
"swept" by the piston. Turbocharged, or supercharged, engines are 
equipped with a mechanically driven blower or exhaust-driven tur¬ 
bocharger that supplies air under pressure to the cylinder. This increases 
the amount of air entering the cylinder and helps displace exhaust gases. 

The horsepower rating of these engines must be lowered when used 
at altitudes greater than 1,500-2,500 ft above sea level. The altitude above 
which the engine is derated depends on the individual manufacturer. 
Beyond the altitude at which derating begins, horsepower rating is typical¬ 
ly decreased by about 3% for each additional 1,000 ft of altitude. 

Some engines are also derated for ambient temperatures above a cer¬ 
tain temperature, but this is not as common in reciprocating engines as 
altitude derating. 

Lowering the horsepower rating of an engine is done to reflect a 
more accurate horsepower output of a given engine under specific condi¬ 
tions of ambient pressure and temperature. In the naturally aspirated 
engine, for example, atmospheric pressure forces air into the cylinder. If 
atmospheric pressure is lowered—it decreases with increasing altitude 
less air will he drawn into the cylinder and the engine will not develop as 
much horsepower as it would at a lower altitude. 

To operate reciprocating engines most efficiently, the engine cylin¬ 
ders must be balanced. Balancing adjusts the parameters affecting the 
combustion cycle so each engine cylinder is accepting an equal share of 
the total load on the engine. Methods for determining if engine cylinders 
are balanced vary; comparing exhaust temperature was a traditional way. 
Most techniques now used are based on measuring either peak pressure or 
average pressure in the cylinder. 

Engine performance is also evaluated based on mean effective pres- 
sure (mep) in the cylinder. During the combustion cycle, pressure in the 
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cylinder varies according to the point in the cycle. Mean effective pressure 
is the constant pressure acting through the stroke that would produce the 
same work as the variable pressures during the cycle. Mean effective pres¬ 
sure is used, along with the piston stroke length, piston area, and number 
of power strokes per minute to calculate an indicated horsepower (ihp) for 
each cylinder. Adjustments are then made so that the ihps of each cylin¬ 
der are equal. 

Auxiliary services for reciprocating compressor engines are impor¬ 
tant to operating efficiently and preventing downtime. Lubricating sys¬ 
tems can be quite complex for a large integral engine/compressor unit: for 
example, both power-end and compressor-end cylinders require adequate 
lubrication to prevent excessive temperatures and damage. Cooling is also 
important to dissipate the heat generated by combustion in the power 
cylinders and by gas compression in the compressor cylinders. Both these 
systems—and other engine conditions—are monitored by sophisticated 
systems that can shut the engine down if operating conditions exceed pre¬ 
scribed limits. 

Reciprocating engines and compressors can cause more vibration 
than gas turbines or electric motors if improperly designed and installed. 
Concrete foundations are usually required for large reciprocating 
engine/compressor units to provide stability and absorb engine vibration. 
Piping connecting the compressor must also be designed and installed in a 
way that prevents vibration from being transmitted to other equipment in 
the station. 

■ ECONOMICS, In general, reciprocating engines have a higher initial 
cost than other types of prime movers. Oil consumption is also higher 
than that of other types of drivers, but maintenance costs can be lower in 
many cases. With modem monitoring equipment, it is practical to run 
engines longer between overhauls. Performance data gathered by a moni¬ 
toring system can be used to schedule maintenance efficiently. One gas 
transmission company traditionally overhauled completely each of 184 
reciprocating engines on an annual basis because it was the only way to 
determine the condition of the engine. But an engine analyzer and com¬ 
puter testing program made it common to run those same engines for sev¬ 
eral years between overhauls. 8 ' 
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CHAPTER 7 
CONSTRUCTION 
PRACTICES AND 
EQUIPMENT 

ipeline construction 

P methods differ depend¬ 
ing on the geographical 
area, the terrain, the 
environment, the type 
of pipeline, and the restrictions 
and standards imposed by govern¬ 
ments and regulatory agencies. 
However, construction tech¬ 
niques can be broadly classified as 
land, offshore, and Arctic. The 
biggest differences exist between 
land construction (including 
Arctic) and offshore construction. 

As outlined in Chapter 1, 
construction costs also vary 
according to location, line size, 
environmental conditions, equip¬ 
ment required, and the construc¬ 
tion schedule. Considering all 
types of pipeline construction, 
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construction costs account for about 40% of the total investment in a liq¬ 
uids pipeline system. 1 

In general, construction of a pipeline on land is the least expensive 
of the three types. Both offshore and Arctic pipeline construction are very 
expensive, but it is difficult to generalize about the relative cost of the 
two. The cost of installing a pipeline in the Arctic can be much greater 
than the cost of many offshore pipelines, but large pipelines built in diffi¬ 
cult offshore environments are also very expensive. 

Despite many differences, all pipeline construction projects have a 
number of features in common: 

1. The methods of designing the system—arriving at the optimum 
pipe diameter, determining the amount of horsepower required 
for pumping or compression, meeting safety standards—are 
similar for all pipelines. 

2. There are a number of design criteria that are set by government 
or regulatory agencies to insure safe operation of a pipeline and 
the safety of personnel and property near the pipeline. These 
standards vary depending on the location of the pipeline, both 
geographically and in relation to populated areas and other 
facilities. 

3. Comprehensive environmental impact studies are required in 
many countries before construction permits can be issued. 
Construction plans must provide for the protection of scenery, 
wildlife, archaeological sites, and other historic assets. 

4. Most oil, gas, and products pipelines are constructed by welding 
short lengths, or joints, of pipe together. There are a few 
exceptions to the use of welded connections, but these are in 
short lines within a producing field or in similar applications. 

5. Extensive testing of welders and the welds they produce is an 
important part of the construction of all long-distance petroleum 
pipelines. 

6. Almost all oil and gas pipelines are buried below ground level; 
even most offshore pipelines are buried below the sea bed for pro¬ 
tection. There are cases in which large segments of a major 
pipeline are not buried, the most notable example of which is the 
trans-Alaska crude pipeline where above ground sections were 
installed to protect permafrost areas. 


7. All pipelines are tested for leaks following construction before 
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the line is put in service. Several techniques can be used, but the 
most common is hydrostatic testing—filling the line with water 
and subjecting it to a pressure greater than the design operating 
pressure. 

8. Most pipelines are coated on the exterior to prevent corrosion. 
Offshore pipelines are also "weight-coated" with a concrete 
coating to overcome the force of buoyancy and to prevent the 
pipe from floating to the surface. 

9. Most pipelines must have one or more pumping stations or com¬ 
pressor stations along the route to provide energy to overcome 
pressure loss and keep the fluid in the pipeline moving. 

10. The construction of all pipelines follows this general sequence: 
design and route selection, obtaining rights of way, installation, 
tie-in to origin and destination facilities and pumping or 
compressor stations, and testing. 


Major pipeline projects are built by pipeline construction contrac¬ 
tors rather than by the company that will own and operate the system. 
Typically, several contractors are invited to submit bids on the work. 
More than one contractor may be involved in a single large pipeline pro¬ 
ject to speed completion of the line. In addition, a number of other firms 
are involved to supply pipe and equipment and to perform special services 
such as pipe coating. Pump or compressor station construction may be 
handled by yet another contractor or group of contractors, depending on 
the size and complexity of the stations. If offices and control rooms are 
required, additional firms specializing in equipment or services related to 
those facilities may be involved. 

On offshore pipeline construction projects, a number of miscellaneous 
services are required, including crew transportation and food service. 

LAND PIPELINE 
CONSTRUCTION 



onstruction of a pipeline on land may involve relatively 
mature technology, but it is often a challenge to obtain rights 
of way and the required permits for construction and opera¬ 
tion. 

Proper route selection during the design stage can mini- 
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Fig. 7-1 Pipeline construction right of way. Source: Oil & Gas Journal, 16 June 1980, p. 96. 


mize some of these problems and reduce construction costs. The general 
route between the origin and destination of the pipeline is apparent when 
the pipeline project is conceived, but slight changes in the route to 
reduced the number of rivers and highways that must be crossed or to 
avoid abrupt changes in elevation can mean substantial reductions in con¬ 
struction cost. Some changes may also be dictated by features or terrain 
where pipeline construction is prohibited, such as designated wilderness 
areas. 

The economic advantages of each change must be considered. If a 
steep slope can be avoided, for instance, only by increasing the length of 
the pipeline significantly, it may be more economical to traverse the 
slope. Changes in the route can affect pipeline operating conditions to the 
extent that additional pump or compression horsepower may be required. 
The additional cost of pumping or compression over the life of the system 
must be compared to the savings possible by a change in route. 

On a large project, the first step in the field may be to obtain aerial 
photographs of the proposed route. The route is plotted on these photos and 
a survey is begun. As the route is fixed and surveying proceeds, acquisition 
of right of way can start. Each landowner's tract of land is plotted on an 
alignment sheet of the pipeline route, and each tract's position can be accu¬ 
rately described in relation to known points in an existing survey system. 

Elevations along the pipeline route relative to a datum must also be 
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obtained in order to plot a profile of the proposed line. These elevations 
are needed for completing the final design, since the change in elevation 
along the route is needed to calculate flow capacity, amount of pump or 
compressor horsepower required, and spacing of pump or compressor sta¬ 
tions. Elevation data may also indicate the need for additional equipment 
or changes in operating conditions if steep slopes or abrupt changes m ele- 
vation are encountered. 

The portion of the plan on which survey information is recorded 
typically has the pipeline's origin as a horizontal datum. Then mileposts 
designated along the line can be used as reference points for locating other 
facilities and recording the location of work or equipment. Some vertical 
datum is chosen, and elevations are then indicated at intervals along the 
route in feet above or below that datum. The result is that any point on 
the pipeline can be located both vertically and horizontally in relation to a 
point of known elevation above sea level and in relation to a horizontal 

point in the area's existing survey system. 

After the route has been determined, right of way must be obtained 
throughout the length of the route before construction can begin. The right 
of way is the area alongside the pipeline where construction operations are 
performed. It also permits the pipeline owner to have access to the pipeline 
at any point in case repairs or maintenance are needed during operation. 

Width of the right of way varies according to the size line, the type 
of terrain, the construction method to be used, and any special restric¬ 
tions. Typically, the right of way width for a large-diameter, long-distance 
crude or natural gas pipeline is 50 ft. An example right of way schematic 
is shown in Figure 7-1. In that project, above ground vegetation was 
cleared from a portion of the right of way averaging about 35 ft wide for 
operation of construction equipment, but only the portion of the right of 
way needed for construction was cleared. In some areas of rough terrain, a 
50-ft right of way clearance was required. In this example project, expand¬ 
ed areas of right of way were required at major river crossings. Two areas 
of 250 ft by 450 ft were needed for storage and equipment, one for each 
side of the crossing. Smaller areas were needed at each side of road, rail¬ 
road, and minor river crossings. Of the total 50-ft right of way, 35 ft was 
used for working space and 15 ft was used for ditch spoil. 

At points along the pipeline where pumping or compression facili¬ 
ties must be built, a larger area must be obtained. The size of these areas 
depends on the size of the facilities to be installed. It is desirable to obtain 
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a right of way as narrow as will be practical during construction because 
obtaining right of way is a complex procedure involving many individual 
landowners. Many resist the idea of a pipeline traversing their property 
and value highly the right of way they are asked to sell to the pipeline 
company. 

Still, a right of way that is too narrow and restricts the operation of 
construction equipment can slow construction and increase costs. The 
result is that pipeline companies try to buy the right of way they need— 
no more. 

Interstate gas pipelines in the United States also have the right of 
eminent domain, which allows private land to be taken for public use 
through condemnation proceedings. 

During construction, all equipment and the pipeline ditch must be 
contained within the right of way or additional damage payments will be 
due the property owner. Equipment involved includes bulldozers used for 
clearing the route and for lowering the pipe into the ditch, ditching 
machines, welding equipment, coating and wrapping equipment, and 
weld-inspection equipment. Pipe must also be delivered to the job site 
along this right of way, usually by truck. 

Construction can take place within a relatively narrow right of way 
because pipeline construction equipment is distributed along the pipeline 
(Fig. 7-2) route in a sort of "moving assembly line." Only one major item 
of construction equipment is normally needed at any one point along the 
line. The distance along the pipeline over which this equipment is 
deployed is relatively short, typically less than a mile, but there may be 
several sets of construction equipment along the pipeline route. These 
complete sets of equipment—for ditching, welding, coating, lowering in, 
and backfilling—are called spreads. A single pipeline may be built using 
several spreads, reducing construction time by severalfold. 

A very large pipeline project may even be divided into two or more 
segments, and a different construction contractor will install each seg¬ 
ment. Each of these contractors may field several spreads to build his seg¬ 
ment of the pipeline. 

Obtaining the required permits, especially in the United States 
where environmental and pollution laws are strict, can be one of the most 
time-consuming steps in pipeline construction. Permits are needed for 
crossing roads and streams, for passing through federally owned lands, for 
traversing designated wildlife feeding and breeding areas, and for crossing 
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Fig. 7-2 Construction crews lay pipeline. Source: Oil & Gas Journal, 15 October 1979, p. 117. 


wilderness areas, for example. An environmental impact statement (EIS) 
must also be prepared for most pipeline projects in the United States. The 
EIS not only must deal with environmental conditions along the main 
pipeline, but also must meet restrictions on air emissions and other dis¬ 
charges associated with pumping and compression stations. 

The trans-Alaska crude pipeline is an example of complex permit¬ 
ting on a large pipeline project. In addition to wildlife areas and emission 
restrictions, special requirements to protect permafrost areas had to be 
met with innovative design and construction techniques. 

The Northern Tier crude pipeline, proposed in 1974, was to be a 
1,500-mi, 40-in. and 42-in. diameter pipeline from Port Angeles, 
Washington, to Clearbrook, Minnesota. By mid-1981, the company 
proposing to build the project had spent $50 mil l ion on the project, and 
construction had not yet begun. At that time, a judge, after 18 months of 
hearings on the proposal, recommended that the application be denied 
because the application was 7/ inadequate/ 72 In early 1981, the permitting 
process had been underway for five years; by mid-1982, about 1,400 per¬ 
mits had been obtained from federal and state governments. At that time, 
the proposal was modified in an effort to overcome objections to the pro- 






Oil and Gas Pipeline Fundamentals 
154 


posed route and design. But in early 1983, the project was finally cancelled 
after about $60 million was spent. 

An example of constraints that can be put on pipeline construction 
is shown in Table 7-1. 

■ INSTALLATION. The actual installation of the pipeline includes these 
major steps: 

1. Clearing the right of way as needed 

2. Ditching 

3. Stringing pipe joints along the right of way 

4. Welding the pipe joints together 

5. Applying coating and wrapping to the exterior of the pipe (all 
except a portion of the pipe at each end is sometimes coated 
before being delivered to the job site) 

6. Lowering the pipeline into the ditch 

7. Backfilling the ditch 

8. Testing the line for leaks 

9. Cleanup and drying the pipeline after testing to prepare it for 
operation 

Clearing of right of way is done first, using bulldozers or similar blade 
equipment. The amount of clearing required varies widely. Sometimes 
only one "pass" down the right of way with the bulldozer is required. 
Where the route passes through rough or forested terrain, however, clear¬ 
ing can be much more extensive. The purpose is to make it possible to 
move construction equipment along the right of way as needed. 

The ditch, or trench, in which the pipeline will be installed is usually 
made to one side of the center of the right of way rather than in the center 
to provide adequate room for construction equipment and operations along¬ 
side the pipe. Typically, dirt excavated from the pipeline trench is deposited 
on the side of the ditch closest to the edge of the right of way; construction 
operations are conducted on the other side of the ditch. Ditching in relative¬ 
ly soft soil is done by a machine with a large wheel on which cutting teeth 
are mounted. The wheel rotates continuously as the machine moves along 
the pipeline route, and excavated material is continuously deposited along¬ 
side the ditch. In loose rock or hard soil, it may be necessary to use other 
equipment for trenching—a backhoe or clamshell bucket, for example. 
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TABLE 7-1 

CONSTRUCTION DATE CONSTRAINTS _ ■ 

Approximate 
mile posts 

Dates construction 
will be avoided 

Reason 

MAINLINE 

65 to 79 

418 to 420 

424 to 443 

459 to 467 

564 to 566 

584 (Kane Springs Canyon) 

Apr. 1 to May 31 

Apr. 1 to May 31“ 

Dec. 1 to Apr. 15“ 

Nov. 15 to Apr. 30# 

Nov. 1 to May 15§ 

Mar. 15 to June15§ 

Lesser prairie chicken booming period 
Big game and fish—important habitat 

Big game crucial winter range 

Big game crucial winter range 

Big game crucial winter range 

Crucial riparian habitat 

601 to 605 

604 (Colorado River) 

664 to 677 

694 to 700 

697 to 705 

785 

Mar. 15 to June 15§ 

July 1 to July 31 § 

May 15 to June 20§ 

Mar. 1 to Apr. 30# 

Nov. 15 to Apr. 30# 

July 1 to July 31 § 

Crucial wetland habitat 

Crucial fish spawning 

Pronghorn antelope fawning area 

Chukar breeding grounds 

Big game crucial winter range 

Crucial fish habitat 

788 to 800 

800 to 804 

912 to 920 

835 to 843 

850 to 852 

858 to 862 

Nov. 15 to Apr. It 

Mar. 15 to June It 

Dec. 15 to Apr. If 

Dec. 15 to Apr. if 

Mar. 1 to June 15* 

Mar. 1 to June 15* 

Big game crucial winter range 

Sage Grouse strutting grounds 

Big game crucial winter range 

Big game crucial winter range 

Sage Grouse strutting grounds 

Sage Grouse strutting grounds 

GATHERING LINES 

East line 

2 to 3 

2 to 5 

18 to 19 

17 to 20 

74 to 77 

Mar. 15 to July It 

Mar. 1 to June 15* 

Mar. 15 to July It 

Dec. 15 to Apr. It 

Dec. 15 to Apr. if 

Raptor nesting area 

Sage Grouse strutting grounds 

Raptor nesting area 

Big game crucial winter range 

Big game crucial winter range 

West line 

17 to 18 

24 to 44 

84 to 96 

Mar. 15 to July It 

Dec. 15 to Apr. It 

Oct. 15 to May 15* 

Raptor nesting area 

Big game crucial winter range 

Big game crucial winter range 

114 to 122 
(perennial streams) 

May 15 to Aug. 15// 

Cutthroat trout spawning area 

North line 

5 to 9 

46 to 59 

Oct. 15 to May 15* 

Oct. 15 to May 15* 

Big game crucial winter range 

Big game crucial winter range 

Northwest range 

2 to 5 

Oct. 15 to May 15* 

Big game crucial winter range 


‘Harrison K. E., U.S. Bureau of Land Management, Kemmerer, Wyoming. 
tHaverly, S. J. t U.S. Bureau of Land Management, Rock Springs, Wyoming. 
JSmitti D. A., Utah Division of Wildlife Resources, Vernal, Utah. 

§Wilson, L. J., Utah Division of Wildlife Resources, Price, Utah. 

// Rensel, J. A., Utah Division of Wildlife Resources, Ogden, Utah. 
#Whitaker, A. Colorado Division of Wildlife, Denver, Colorado. 

“Gates, J., New Mexico Department of Game and Fish, Santa Fe, N.M. 

Source: Seaton, Oil & Gas Journal, 16 June 1980, p. 96. 
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Blasting can be required when the ditch must pass through solid rock. 

The depth of the ditch is based on specified minimum cover, or dis¬ 
tance from the top of the buried pipe to the ground surface. For the same 
minimum cover requirements, a larger-diameter pipe requires a deeper 
ditch. The minimum cover varies according to requirements of regulatory 
agencies, the type of area through which the pipeline passes, and features 
along the pipeline route. A minimum of 3 ft of cover is typical, but it may 
be less in open, unpopulated areas and more when the pipe passes under 
roads, rivers, and highway borrow ditches. One project, for instance, speci¬ 
fied a 4-ft cover under highway borrow ditches. Minimum cover (between 
the river bed and the top of the pipeline) was also set at 4 ft when crossing 
under rivers. 

Width of the pipeline ditch varies according to the size of the 
pipeline. Typically, this width ranges from 14 in. to 28 in. for the interme¬ 
diate pipeline diameters. 

Normally, pipe is delivered to the right of way on trucks and is 
placed along the pipeline route so that each joint only needs to be moved 
over to the ditch when it is ready to be welded into the pipeline. Stringing 
the pipe joints along the right of way in this maimer speeds construction. 
In some cases, pipe is brought to the job site in sections consisting of two 
single joints of pipe. This "double-jointing" saves welding time on the job 
site, which often must be done under less desirable conditions than exist 
in a fabrication yard. 

With the ditch made and the pipe delivered, welding can begin. The 
pipe joints are placed over the ditch for welding. As welding proceeds, a 
section of pipeline steadily increasing in length is in place above the ditch. 
Pipeline welding is done with electric welding equipment, both manual 
and automatic (see Chapter 8). On a land pipeline construction job, weld¬ 
ing machines are typically mounted on small trucks or pickups. The 
machines may also be mounted on tracked vehicles. A number of 
welders—each with a welding machine—work on each pipeline spread. 
Since a number of weld passes (a "bead" of weld material around the cir¬ 
cumference of the pipe) must be made at each joint, a typical procedure is 
to have one welder make the initial passes at each joint. Other welders 
follow behind this lead welder, building up the weld metal at the joint by 
making additional weld passes until the required number of passes have 
been deposited. The number of weld passes required depends on the wall 
thickness of the pipe and its physical characteristics and is specified in the 







construction plans. The initial weld pass is one of the most critical. 

It is important that the two ends of pipe to be welded are properly 
aligned so the weld will be uniform around the circumference of the pipe. 
Line-up clamps are used for this purpose at each joint before welding 
begins. After the first passes have been made, the alignment clamps can 

be moved to the next welding station. 

A key part of pipeline welding is inspection. For most projects, 
welders must be qualified by testing on the size and type of pipe to be 
used on the job. After the welds on the pipeline are made, however, they 
must be thoroughly examined to insure the safety of the pipeline. The use 
of radiographic, or X-ray, examination of completed welds is the most 
common inspection method. Construction plans specify what type of 
inspection will be required and what portion of the welds must be exam¬ 
ined by each method. For instance, it might be specified that where the 
pipeline traverses open areas, 10% of the welds must be X-rayed; where 
the pipeline passes under railroads, highways, or rivers, all welds must be 
examined using radiography. In the X-ray inspection process, the film 
wrapped around the circumference of the pipe over the weld is exposed to 
radiation. When the film is developed, bubbles, cracks, slag inclusions, 
and other defects are visible. It is desirable to make this inspection and 
find any defective welds before the pipe is buried because defective welds 

must be removed and a new weld made. 

As welding proceeds along the pipeline, a slight change in direction 
or a significant change in elevation may require a bend in the pipeline. 
Many such bends are made by a bending machine (Fig. 7-3) on the job site 
that bends a joint of pipe to the required curvature. Even large-diameter 
pipe can be accommodated in today's modem bending machines, but it 
may also be necessary to make some bends in a shop on a special 
machine. Depending on the diameter and the wall thickness of the pipe, 
slight changes in elevation may be accommodated by flexing the pipe 
without machine bending. Very small changes in direction may some¬ 
times be made by letting the pipe lie to one side of the ditch or the other. 
But changes in direction or elevation without bending must be small, 
especially when large-diameter, heavy-wall pipe is being used. 

In all bends, care must be taken to avoid deforming the pipe in the 
bend section. A bend with too short a radius can buckle the inside of the 

bend, reducing the strength of the pipe. 

After welding is complete, the pipe exterior is "coated and 
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Fig. 7-3 Pipe is bent with field-bending machine. Source: Oil & Gas Journal, 20 November 1978, 
p.ilO. 


wrapped." Coating and wrapping is done using special machines that 
move along the pipeline right of way. Coal tar enamel is the most com¬ 
mon pipeline coating; others include thin-film powdered epoxy and 
extruded polyethylene. 3 Asphalt enamel and asphalt mastic are also used 
as pipe coating materials. Tape is then wrapped over this coating to pro¬ 
vide additional protection to the pipe and to protect the corrosion coating, 
especially through rocky areas that might damage the pipe coating. 

In some cases, coating and wrapping is "yard applied" to the pipe 
before the pipe is delivered to the job site. When this is done, a short dis¬ 
tance at each end of the pipe joint is left bare to permit welding. Then 
these areas are coated and wrapped over the ditch after welding is com¬ 
plete. 

Up to this point, the pipe is suspended over the ditch. Individual 
joints have been welded together, forming a continuous pipeline, and coat¬ 
ing and wrapping is complete. The pipeline is suspended over the ditch by 
sideboom tractors, crawler tractors with a special hoisting frame attached 
to one side. Now the pipeline is gradually lowered to the bottom of the 
ditch ("lowering in"). It is sometimes necessary in rocky soil or solid rock 
to put a bed of fine soil in the bottom of the ditch before lowering in the 
pipeline. The fine fill material protects the pipe coating from damage. 





Backfilling of the ditch on top of the pipeline to then done withthe 
soil excavated from the ditch. Backfilling may be accomplished w th a 
machine that nses an ange. (Fig. 7-11 to move soil contammdy hnm 

beside the ditch into the ditch as it moves along the pipelnte. °' llcr b 
c™ equipment may atoo he ttoed to backfill the ditch. The el.vat.on o 
the ground above the pipe after backfilling may be higher than the natural 
ground surface to allow for settlement. 

■ ROAD/RIVER CROSSINGS. Even small pipeline projects often 
" volve crossing roadways and streams, a long-distance 
cross scores of each. A variety of techniques is used for crossing these 
obstacles, depending on the length of the crossing, the to£ “ 

or roadway and regulations. Crossing roadways can be done by eithe 
ditching or boring. When ditched, the roadway must he repaired so is 
method is often not permitted. Boring is done with a horizontal boring 

machine that drills a hole under the toadway »ithoutdtst^ to m 

surface. A conductor pipe is nomtally installed in the bored hole, then 
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Fig. 7-4 Pipe bedding material is placed in ditch. Source: Oil & Gas Journal, 14 August 1978, p 
63. 
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the pipeline is placed inside the conductor. Spacers are used to center the 
pipeline within the conductor to reduce corrosion. 

A backhoe or dragline can be used on minor stream crossings to 
make a ditch for the pipe to rest in. The ditch is then backfilled, and the 
pipe may be fitted with concrete weights to hold it in place against the 
stream currents and movement of the stream bed sediments (Fig. 7-5). 

A technique for crossing larger bodies of water that has gained favor 
in recent years is directional drilling. It offers several advantages, includ¬ 
ing no disruption of traffic on the waterway and minimum environmental 
impact. Directional drilling has long been used in drilling oil and gas 
wells, but use for pipeline crossings was developed only in the 1970s. One 
of the longest early crossings using directional drilling was a crossing for a 
22-in. diameter pipeline under the Orinoco River in Venezuela, a distance 
of 4,550 ft. 4 On this project, the drilling rig was positioned so the bit 
entered the ground at about a 12° angle. A pilot hole was drilled and then 
reamed to the desired size, and the pipe was pulled through the curved 
hole. 

An instrument package behind the downhole drilling motor mea¬ 
sures the direction and inclination of the bit and transmits the informa¬ 
tion to the operator. He can then change the drilling conditions to main¬ 
tain the prescribed drilling path. In this project in Venezuela, the drill 
exited on the other side of the river within 12 m of the target. 

Not all streams are crossed by installing the pipeline beneath the 
stream. Some pipelines are installed on "pipeline bridges," steel structures 
built to suspend the pipeline above the stream. Use of this method 
depends on a number of factors, including the presence of traffic on the 
waterway. The size and complexity of these pipeline bridges vary widely; 
one of the most complex examples is the pipeline suspension bridge built 
across the Tanana River in Alaska to carry the 48-in. trans-Alaska crude 
pipeline. With a clear span of about 1,200 ft, the bridge cost about $5 mil¬ 
lion and was one of 122 river and stream crossings required during con¬ 
struction of the line. Most of the other elevated crossings were made with 
girder bridges rather than suspension bridges. 

In addition to supporting the pipeline, the Tanana River bridge had 
to meet special design considerations, including winds up to 100 mph, 
ambient temperatures ranging from -70°F to +100°F, extreme icing condi¬ 
tions, and seismic shocks of 7.5 on the Richter scale. 5 

Land pipelines must sometimes be anchored in place to prevent 
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movement. Instances where anchoring is required include river crossings 
where currents can cause pipe movement or scour beneath pipe installed 
on the river bed, a dry wash subject to temporary flooding, or where cer- 
tain types of backfill are used. 6 

All pipeline construction includes testing the completed pipeline 
before it is put into operation. On long pipelines, the line will normally be 
tested in sections; on short lines, the entire pipeline may he tested as a 
unit. A common approach is hydrostatic testing—filling a closed pipeline 
section with water, then pressurizing the line to a specified pressure to 
check for leaks. Temporary connections for filling and draining the 
pip elin e are used, and a pump is used to "pressure up" the line. The pres¬ 
sure is maintained on the line for a specified time. If pressure declines, a 
leak is indicated. It then is necessary to find the leak and determine the 
cause. If a weld or the pipe itself is faulty, it must be replaced or repaired. 

' The pressure to be reached and the time it must be maintained are 
specified in the construction plans. In the United States, the Department 
of Transportation and other agencies specify the test pressure to be used 
based on the pipeline's location, its function, its design operating pressure, 
and other factors. For example, hydrostatic test pressure may be specified 
as 125% of the maximum design operating pressure of the line. Other test 
pressure specifications are related to the minimum yield strength of the 
pipe. 

After the pipeline has been tested, it is important that moisture ana 
foreign materials be removed from the pipeline before it is put into opera¬ 
tions. Such materials could damage pumping, compression, and other 
equipment if swept into that equipment when the pipeline is put in ser¬ 
vice. Water, sand, dirt, welding slag, and some even stranger materials 
have been removed from newly completed pipelines. 

The most common method of cleaning a new pipeline is by pig¬ 
ging, in which a device with cups or brushes that contact the wall of the 
pipeline is forced through the pipeline, moving debris ahead of it. The 
driving force for the pig is usually clean water. Another method of clean¬ 
ing a new pipeline was first used in the North Sea. There a gas pipeline 
was cleaned using batches of plastic fluids (gels) and pipeline scrapers 
(pigs) to remove loose rust, silt, welding rods, weld slag, and other debris 
from the pipeline. 7 The method removed 350 tons of debris from the 
230-mi long, 36-in. diameter line. Debris was entrained in the gels, and 
the cleaning train of gel batches and pigs was driven by pumping inhibit- 


ed fresh ware, into the line at about 70 bbl/min. The train was moved 

through the line at about 1 ft/sec in 17 days. 

Operators of the pipeline report that flow tests run poor to and after 

cleaning showed the cleaning operation significantly reduced 
ness. The operators considered other cleaning methods ^eluding the 
common practice of using multiple mechanical pigs and the use of a gh 
velocity water flush. But the amount of debris expected to be m he l J 
posed a danger of sticking mechanical pigs, causing the line to be blocked 
It is often necessary to dry natural gas pipelines after hy 
testing to prevent the formation of hydrates when the line is put mto ser¬ 
vice. Gas hydrates are complex chemical compounds formed when 
water is available in the presence of hydrocarbon gases. They «e crys 
talline and resemble ice or snow. If allowed to build up on the wall of nat¬ 
ural gas pipelines, they reduce flow efficiency by increasing friction and 
reducing the effective diameter of the pipe. In addition to the P resen ‘ e 
free water, other conditions affecting the formation of hydrates mclude 
low temperatures, high pressure, and the density of the gas mixture^ 

One way to dry a natural gas pipeline is to move methanol through 
the line to absorb the moisture. The methanol, a liquid, may be moved 
through the line in several batches separated by pipeline pigs. The energy 
to force the pigs and methanol through the line can be furnished by the 

gas source that the pipeline serves. j 

Another approach to drying is to use dry air that has been proceed 
in an air-drying plant to remove moisture. It is fed into the pipelme om 
the air-drying plant, and special foam pigs separate the moist air from the 
dry air. 1 The line is dried in sections, and when all tie-ins are made 

pigs are sent through the entire line with dry air. 

Station construction normally proceeds concurrently with pipeline 
construction. This work is usually done by separate contractors from 
those handling the pipeline installation, except on very small projects^ 
Large projects in which pump or compressor stations are complex an 
involve control rooms, offices, and similar facilities may involve more 

than one contractor for station construction. , . 

When the line is completed, the main line must be tied mto the ori¬ 
gin and destination facilities it serves and into pump or compressor sta- 
Tons and Che, equipment along the pipeline. Mnch tie-in wotk mvo ves 
piping connection, on large projects, this can be complex, ^entttio 
Id metering systems must also be connected during tie-in. Offshore, tie- 
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in work usually involves installation of the pipeline riser to connect the 
end of the pipeline on the ocean floor to piping on the above-surface plat¬ 
form. More detail on riser installation is given later in this chapter. 

OFFSHORE PIPELINE 
CONSTRUCTION 

M any operations are common to both onshore and offshore 
pipeline construction. The key design differences are that 
installation stresses rather than operating stresses often con¬ 
trol the design of offshore pipelines. Environmental forces are 
also more significant offshore. 9 

Similar to onshore pipeline construction, offshore pipeline construc¬ 
tion work is usually awarded to installation contractors after an evalua¬ 
tion by the owner of bids submitted by a number of contractors. These 
contractors own and operate the offshore pipeline construction equip¬ 
ment. Work can be awarded on a lump sum basis or on a day-rate basis. A 
day-rate basis is appropriate when design or survey data are not complete 
and the contractor cannot determine accurately the full extent of the 
work prior to submitting a bid. If detailed information is available on 
which the contractors can base their bids, the lump sum is usually in the 
best interest of the project owner. 

Several construction methods can be used for offshore pipeline con¬ 
struction, including the conventional lay barge method, the reel-barge 
method, the vertical lay method, and the tow method. All require large 
sophisticated marine vessels. 

The most common method is the use of a conventional lay barge. It 
is a versatile technique, applicable to most pipe sizes and most water 
depths. It is likely to continue to be the method used for most offshore 
pipeline construction. The modern pipelay barge is a floating platform on 
which operations similar to those involved in building an onshore 
pipeline are conducted. A typical lay barge is fitted with three to six weld¬ 
ing stations, an inspection station where welds are examined, and one or 
two field-joint coating stations. Individual joints of pipe about 40 ft long 
(or double joints, in some cases) are welded together onboard the barge, 
and the completed pipeline exits the rear of the lay barge (Fig. 7-6). Some 
lay barges are equipped for both automatic and manual welding; some are 
equipped for only manual welding. 
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Fig. 7-6 Offshore lay barge installs pipeline. Source: Oil & Gas Journal, 3 January 1977, p. 53. 

A key component of the lay barge is the tensioning system. 
Tensioners are required to hold the weight of the completed pipeline 
behind the barge and allow pipe to move off the barge at the desired rate 
as each new joint is welded into the line. Maintaining tension on the 
pipeline as it goes into the water also reduces bending stresses. These ten¬ 
sioners have grippers that hold the pipe and let it move off the rear of the 
barge in a controlled manner (Fig. 7—7). The amount of force that must be 
applied by the tensioners to hold the pipe on the barge varies with pipe 
size and weight and water depth. The capacity of the tensioning system is 
a key criterion in rating the lay barge for a particular project. 

Tensioner capacity covers a wide range. Most lay barges have from 
one to three tensioners, with total tensioner capacity between 50,000 and 
200,000 lb. A few large lay barges have higher tensioner capacity. Most lay 
barges are also equipped with a winch for abandoning and recovering the 
pipeline when it is necessary to suspend pipelay operations. Capacity of 
this winch is typically 150,000-300,000 lb. 

Another important part of the conventional lay barge is the stingei. 
The stinger is used to support the completed pipeline as it moves off the 
lay barge into the water. Stinger design varies; there are straight, curved, 
and articulated stingers. The design required for a specific project is deter¬ 
mined by water depth, pipe size and weight, and other conditions. The 
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Fig. 7-7 Grippers on lay barge tensioner hold pipe. Source: Oil & Gas Journal, 10 January 1977, 
p. 91. 


overbend area, the upper curve of the S shape, and the sagbend, the lower 
curve, are critical areas of design and installation. Too great a curve can 
stress the pipe and cause damage during laying. 

Varying lengths and types of stingers have been designed to ensure 
this damage does not occur. One approach to reducing the curvature of this 
overbend has been the use of lay barges with a sloping ramp at the rear of 
the barge where the pipe enters the water. In general, the curvature of the 
overbend depends on the length of the stinger, and the curvature of the sag- 
bend depends on the tension being applied by the barge's tensioners. 

In moderate water depths and calm weather, stingers up to 600 ft 
long may be used. In more severe environments, such as the North Sea, 
shorter, heavier stingers are used because stingers are susceptible to dam¬ 
age in severe weather. Pipeline construction must often be suspended dur¬ 
ing severe weather to avoid stinger damage. Conventional lay barges may 
suspend operations when seas reach 6-10 ft; larger semisubmersible 
barges, because they are more stable, may be able to continue operation in 
seas up to 15 ft. 
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On the barge, operations are quite similar to operations along an 
onshore pipeline construction spread. At several welding stations, welders 
join the individual lengths of pipe. After a joint is partially welded, the 
pipe is moved ahead for completion of the weld. Radiographic inspection 
is done at one station, and the uncoated area of the pipe on each side of 
the weld is field-coated at another station. 

In offshore pipeline constmction, it is common to apply coating in 
an onshore yard before the pipe is delivered to the lay barge. As in onshore 
construction, a section of bare pipe is left at each end of each joint to per¬ 
mit welding. Then that area is field-coated on the lay barge after welding 
is complete. Double jointing may also be used, in which two single 
lengths are welded together onshore and pipe is transported to the lay 
barge in double lengths. 

In addition to coating required for corrosion protection, offshore 
pipelines are coated with a layer of concrete. Used primarily to provide 
"negative buoyancy" for the pipeline—weight needed to keep the pipe on 
the seafloor—concrete coating also must resist damage during the laying 
and trenching. While in service, it must resist damage from fishing gear 
and other hazards. An important function of concrete coating on offshore 
pipelines is to protect the anticorrosion coating from damage. Concrete 
coating is applied by a variety of methods outlined in Chapter 3. The con¬ 
crete mix, its thickness, and its strength vary depending on the location of 
the project and its design specifications. 

All of the stations on the lay barge—welding, inspection, coating- 
remain in the same position on the barge. The pipe moves through these 
stations as the lay barge proceeds along the pipeline route. Most lay barges 
are held in position and are moved along the pipeline route with a system 
of anchors and anchor winches. Anchor handling boats move the anchors 
ahead periodically as the barge progresses along the route. 

A few deepwater lay barges are equipped with dynamic positioning, 
which permits operation without the use of anchors. The system includes 
a sophisticated position-monitoring system that accurately and continu¬ 
ously feeds the barge's position into a computer that controls the barge's 
positioning thrusters. If the barge begins to move away from the desired 
position, commands are sent to the thruster system that cause a specified 
amount of thrust to be applied in the proper direction to maintain the 
barge on station. This type of station-keeping system is only applicable to 
deepwater operations, and it is not used routinely. One reason for its infre- 
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quent use, except where it is the only practical solution, is that the almost 
constant use of thrusters to maintain position requires large amounts of 
fuel, adding significantly to operating costs. But this equipment, in com¬ 
mercial use, shows the extent of the industry's deepwater pipelaying capa¬ 
bility. 

A variety of sizes of conventional lay barges is in use today, each 
with a particular application range of water depth and pipe size. Typically, 
a modem lay barge contains personnel living quarters, galley and mess 
hall, and other necessary support services in addition to equipment direct¬ 
ly used for constructing the pipeline. 

Some lay barges are similar to cargo barges, while others have a 
more specialized design. For example, the semisubmersible lay barge con¬ 
sists of several columns that support an abovewater platform on below 
water buoyancy units, or pontoons. Semisubmersible lay barges are 
designed for use in more severe environments, greater water depths, and 
when laying large-diameter pipelines. The greater stability of the semisub¬ 
mersible lay barges makes them able to continue operations under more 
difficult sea and weather conditions. 

Some lay vessels also perform other functions. A derrick/lay barge is 
equipped with a large crane in addition to pipe-laying equipment for doing 
offshore construction work, such as setting offshore platform jackets and 
other structures. One example is the derrick/pipelay barge, Kuioshio II. It 
is 460 ft long and 112 ft wide, with five welding stations, one X-ray sta¬ 
tion, and one field joint coating station. Two 100,000-lb tensioners allow 
it to lay up to 60-in. pipe. 10 Lay/bury barges are equipped with jetting 
equipment for burying offshore pipelines. 

Modem lay barges have permitted the industry to lay pipe as large as 
42 in. in diameter in water depths greater than 1,000 ft. But smaller 
pipelines have been laid in water depths to 2,500 ft. 

Portions of the trans-Mediterranean pipeline system, built to carry 
natural gas from Algeria to Italy, indicate the industry's offshore pipelay¬ 
ing capability. In 1980, three 20-in. pipelines were laid in water depths up 
to 1,968 ft spanning a 99-mile route between Cape Bon, Tunisia, and 
Mazar del Vallo, Sicily. The entire system extends from gas fields in 
Algeria to Italy's Po Valley. The $3 billion system is over 1,500 mi long. 11 
The pipelay vessel Castoro Sei, owned by Saipem, was used for the deep¬ 
water sections of the job (Fig. 7-8). It is a twin-hulled, self-propelled, semi¬ 
submersible lay vessel capable of laying pipelines in water depths to 2,500 
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Fig. 7-8 Semisubmersible pipe lay barge is designed for deep water. Source: Oil & Gas Journal, 

30 April 1979, p. 158. 

ft. Operating capabilities include a maximum significant wave height of 
18 ft, wind speed of 50 knots, and a current of 2 knots. Survival conditions 
for the vessel are a maximum wave height of 80 ft and a maximum wind 
velocity of 100 knots (concurrent). The 498-ft-long vessel has eight weld¬ 
ing stations, one field-joint coating station, one inspection station, and 
one X-ray control station. 

■ REEL BARGE. The reel-type lay barge was designed to lower offshore 
pipeline construction costs by increasing the laying rate and decreasing 
the time construction operations are exposed to offshore weather. It is 
used primarily for smaller line sizes—2-in. to 12-in. diameter but the 
capability exists to lay pipe as large as 16 in. in diameter using the reel 
method. 

The reel-type lay barge contains a large-diameter (40-60 ft) reel. 
Joints of pipe are welded together at an inland site and are wound on the 
reel. The barge with the full reel is then moved to the pipeline construc¬ 
tion site. One end of the pipeline is anchored, typically at an offshore pro¬ 
duction platform, and then the barge moves along the pipeline route, 
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unreeling the pipe. If the length of the pipeline is such that not enough 
pipe can be wound on one reel, additional reels can be used. The ends of 
the two reels must be joined at the construction site. 

Since the yield point of the steel is exceeded when the pipe is wound 
on the reel—the pipe is bent and will not return to its original straight 
configuration by itself—straightening rollers are used as the pipe is 
unreeled into the water. Firms supplying this service have done consider¬ 
able testing to prove no damage to the pipeline results from this bending 
and straightening cycle. 

One early reel type lay barge, the Santa Fe Apache , is capable of lay¬ 
ing pipe as large as 16 in. in diameter by the reel method. The vessel con¬ 
tains a vertical reel on which pipe is spooled; the reel's capacity varies 
from about 50 mi of 4-in. diameter pipe to about 5.7 mi of 16-in. diameter 
pipe. 12 The 404-ft-long vessel can lay pipe at speeds up to 2 knots and is 
equipped with a dynamic positioning system that allows the vessel to 
remain in position without the use of anchors. Apache is also outfitted 
with a saturation diving system capable of operating in water depths to 


1,500 ft. 

The Santa Fe Apache's first job was to lay four flow lines and two 
control umbilicals in the North Sea. In this project, 27 stalks of pipe 
were welded together at an onshore base for mounting on the pipelay reel. 
Each stalk was 900 ft long and contained 24 double random lengths of 4.5- 
in. OD line pipe coated with thin film epoxy. Completed stalks were 
moved from the welding area to pipe racks before being reeled onto the 
ship's reel. The stalks were joined as the pipe was fed up a ramp and 
through tensioners onto the pipelay reel. 

Use of reel pipelaying has special application, currently to jobs 
involving smaller-diameter lines of moderate length. Where it is applica¬ 
ble, reel pipelaying can offer savings in construction costs by doing the 
welding at onshore sites and will probably become more widely used as 
the technique is developed. 

Flexible pipe has also been installed offshore using a technique in 
which pipe is coiled in cylindrical baskets on the lay vessel. Pipe is then 
unspooled from the baskets as the vessel moves along the pipeline route. 
The first operation of this kind was in the North Sea in 1976 where a 
flowline was laid to connect a subsea well with production facilities. The 
technique is particularly applicable to installing smaller-diameter, moder¬ 
ate-length offshore pipelines, such as field flowlines. 
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■ VERTICAL LAY METHOD. To overcome the problems related to exces¬ 
sive weights and stresses on the overbend when using a conventional lay 
barge equipped with a stinger in very deep water, a method is bemg devel¬ 
oped in which the pipe is welded together in a vertical position on the lay 
barge and is allowed to enter the water vertically below the vessel. A struc¬ 
ture much like a derrick on an offshore drilling rig would support the pipe 
on the barge (see Chapter 15). This technique is also called the J-lay method. 
One J-lay approach would join prewelded, 80-240-ft long pipe sections 
deployed vertically to the seafloor. 

■ PULL METHODS. Another approach to offshore pipeline construction 
is the pull or tow method. No lay barge is used in this method; long sec¬ 
tions of pipe are welded together onshore and pulled into the water a sec¬ 
tion at a time. The method is particularly applicable to crossmg narrow, 
deepwater channels, hut it can also be used for moderate-length offshore 
pipelines. The sections are pulled by winches in the case of a narrow 
crossing or by a tow vessel in the case of an offshore line. 

This type of offshore pipeline construction has several advantages: 
much less expensive offshore construction equipment is required; much 
of the work is done onshore using conventional techniques; and the time 
the operation is exposed to severe offshore weather is reduced. Large- 
diameter lines (30-in.) up to 20 mi long have been installed using this 
method. Typically, though, projects using this technique involve 10-15 
mi of 16-in. diameter to 24-in. diameter pipeline. 

The tow method has been recommended in a number of applica¬ 
tions. 14 

1. Near shore in shallow water where lay barge operation is not 
possible 

2. For bundles of several pipelines or very large-diameter lines that 
are difficult to handle by lay barge 

3. Where difficult or dangerous maneuvering by lay barge is required 

4. In deep water, where the capacity of lay barge tensioners, stinger 
or positioning system is exceeded 

5. In the Arctic, where heavy ice cover exists 

6. Where only a short installation season is available because of 
high sea states or other environmental conditions 
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A. Bottom-tow method 





C. Near-surface tow method 







. Constant tow depth method. 


Legend 

1. Seagoing tug. 4. Chains. 

2. Cable. 5. Floats. 

3. Pull head L = Pipeline length 



Fig. 7-9 Tow methods for offshore pipeline construction. Source: Oil & Gas Journal, 22 June 
1981. p. 64. 










Four tow methods have been described. They mclude the hot o 
tow, the off-bottom tow, the near-surface tow, and the constant-depth tow 
(Fig 7-9) In the bottom tow method, the pipeline-or bundle of 
pipelines—is towed along the ocean floor by a tug. The ocean floor where 
the pipeline is towed should be relatively flat and free - ol E obstacles^ In the 
off-bottom tow, the pipeline is floated at a distance off the ocean floor by 
adjusting buoyancy with weights and floats. When the pipeline is in posi- 
" flea's are either released to surface or flooded allowing the 
pipeline to sink to the seabed. There is less chance of damage 
pipeline with this method than when towing along the seabed 

In the surface tow method, the pipeline is towed to its site whfle 
buoyed near the water's surface with floats or pontoons^ Lowering of the 
pipeline in shallow water can be done by releasing the floats or ponto 
L one step. In deep water, floats can be released successively o allow the 

pipeline to settle to the bottom in an S - CU * V \ C ° nflgUia “ ' 

Environmental conditions-wind velocity and wave height-have a signif¬ 
icant effect on this technique while the pipeline is m the float “S posl ££ 
Constant tow depth techniques offer the advantages of the off-bot¬ 
tom tow method-the operation is not significantly affected by seafloor 
conditions-and smaller tow forces are needed than those required for e 

m»». be Ctafully evaded .0 de.cnuta 
Which is most appropriate for a specific pipeline construction pro,ect. 

B TIE-IN. The most common and the most complex tie-in to be made in 
offshore pipeline construction is the connection to an abovewater plat¬ 
form on which pumping, compression, oil and gas production, or other 
lament « Called A cona.ec.ta mu* be tad. between «he papcbne 

on the seabed and the equipment on the platform. , . 0 

Several techniques are used to make this connection (Figs. 7-10 
7-14) The most common is to place the end of the pipeline on the ocean 
floor near the leg of the offshore platform to which the riser from the end 
of the pipeline to the surface of the platform will be attached. A diver then 
measures the distance accurately from the end of the pipehne to the P b - 
form leg. The pipeline is raised to the surface with cables and pipe is 
welded on that is of the proper length to reach the platform leg when e 
pipeline is returned to the ocean floor. A riser bend is then msta led to 
change the pipeline's direction from horizontal to vertical, and sections 
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Fig. 7-10 Conventional riser installation method. Source: Oil & Gas Journal, 11 May 1981, p. 
105. 


pipe are welded onto the bend to provide the vertical connection between 
ocean floor and platform surface. The required number of sections is weld¬ 
ed onto this vertical section as the pipeline is again lowered to the ocean 
floor. 

This technique for riser installation is limited to water depths of 
about 300 ft or less with pipelines of 36 in. diameter or more. 15 In deeper 
water, the length of pipeline that must be raised to attach the riser bend 
and riser becomes too great for a single barge. The method must also be 
used in relatively calm sea conditions. 

Other riser installation techniques include the guide rail method, 
the J-tube method, the bending shoe method, and underwater connection 
by divers. 

In the guide rail method, a rail is attached to the platform leg and 
clamps are installed to allow the riser to slide down the rail. A crane barge 
or platform-mounted crane picks up the end of the pipeline and is welded 
to the riser bend. The lay barge begins laying away from the platform, and 
riser pipe lengths are welded to the riser. After the lay barge has laid 
enough pipe, the pipeline reaches the ocean floor and the riser is in place 
from ocean floor to platform surface. The clamps holding the riser to the 
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Fig. 7-12 J-tube riser installation method. Source: Oil & Gas Journal, 11 May 1981, p. 105 


Fig. 7-13 Bending shoe riser installation method. Source: Oil & Gas Journal, 11 May 1981, p. 

105. 

guide rail are then tightened. This method can only be used when pipeline 
construction is begun at the platform, and it also is applicable only in rela¬ 
tively calm seas. 15 

In the J-tube method, a J-shaped tube whose inside diameter is 
larger than the outside diameter of the pipeline to be laid is installed on 
the bottom of the platform, normally when the platform is being fabri- 
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Fig. 7-14 Underwater riser joining method. Source: Oil & Gas Journal, 11 May 1981, p. 105. 


cated on land. A cable through the J-shaped section of pipe connects the 
end of the pipeline on the barge with a pulling device on the platform. 
When pipeline construction begins, the lay barge remains stationary and 
the cable is used to pull the end of the pipeline down to the sea floor and 
up through the J-tube. When the end of the pipeline has reached the 
platform, the lay barge proceeds laying along the pipeline route. 

Because the pipe is bent around the J-shaped path, this method is 
limited to smaller-diameter lines, usually less than 12 in. It is applicable 
where pipelaying begins at an offshore platform, but it can be used in 
more severe sea conditions than other methods. A diver may not be need¬ 
ed during the operation, though one is sometimes used to ensure that the 
pipeline enters the J-tube properly. 

Installing a pipeline riser by the bending shoe method involves 
installing a curved "shoe" during platform fabrication around which the 
pipeline will later be pulled. The pipeline is laid past the platform by the 















Fig. 7-15 Underwater tie-in assembly. Source: Oil & Gas Journal, 13 February 1978, p. 84. 


lay barge a distance equal to the height of the finished riser. Then the end 
of the pipeline is bent around the shoe and is raised to vertical by cables 
while tension is maintained on the pipehne. This method is applicable 
when pipeline installation terminates at the offshore platform and is con¬ 
sidered to be limited to water depths below about 400 ft. 15 Moving the 
pipe under the bending shoe and aligning it for bending are critical phases 
of the operation. 

Finally, the pipeline and riser can be installed separately and con¬ 
nected on the ocean floor either by mechanical devices (Fig. 7-15) or by 
welding. This procedure is more suitable to large-diameter pipelines and 
can be used when pipeline laying begins or terminates at a platform. 
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■ OFFSHORE PIPELINE BURIAL. As is the case with onshore pipeline 
construction, most offshore lines must be buried below the ocean bottom. 
Burial is necessary to protect the pipeline from damage by ship anchors, 
fishing gear, and natural hazards. But burying offshore pipelines is more 
complex than ditching for, and backfilling, an onshore pipeline. First, off¬ 
shore burying must be done with remotely operated equipment. The 
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seabed—especially in soft, loose soils—can change quickly, so burial must 
often be done after the pipeline is in place on the ocean floor. 

Government regulations specify how offshore pipelines will be 
buried in many areas. The most comprehensive regulations include those 
applicable to offshore pipelines in the U.S. Gulf of Mexico, the North Sea, 
Japan, and Australia. The U.S. Department of Transportation and the 
Department of Interior regulate offshore pipelines installed in U.S. waters,- 
the Bureau of Land Management and the U.S. Geological Survey of the 
Department of Interior have specified burial requirements in the Gulf of 
Mexico. In most other offshore areas of the world, burial requirements are 
usually determined on a case-by-case basis. 

North Sea pipeline construction has been subject to various regula¬ 
tions, depending on the country in whose waters the pipeline is located 
and on site conditions. Early North Sea pipelines were required to be 
buried with 10 ft of cover, but that requirement exceeded the capability of 
existing equipment. More flexibility in burial requirements has been the 
case in recent years. 

In Tokyo Bay, Japan, a pipeline was required to be buried to 16 ft, 
but only 10 ft of cover was obtained. Another pipeline buried to about 8 ft 
had to be backfilled and the sea bottom restored to its "natural level" to 
eliminate possible damage to trawling gear. 

The two most common approaches to burial are jetting and plowing. 
Plowing may be done before the pipeline is installed on the ocean floor in 
certain types of soils, but post-trenching—plowing after the pipeline is in 
place—is also possible. 

In jetting, a jet sled consisting of a frame on which pumps, jets, and 
associated equipment are mounted, is lowered to the ocean floor over the 
pipeline. Its powerful pumps directed under the pipeline force soil from 
beneath the pipe and allow the pipeline to settle into the resulting ditch. 
The displaced soil then covers the pipe as the jet sled moves along the 
pipeline. The type of soil on the ocean floor has a great effect on how deep 
the pipe can be buried in the seabed by jetting. Where the soil type 
changes frequently, the pipeline may be left suspended between two rela¬ 
tively hard soil areas. These unsupported spans can cause undesirable 
stresses in the pipe. 

In 1991, a new method of jetting was used offshore Alabama. It fea¬ 
tures a turbidity control sled that reduces disturbance of the seafloor. In 
this location, oyster beds might have been damaged by drifting silt if con- 












Fig. 7-16 Turbidity reduction system protects marine life when burying offshore pipeline (courtesy ARCO). 











ventional jetting were used (Fig. 7-16). 

To provide more effective burial under conditions in which jetting is 
difficult, underwater plows were developed (Fig. 7-17). A pretrenching 
plow was first used in the North Sea for lowering a 36-in. loading line 
between two platforms. The plow was towed by a surface vessel, was 
about 36 ft long, and weighed 50 tons. In the late 1970s, post-trenching 
plows were developed. A post-trenching plow is placed on the pipeline on 
the ocean floor after the pipeline has been laid. In early designs, as the 
plow was towed, its shares dug into the ocean floor and closed around the 
pipe, forming a trench under the pipeline. As the plow moved along the 
pipeline, the pipeline settled into the ditch behind the plow. 

A later development was simultaneous plowing in which a plow is 
positioned on the pipe behind the pipe's touchdown point aft of the lay 
barge. Split-share plows, in which share halves are hinged and the force on 
the leading edge of the plow causes the shares to rotate and close together 
around the pipe, have also been developed. An example of the split share 
is one designed for post trenching a 24-in. pipeline in Australia's Bass 
Strait. The plow is 18 m long and weighs 68 tons. It cut a trench about 1.2 
m deep on that project. 

Another approach to offshore pipeline burial has been used. In one 
project involving a 36-in. gas pipeline 270 mi long, portions of the line 
were sandbagged and mechanically backfilled. Backfilling was done by a 
vessel on the surface that transported excavated material from shore to 
the pipeline site. The backfill material was fed into a drop pipe that 
extended to a few feet above the pipeline and delivered the material over 
the pipeline. Sophisticated navigation equipment ensured that the materi¬ 
al was placed over the pipeline. In this project, the average cost of trench¬ 
ing was about $500,000/mile, the cost of sandbagging was about $2.5 mil¬ 
lion/mile, and the cost of backfilling was an estimated $3 million/mile. 

■ TESTING, INSPECTION. Testing of offshore pipelines is similar to 
that of onshore pipelines. Welds are X-rayed at a station on the lay barge, 
and the completed pipeline is hydrostatically tested to check for leaks. 
Because much of the construction of offshore pipelines involves equip¬ 
ment and operations that are remote from view, other methods are used. 

For instance, observation diving bells are used for pipeline route 
inspection, inspection of the pipeline after it is on the ocean floor, and 
for other tasks. An example of the use of an underwater vehicle is an 
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Fig. 7-17 Underwater plow for pipeline burial. Source: Oil & Gas Journal, 4 May 1981, p. 133. 


observation manipulator bell (OMB) which was used during construe- 
tion of the trans-Mediterranean pipeline between Tunisia and Sicily (Fig. 
7-18). That bell is designed for a crew of two, is equipped with two 5-hp 
thrusters, and is rated for 3,000-ft water depths. Position and heading are 
maintained by the pilot's control of the thrusters; vertical position can 
be controlled either by the bell operator or by the operator on the surface 
support vehicle. Such a vehicle takes personnel to the ocean floor for 
direct viewing and work. Operations can be monitored on the surface by 
real-time video. In the trans-Mediterranean project, the vehicle was used 
to place and control jacks for the support of the pipeline where it 
spanned high points in the ocean floor, and to place weight clumps and 
mats to stabilize the pipeline. 18 

Remote controlled underwater vehicles (RCVs) are playing a greater 
role in inspection and maintenance of subsea pipelines and offshore plat¬ 
forms. The RCVs offer the potential for considerable savings over the use 
of divers. For example, the estimated cost for obtaining samples of sec¬ 
tions of an offshore pipeline in Australia's Bass Strait using divers was 
about $1.2 million, and the job was expected to take several months. The 









Fig. 7-18 Observation bell can be used for pipeline inspection. Source: Oil & Gas Journal, 26 
October 1981, p. 153. 

pipeline owner instead invested in an RCV and paid for the vehicle on 

that one project. . . ... 

In deep water, the vehicles can be economical. One estimate is that 

an inspection dive to 800 ft costs about $100,000 for a 10-minute dive, 
and it may take as much as two weeks to prepare for and perform that 
dive. 18 An RCV could do the job in 24 hours for about $3,500. 

■ BUCKLING. An important consideration in designing and installing 
offshore pipelines, especially in deep water, is the prevention of collapse 
or buckling. Buckling can be caused by the hydrostatic pressure of water 
or by longitudinal bending of the pipe during installation. The danger o 
collapse or buckling increases with greater water depths and larger pipe. 
Factors affecting the tendency for buckling and collapse include pipe out- 
of-roundness, ratio of diameter to waU thickness, yield strength, an 
stress/strain behavior of the pipe steel* In conventional pipelaying meth¬ 
ods, the pressure inside the pipe during installation is atmospheric, an 
the external hydrostatic pressure can cause severe stresses. In some 
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Fig. 7-19 Method for laying pipeline under ice. Source: Oil & Gas Journal, 21 September 1981, p. 
145. 


pipelay methods, pipe has been pressurized internally to offset the hydro¬ 
static pressure. 

The seriousness of pipe buckling depends on the net external pres¬ 
sure on the pipe relative to the buckle initiation pressure and the buckle 
propagation pressure. The initiation pressure is higher than the propaga¬ 
tion pressure. 

Collapse of a submarine pipeline may he local only or it may "propa¬ 
gate" itself along the pipeline, damaging a significant length. The greatest 
danger of collapse is during installation, when the pipe is subjected to lay¬ 
ing stresses. But it can also occur after the pipe is installed if, for example, 
there is no internal pressure on the line. 

To avoid collapse and buckling requires careful design, control of 
curvature of the pipe during installation to stay within design criteria, and 
quality control of the pipe to avoid lengths with excessive out-of-round- 
ness or other imperfections. 

Pipe buckling can he expensive to repair. A dry buckle may take sev¬ 
eral days to repair; a wet buckle (where the pipe is flooded with water) can 
take weeks to repair. Repairs must normally be done with the pipelay 
barge on location, and lay barge rental can run as high as several hundred 
thousand dollars per day. 

In addition to design and quality control, equipment is available to 
use during construction to detect buckles and to halt the propagation of a 
buckle should one occur. Even though a properly designed, carefully 
installed pipeline is not likely to buckle, the severe consequences of a 
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buckle make it common to install buckle arrestors when installing 
pipelines in deep water. 

There are three types of buckle arrestors: the free-ring arrestor, 
heavy-walled cylinder or integral arrestor, and the welded ring arrestor. 
The free-ring arrestor is a steel sleeve of larger-diameter pipe that is 
slipped over the pipe joint. The integral arrestor is of heavier wall thick¬ 
ness than the pipe but usually has the same inside diameter and is welded 
into the pipeline. The welded ring arrestor is similar to the free-ring 
arrestor but is welded to the pipe. 

■ ANCHORING. Offshore pipelines are often anchored: to the seabed to 
prevent movement due to current and other forces. One mechanical 
anchoring method involves screwing auger-like anchors into the seabed 
that hold a bracket down over the pipe, pinning the pipe to the ocean 
floor. Auger-type anchors must be used in a soil that offers sufficient resis¬ 
tance to the anchor in order to be effective. Other types of anchors that 
depend on weight—gravity anchors—have been used. They can be either 
set on the pipeline or bolted to the pipeline and are typically made of con¬ 
crete. 

Various techniques have developed for installing pipeline anchors. 
The type of anchor and installation method must be designed for each spe¬ 
cific location. Soil conditions, particularly soil resistance, and the seabed 
profile are key factors in choosing the proper type of anchor, the place¬ 
ment method, and the location where anchors will be needed. 

ARCTIC PIPELINE 
CONSTRUCTION 

retie pipe lin e systems, both onshore and offshore, require spe¬ 
cial approaches to design, installation, and operation. Logistics 
is a key problem, and offshore, much of the Arctic area is cov¬ 
ered by ice most of the year. Arctic pipeline designs therefore 
often emphasize prefabrication as a way to reduce cost and 
meet construction schedules. Work productivity is also a consideration in 
all Arctic projects. It must be kept in mind that many operations will 
have to be performed by a worker dressed in heavy clothing. 

Pipelines designed for these severe environment areas differ from 
conventional pipeline systems in more moderate land and offshore areas: 
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1. Special pipe steel may be required to withstand the low 
temperature. 

2. On land, pipelines must be designed to prevent damage to the 
pipeline and to the environment in permafrost areas. Where there 
is no permafrost, frost heave must be considered. 

3. Offshore, special pipe laying techniques must often be used. 

4. Offshore pipelines must be protected from damage by moving ice 
masses that contact the seabed. 

5. A narrow operating temperature range may require special 
equipment and operating procedures. 

6. Startup of crude oil pipelines after a shutdown can be a critical 
operation; provisions must be made in the design for this 
occurrence. 

■ ONSHORE CONSTRUCTION. Construction of pipelines in Arctic 
onshore areas must prevent melting of the permafrost, and prevent dam¬ 
age to the pipeline due to frost heave. Permafrost is a layer of the earth's 
surface that remains below 32°F for extended periods, sometimes defined 
as two years or more, regardless of the season. If allowed to thaw, its vol¬ 
ume decreases and movement of the pipeline can cause pipe stress to 
exceed design limits. About half the length of the 48-in. diameter trans- 
Alaska crude pipeline was installed aboveground on specially designed 
pipe supports through permafrost areas to solve this problem. Melting of 
permafrost areas can also cause unwanted effects on the environment. 

Natural gas pipelines laid through permafrost areas may have to be 
designed so the gas can be cooled to maintain a temperature low enough 
to prevent permafrost melting. But this leads to another problem in areas 
where the soil is not frozen: frost heave. The cold gas can freeze the soil, 
causing an increase in volume that again can put stress on the pipe above 
design limits. This heave has been found to be greater than that which 
would occur due solely to the freezing of the water in the soil; additional 
water is attracted to the area of freezing, aggravating the heave conditions. 

Insulation can be used to limit the size of the frost-heave area, or the 
trench can be overexcavated and the original material replaced with a 
granular material that is not frost susceptible. Another approach is to use 
a computer model to predict heave and the resulting stresses on the pipe. 
At locations where heave does not cause undue stress, no measures are 








taken. Where design stresses are exceeded, preventive measures can be 
included in the design. The proposed Alaska Natural Gas Transportation 
System was designed to operate at a maximum temperature of 28 F and a 
minimum of 0°F. The maximum was set to prevent thawing of the per¬ 
mafrost, and the minimum limit was required to remain within fracture 
control limits of the pipe steel and avoid condensation of liquids in the 
pipeline. 20 

In all Arctic construction, logistics and working conditions dictate 
many construction procedures. For the trans-Alaska crude pipeline, for 
example, about 3 million tons of materials had to be delivered to the pro¬ 
ject and construction camps had to be built for 23,000 personnel. 

■ OFFSHORE CONSTRUCTION. Many construction techniques in 
Arctic offshore areas are similar to those used in more moderate locations. 
But there are also differences required to cope with ice and with short 
open-water periods. For instance, a conventional lay barge may be costly 
due to the short work periods. Bottom-tow methods have advantages 
because much of the work can be done in winter and the lines placed dur¬ 
ing the open-water season. Laying pipe with a reel barge could also offer 
advantages in Arctic waters. 

On-ice construction methods are also possible. A pipeline may be 
laid in very shallow waters by cutting a trench through the ice and into 
the soil, much as in conventional land pipeline construction. In deeper 
water, the pipe can be welded together on the ice and lowered to the 
seabed through a slot in the ice. 22 Modifications of the bottom-pull 
method can also be used in ice-covered areas. In the ice-hole bottom-pull 
method (Fig. 7-19), long pipe strings are pulled into place by cable-pulling 
units from a series of holes in the ice. 23 

Pipe in Arctic waters must also be protected from damage by mov¬ 
ing ice masses that may gouge the ocean floor. If the depth that these 
masses penetrate the seafloor is known, one approach is to trench the pipe 
below that depth. The trenching method used—jetting, dredging, plow¬ 
ing—depends on the type of soil encountered. Those trenching methods 
with higher rates are the most desirable because of the short open-water 
season, provided the method used is able to trench in the type of soil that 
exists along the pipeline route. 
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) CHAPTER 8 
1 WELDING 
TECHNIQUES AND 
' EQUIPMENT 






H he overwhelming bulk 
of oil and gas pipeline 
construction is done by 
welding the individual 
joints of pipe together. 
However, other types of connec¬ 
tions are used, including threaded 
couplings and mechanical connec¬ 
tors. 

Very strict controls on 
pipeline welding require that both 
a welding procedure and the 
welders who will use the proce¬ 
dure be qualified by testing. 
Comprehensive inspection of 
completed welds is also required, 
and the causes of weld defects and 
their prevention continue to be 
the focus of much study. 

The aim of detailed specifica¬ 
tions and regulations and further 
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research and development work on welding procedures and equipment is 
to ensure that oil and gas pipelines are safe. 

It is not possible to detail all aspects of pipeline welding in this 
short chapter. However, a brief overview of welding processes, procedures, 
and equipment, and highlights of applicable regulations, will indicate the 
complexity and sophistication of modem pipeline welding. 

This chapter discusses only field pipeline welding in which a cir¬ 
cumferential weld is made to join individual lengths of pipe. Welding per¬ 
formed during pipe manufacture—longitudinal and spiral welds—was dis¬ 
cussed in Chapter 3. 

WELDING 

PROCESSES 

B n a broad sense welding is a metal-joining process wherein 
coalescence is produced by heating to suitable temperatures 
with or without the use of filler metal. 1 The sources of heat for 
welding include electric arc, electric resistance, flame, laser, 
and electron beam. The first three are traditional methods; 
laser and electron beam welding are relatively recent developments. 

Most processes used in field pipeline welding use a filler metal, do 
not involve the application of pressure, and depend on an electric arc for 
the heat source. 

■ SHIELDED METAL ARC WELDING. The heat for this process is pro¬ 
vided by an electric arc that melts a consumable electrode and some of the 
metal being welded. When the weld metal cools, it hardens to form the 
weld. The consumable electrode is melted continuously by the heat of the 
electric arc. As in all arc welding processes, the electrode serves as one 
pole of the arc,* the steel being welded is the other pole. The electrode, the 
steel pipe, and the arc make up an electric circuit: the welding circuit. 

A covered electrode has a solid metal core and an outer layer of 
material that insulates the core from accidental contact with the pipe. 
The core covering also provides the gas to shield the weld from air and 
may contain special elements to improve weld quality. 
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■ SUBMERGED ARC WELDING. In this process, too, heat is supplied by 
an electric arc and a consumable electrode is used. In this technique, how¬ 
ever, a granular flux composed of silicates and other elements is deposited 
on the weld joint. The arc melts some of the flux and is submerged m the 
liquid slag that is produced by this melting. The electrode in this method 
is wire that is fed continuously to the weld joint. High currents used m 
this technique allow the weld to penetrate deeper below the surface of the 
pipe than is possible with other welding processes. 

■ GAS-METAL ARC WELDING. This process also uses the heat from an 
electric arc. The arc is covered by an inert gas, such as argon or helium. 
The insert-gas-shielded metal arc process uses a consumable, continuous 
electrode. Since this process requires no flux, no slag is produced on top o 
the weld. Gas for shielding is delivered to the weld area through a tube; 
the electrode is fed down through a guide within die tube. Gas metal arc 
welding (GMAW) is particularly applicable to welding difficult metals and 
alloys that are susceptible to contamination from the atmosphere, and 
porosity. 

Carbon dioxide welding is similar to gas-metal arc welding except 
that CC >2 is used as a shielding gas. 

■ GAS-TUNGSTEN ARC WELDING. An inert gas shield is required 
when welding with tungsten electrodes using the gas-tungsten arc weld¬ 
ing (GTAW) process. This process is particularly suited to welding thin 
material and to depositing the first weld bead (root pass) because penetra¬ 
tion can be controlled more easily than with other welding processes^ 
Good heat control is possible with this process, and it is possible to weld 
with or without filler metal. The nonconsumable electrodes are not 
deposited as part of the weld metal. The steel being welded is melted, and 
the electrode serves only as one pole of the electrical circuit. In some 
processes, however, a filler wire can be fed into the weld joint if additional 

metal is needed to fill the joint. 

There are other arc welding processes. 

1. Plasma aic welding, in which a plasma is produced by the heat of 
a constricted arc/gas mixture. This type of welding is similar to 
tungsten arc welding since an inert gas is used, but plasma.arc 
welding's constricting orifice is unique. Plasma/metal-mert-gas 
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(MIG) welding combines the features of plasma arc and inert-gas 
metal arc processes and permits deep penetration when welding 
thick material or higher speeds when welding thinner material. 

2. Flux-coied aic welding, which is similar to submerged arc and 
shielded metal axe welding, except the flux is contained in a 
metal sheath instead of on the wire. 

3. Electioslag welding, which is begun much as conventional sub¬ 
merged arc welding. When a layer of hot molten slag is formed, 
arc action stops and current passes from the electrode to the work 
through the slag. Heat generated by the resistance to current 
through the slag fuses the edges of the work pieces. 

■ ELECTRON BEAM WELDING. Though not common in pipeline weld¬ 
ing, the electron beam process could have application in proposed laying 
techniques for installing offshore pipelines in very deep water. The J-curve 
pipelay method, discussed in Chapter 7, involves lowering pipe from near 
vertical rather than in a horizontal S-shaped configuration used in conven¬ 
tional offshore pipelaying. 

In the electron beam welding process, coalescence is obtained by 
concentrating a beam composed primarily of high-velocity electrons 
impinging on the surfaces to be joined. Electrons accelerated by an electric 
field to extremely high speeds and focused to a sharp beam by electrostat¬ 
ic or electromagnetic fields provide heat for welding. 

Because the J-curve pipelay technique requires welding to be done at 
a single station rather than the several stations common on a convention¬ 
al lay barge, electron beam welding offers an advantage. It is quicker than 
other methods and can weld thick-wall pipe in a single pass. The process 
also requires no preheating or postheating of the weld area. 2 In tests on 24- 
in. pipe with a wall thickness of 1.2 in., complete welds were made in less 
than 3 minutes. Conventional welding of a joint in the same pipe would 
require 1 V 2 hours. 

Accurate positioning of the beam is important in the electron beam 
process, and a vacuum must be maintained in the chamber around the 
pipe. The beam must be concentrated on a spot about 1 mm in diameter, 
and tolerances are critical. 
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with weld metal. The number of fill passes required depends primarily on 
the wall thickness of the pipe being welded. It also may depend on the 
particular welding procedure being used. Thin-wall pipe may only require 
one fill pass, while the number of passes may be five or more for pipe with 
a thicker wall. The speed with which pipeline welds can be made depends 
heavily on the number of fill passes required, in addition to the outside 
diameter of the pipe. A welder can deposit a certain amount of weld mate¬ 
rial in a specified time. If a number of passes are made on the same weld 
seam, fewer complete welds can be made per day. The amount of weld 
material that must be deposited also increases as the pipe diameter 
increases, so fewer welds can be made in a day on large-diameter pipe. 

The final weld is the cap pass. It is normally wider than the last fill 
pass, and weld metal is not deposited in as thick a layer as is the case with 
the other weld passes. The top of the cap pass extends slightly above the 
pipe exterior. 

Figure 8-1 shows examples of the weld passes required in a pipeline 
girth weld. 

■ MANUAL WELDING. The largest share of oil and gas pipeline welding 
is still done manually (Figure 8-2). Welders along the pipeline right of way 
use vehicle-mounted welding machines and weld the individual joints of 
pipe together alongside the pipeline ditch. The number of welders on a 
pipeline job depends on the length of the pipeline, the diameter and wall 
thickness of the pipe, and other factors. 

Typically, one welder applies the root pass, another welder the hot 
pass, one or more welders the fill passes, and another welder the cap pass. 

Manual pipeline welding not only requires great skill, but also 
involves conditions that are often difficult and unpleasant. Since the pipe 
seam must be welded completely around the circumference of the pipe 
with the pipe in a horizontal position, the welder must be down on the 
ground in an uncomfortable position to complete the weld on the lower 
portion of the pipe. In extreme weather, it is often necessary to provide a 
shelter or enclosure for the welder to protect against wind, blowing dirt or 
sand, and cold. Not only is this needed for the welder's comfort, but blow¬ 
ing dirt, moisture, and high wind can reduce weld quality. Some welding 
shelters include wooden floors, doors, exhaust vents, lighting, and heating 
to provide properly controlled welding conditions. Other shelters consist 
only of a canvas hood over the welder and the joint being welded. 







Welding Techniques and Equipment 

1 197 


















Oil and Gas Pipeline Fundamental 


198 


Fig. 8-2 Manual pipeline welding. 


■ AUTOMATIC WELDING. In the late 1960s, automated welding equip¬ 
ment reached the commercial development stage (Fig. 8-3). Since that 
time, it has been used in pipeline welding in many parts of the world for a 
wide range of pipe sizes. It is used both for land pipeline construction and, 
on lay barges, for offshore pipeline construction. 

These advantages of automated welding systems have been cited: 


In automated welding, as in manual welding, a root pass, hot pass, 


Increased weld metal deposition rate 
Reduced volume of weld metal 
Improved consistency of weld strength, toughness, and 
radiographic quality 

Reduced vulnerability of weld quality to human error 
Reduced physical strain on the welder/operator 
Ease of training operators 

Reduced manpower and equipment requirements for heavy wall 
and large-diameter pipe 


1 . 

2 . 

3. 


4. 

5. 

6 . 
7. 
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Fig. 8-3 Automated welding on offshore pipeline. Source: Oil & Gas Journal, 10 January 1977, p. 
91. 


fill passes, and cap pass are required. A continuous wire is used to supply 
the weld metal to be deposited. 

The CRC automated welding system in use in the early 1980s, for 
example, featured a fine-wire, gas-metal arc welding system consisting of 
three major components: a pipe end facing machine, a combination inter¬ 
nal welder/line-up clamp, and an external welding carnage. 

The pipe facing machine served a special purpose. Line pipe is usual¬ 
ly manufactured and delivered with the ends bevelled at a standard 30 
(Fig. 8-4). For automated welding, a modified bevel was found to increase 
the quality of the weld, and the facing machine was used to modify the 
standard 30° bevel in the field to prepare for automated welding. The fac¬ 
ing machine (Fig. 8-5) included a clamp section and a machining section. 
The clamp section secured the pipe. Cutting tools mounted on a rotating 
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Fig. 8-4 Standard API bevel (courtesy Crutcher Resources). 


face plate then machined the end of the pipe to the desired bevel. The pipe 
facing machine typically was suspended from a sideboom tractor, and the 
facing operation normally required 2-5 minutes. 3 

The internal line-up clamp/welder (Fig. 8-6) positioned inside the 
pipe aligns the two pipe ends, locks them in place, then automatically 
welds the root pass on the inside of the pipe. The welding section of the 
unit has four welding heads for pipe diameters from 24 in. to 38 in. and six 
heads for 40-in. to 60-in. diameter pipe. The heads are mounted around a 
ring gear driven by an electric motor. A four-head machine, for example, 
begins welding with two heads at the 12 and 3 o'clock positions as seen 
from the open end of the pipe. These heads weld downhill to 3 and 6 
o'clock, respectively, typically at about 30 in./min. The other two heads 
move into position at 12 and 9 o'clock, and when the first two heads are 
finished, the second two weld from 12 to 9 o'clock and from 9 to 6 
o'clock, respectively. When the root pass bead is complete, the clamps are 
removed and the unit propels itself through the pipe joint just welded and 
stops automatically at the open end. 

The external welder carriages (Fig. 8-7), called bugs , make the 
















Fig. 8-5 Pipe facing machine (courtesy Crutcher Resources). 


remaining welds—hot pass, fill passes, and cap pass—from the outside of 
the pipe. For the different passes, the hugs have different gas shielding 
n ozzl es, travel speeds, and welding tip oscillation. 

The bugs travel on spring steel bands attached to the pipe er 1 ® 
new bevel is cut and before the pipe joint is welded into the pipeline. Each 
bug has a carriage section, control box section, and welding section. The 
carriage, which can be adjusted for pipe diameter, is attached to the steel 
bands; the control box carries electronics that control travel speed wire 
feed speed, welding tip oscillation frequency, and wire and gas shutoff 
delay. The welding section consists of the welding tip, wire feed drive 
motor, oscillation motor, gas shielding nozzle, and welding wire spool 

Bugs are used in pairs, each making half a weld pass from 12 o clock 
to 6 o'clock, one in a clockwise direction and one in a counterclockwise 
direction. Hot pass bugs begin welding before the internal root pass is 

completed and typically travel at 40-45 in./min. 

Fill pass bugs begin at the same time but not at the same point. 
Starting positions are changed and reversed on alternate fill passes to 
avoid overlapping starts and stops. 
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Fig. 8-6 Internal clamp/welder (courtesy Crutcher Resources). 


ONSHORE/OFFSHORE 



he same welding processes can be used for both land and off¬ 
shore pipeline construction. Both manual and automated 
welding procedures are used for land and offshore construc¬ 
tion. 

On land, welders move along the pipeline right of way as 
the pipeline is constructed. The root pass welder moves from one weld 
seam to the next, followed by the hot pass welder, fill pass welders, and 
the cap pass welder. In offshore construction, the welding stations are sta¬ 
tionary (Fig. 8-8) on the lay barge, and as the lay barge moves along the 
pipeline route, the successive pipe joints move through each welding sta¬ 
tion. The number of weld stations on a lay barge varies, and the barge also 
contains weld-inspection stations and joint-coating stations. 


■ DOUBLE JOINTING. Often a pipeline construction project can be 
completed faster if only every other weld seam must be completed on the 
pipeline right of way. This is often the case where right-of-way conditions 
are difficult or where weather or other environmental conditions are 
severe. By welding two joints of pipe together in a fabrication yard or 
building (Fig. 8-9) and transporting the double-length joints to the right of 
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Fig. 8-7 External welding carriages (courtesy Crutcher Resources). 

way, field construction time can be reduced. At the double-jointing yard, 
welding stations are stationary, and necessary shelters or other facilities 
can easily be built. Welding is faster than on the right of way, where diffi¬ 
cult environmental conditions exist, and weld quality can often be 

imPr °Dotble jointing is done on both land and offshore pipeline construe- 
tion projects. 

REGULATION S 

P art 192 of the U.S. Code of Federal Regulations, Title 49 (49 
CFR)—Transportation—sets out welding regulations for natur¬ 
al gas pipelines in suhpart E. Covered are the qualification of 
welding procedures, qualification of welders, preparation for 
I welding, inspection and testing of welds, and other aspects of 
the circumferential weld between two joints of line pipe. These regula¬ 
tions do not apply to welding done during pipe manufacture. 

■ PROCEDURE QUALIFICATION. Pipeline welding in the United 
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Fig. 8-8 Welding on offshore pipelay barge. Source: Oil & Gas Journal , 30 April 1979, p. 158. 


States must follow written welding procedures outlined in 49 CFR. These 
procedures are qualified under the American Society of Mechanical 
Engineers (ASME) Boiler and Pressure Vessel Code or API standards. 
Certain steels require separate qualification of welding procedure. Each 
welding procedure must be recorded in detail during the qualifying tests 
and the record retained whenever the procedure is used. 

■ WELDER QUALIFICATION. In 49 CFR, each welder is required to be 
qualified according to the Boiler and Pressure Vessel Code or API stan¬ 
dards. Steels are divided into the same general group as is the case for pro¬ 
cedure qualification as far as the need for separate qualification is con¬ 
cerned. 

Other welder qualification rules depend on the operating conditions 
of the pipeline to be welded, the time since the welder last was qualified 
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Fig. 8-9 Double jointing underway at pipe yard. Source: Oil & Gas Journal, 15 October 1979, p. 

117. 

on the procedure, the results of tests on a weld made by the welder, and 
the pipe size on which the welder is qualified. Rules also specify limita¬ 
tions on welders, including who may Weld compressor station pipe and 
components. 

Different welding qualification tests are required for different pur¬ 
poses. The basic test for welders qualifying to weld low stress level pipe, 
however, serves as an example of key points in qualification tests. 4 Under 
the rules, that test must be made on a pipe 12 in. or less in diameter. The 
pipe must be welded in a horizontal fixed position, so the test mcludes at 
least one section of overhead welding. Bevelling, root opening, and other 
details of the test must conform to the procedure under which the welder 
is being qualified. 

When the test is completed, the test weld is cut into four coupons 
and is subjected to a root bend test. If two or more of the coupons develop 
a crack that is more than >/. in. long in any direction in the weld material 
or between the weld material and the base metal, the weld is unaccept¬ 
able. Other qualification tests contain other requirements, but the general 
approach to testing is similar. 

■ PREPARATION FOR WELDING. Safety regulations require that the 
welding operation be protected from weather conditions that would impair 
the quality of the completed weld. Before beginning, welding surfaces must 
be clean and free of any material that may be detrimental to the weld. Also, 
pipe sections must be properly aligned for depositing the root bead. 























Oil and Gas Pipeline Fundamentals 
206 











WBT n mfi Techniques and Equipment 
-- 207 


Specifications require that carbon steel with a carbon 
excess of 0.32% be preheated for welding; in some cases, steelsvnA U,w« 
carbon contents must also be preheated. When steels with Afferent pre 
heat temperatures are being welded, the higher of the two preheat temp 

be used. Preheat temperature must hr mom.ored to ensure 
the proper temperature is reached and maintained during welding. 

■ INSPECTION, TESTING. Pipeline welds must be inspected visually to 
ensure they are performed in accordance with the welding procedure and 
that the wilds are acceptable under the appropriate specifications. In t 
United States, to comply with provisions of 49 CFR 
ing is also required on welds made on a pipeline that mil be operated 

pressure that results in a hoop stress of 20% or more * 
mum yield strength (SMYS). There are two exceptions to this nondestruc 
tive testing requirement. Nondestructive testing is not required ev 
though hoop stress will exceed 20% of SMYS if (1) the Pipe has«a 
diameter of less than 6 in. or (2) the hoop stress will be less than 40 ° 

the SMYS and the number of welds is so small as to make sueh test g 
impractical. Nondestructive testing must be performed according o 

ten procedures and by specially trained personnel. , * testing 

Radiography (X-ray) is the most widely used method of testing 

pipeline welds nondestructive^. In radiography, a picture is made on a 
sensitized film by exposing the film to X-rays (Fig. 8-10). Defects in 
weld, such as cracks, porosity, or slag inclusions, appear as spots or hues 

“ ^^TIumbtfoTwelds in a pipeline that must be X-rayed depends m 
the type of line and the area in which it is located. Detaile escI JP 
of difUrent types of locations are included in CFR 49. In general Class 1 
iZZTJL* that contain few buildings. Classes 2, 3 and 4 become 
progressively more densely populated. Class 4 contains buildings with 
four or more stories. The class designation is made based on an area th 
extends 220 yd on either side of the centerline of any contmuous 1-mi 

lengthof^pelmCsses, nondestmctive testill g of natural gas pipeline welds 

is required as follows: 

1. to class 1 locations, except ollshote, a, least 10% of toe weld, 
must be tested. 
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2. In Class 2 locations, at least 15% of the welds must be tested. 

3. In Class 3 and 4 locations, at crossings of major or navigable 
rivers, and offshore, the regulations in 49 CFR state that 100% of 
the welds must be tested if practicable but not less than 90%. 

4. Within railroad or public highway rights of way, including 
tunnels, bridges, and overhead road crossings—and at pipeline 
tie-ins—100% of the welds must be inspected. 

Other requirements are specified in 49 CFR for nondestructive test¬ 
ing. For instance, " except for a welder whose work is isolated from the 
principal welding activity, a sample of each welder's work for each day 
must be nondestructively tested...." 

Records of nondestructive testing must be retained that show by 
milepost, engineering station, or geographic feature the number of girth 
welds made, the number nondestructively tested, the number rejected, 
and the disposition of rejects. 

Welds that are unacceptable must be removed or repaired. Under 49 
CFR specifications for natural gas pipelines, for example, a weld must be 
removed if it has a crack that is more than 8% of the weld length. Each 
weld that is repaired must have the defect removed down to clean metal, 
and the segment to be repaired must be preheated. After repair, the weld 
must again be inspected to ensure it is acceptable. 

Regulations in 49 CFR Part 195 for liquids pipelines specify similar 
procedures for pipeline welding. Welds must be performed according to 
written procedures, and welders must be qualified. Nondestructive testing 
of welds in liquids pipelines is also required. At least 10% of the welds 
made by each welder during each welding day in a liquids pipeline must 
be nondestructively tested over the entire circumference of the weld. In 
addition, many locations require that 100% of the welds be nondestruc¬ 
tively tested. Those instances include any onshore location where loss of 
liquid from the line could pollute a body of water and any offshore area, 
within railroad or public road rights of way, at overhead road crossings 
and in tunnels, at pipeline tie-ins, within any incorporated subdivision of 
a state government, within populated areas, and when installing used 
pipe. 

■ WELD DEFECTS. 5 The expense of cutting out unacceptable welds 
makes it necessary to use techniques that will minimize pipeline weld 





defects. Proper joint preparation is the first step in preventing weld 
defects. The ends of the pipe must be clean and, if bevelled, must have 
proper angle and thickness of bevel. The gap between the ends of the pipe 
if specified, must be that prescribed for the pipe size and welding method 
used, and the two joints must be properly aligned before welding begins^ 
Other factors affecting weld quality include proper welding current and 
proper electrode angle. 

Internal undercut, a common defect, can be due to poor 1 
poor joint preparation. This defect can occur if the root face is too small, 
L root opening is too large, or the welding current is excessive. It can 
also result when an internal chamfer has been made on the end of the 
pipe. Improperly removing burrs from the inside edge of the pipe end can 

cause this internal chamfer. . .. „ ,, 

Sidewall undercut, or wagon tracks, can occur when the fust we d 
pass is made. If the root pass bead is moved to one side of the weld area, 
L undercut is produced on the shallow side of the bead. It may be neces¬ 
sary to grind the side walls of the weld area to minimize deep undercut 
conditions. If the root bead has a high, peaked center, it may also have to 

be removed with a grinder. 

Another defect that can occur in the stringer, or root, bead is ver¬ 
micular or wormhole porosity. The size of this porosity can vary over a 
wide range, but it is easily detected by radiographic inspection. 
Vermicular porosity occurs most often in high silicon content pipe, 
aggravated by excessive electrode travel speeds and high welding currents. 

Welding cracks are more likely to occur in the higher-strength steels 
such as X52 and X60. To prevent the occurrence of weld cracks, a num er 
of factors must be controlled. 

1. Joints must be prepared properly and root spacing must be correct. 

2. High-low conditions must be minimized. 

3. Welding must be done with electrodes designed for the grade of 
steel being welded. 

4. Pipe may need to be preheated. The preheat temperature will 
depend on pipe strength, diameter, and wall thickness. 

5. The line-up clamp should not be removed until the stringer bead 

is complete. 

6. Pipe must be carefully lowered onto skids after the line-up clamp is 
removed. 
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7. Only enough welding current should be used to obtain a good 
bead, and travel should be slow. 

8. Lack of penetration must be restricted. 

9. Slag must be removed from each bead by power wire brushing. 

10. Welders should weld stringer beads and hot pass with two or 
more welders on opposite sides of the pipe to equalize stress. 
Large-diameter pipe may require the use of three or four welders. 

11. The hot pass should start within five minutes after completing 
the stringer (root) bead. 

12. Wagon tracks should be minimized. 


OTHER JOINING 
METHODS 



hough most large, long-distance pipelines are constructed by 
welding individual joints together, other joining methods are 
used. Grooved couplings and threaded couplings are used for 
field flowlines, for example. Several joining methods are used 
for plastic pipe, including solvent cement, heat fusion, adhe¬ 
sive, and mechanical joints. Most of these other joining methods—and 
pipe materials other than steel—are used for special-purpose, short-dis¬ 
tance, or small-diameter pipelines in which pressure and other operating 
conditions are not severe. 

For example, in the early 1980s, considerable testing was done with 
a mechanical joint in gathering line construction. 6 The patented system 
involves cold working both ends of each pipe joint to provide mating ends 
(Fig. 8-11). The bell end is expanded to a diameter slightly less than the 
outside diameter of the pipe. The other end, the pin end, has a groove 
rolled in the circumference with the end swaged slightly inward to allow 
it to start into the bell end. These ends are forced together by a portable 
hydraulic press, resulting in an interference fit. Epoxy resin is applied to 
the pin end to lubricate it during the joining operation. The resin then 
cures to form an O-ring seal in the groove. 

Strength of the joint is obtained by the clamping action of the outer 
pipe (bell) on the inner pipe (pin) and depends on the clamping force and 
the friction between the two pipe ends. The clamping force depends on 
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Fig. 8-11 


Mechanical pipe joint. Source: Oil & Gas Journal, 5 April 1982, p. 170. 


the amount of interference, the length of insertion, and the yield strength 

0fthe Other methods for joining pipe will likely be developed, but it is 
apparent that welding will continue to he used for most large, long- is- 
tance pipelines. 
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OPERATION 
AND CONTROL 



ach pipeline system has 
unique characteristics 
that dictate the type of 
control system that is 
most suitable. The com¬ 
plexity of control and operation 
ranges from a lease operator open¬ 
ing a valve to "run" a tank of oil 
into the gathering pipeline to 
sophisticated computer-based 
supervision that controls several 
hundred miles of pipeline, remote 
pump or compressor stations, and 
associated equipment from a cen¬ 
tral location. 

Pipeline control systems can 
protect pipeline and equipment 
by monitoring and adjusting pres¬ 
sure and other operating vari¬ 
ables, providing alarms when lim¬ 
its on operating conditions are 
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Fig. 9-1 Typical pipeline control system. Source: Oil & Gas Journal, 30 August 1982, p. 126. 


exceeded, scheduling the shipment and delivery of different products, 
monitoring machinery performance and wear, controlling pressure surges 
in the pipeline, providing leak detection, and performing other functions. 
An individual system may not perform all of these functions, but these 
capabilities and more are available with modem control systems. 

The primary goal of a pipeline control system is to obtain the 
highest throughput at the lowest cost without exceeding pressure limits 
in the system and to deliver the required product volumes to the customer 
on schedule. Also, pumping, compression, and other equipment is moni¬ 
tored to reduce the cost of maintenance. Today, predictive and preventive 
maintenance is an important approach to cutting operating costs. 

Pipeline leak detection is also an important part of pipeline oper- 
ation. Early detection of leaks can greatly reduce the loss of product from 
the pipeline and the danger of pollution. 

Finally, scheduling pipeline shipments and accounting for all vol¬ 
umes shipped is of critical importance. Especially in the natural gas 
pipeline industry, the new role of gas pipelines as shippers rather than 





Operation and Control 
215 


merchants has complicated scheduling and accounting. Sophisticated 
computer systems are required to properly track pipeline shipments. 

Because of the variety of capabilities that exist in different 
pipeline control systems, only representative examples of such systems 
can be described here. However, these indicate what can be done in con¬ 
trol system design and the tools that are used to operate oil and gas 
pipelines efficiently. 

SUPERVISORY 

CONTROL 

P ipeline supervisory control systems regulate pressure and flow, 
start and stop pumps or compressors at stations along the line, 
and monitor the status of pumps, compressors, and valves. In a 
large pipeline system, many of the supervisory functions can be 
performed from a central location. The amount of control provid¬ 
ed from a central location and the amount provided locally at individual 
pump or compressor stations varies widely. The control arrangement depends 
on the number and type of control functions required, the age of the control 
system, economics, and the preference of the pipeline operator. 

By the late 1980s, supervisory control and data acquisition (Scada) 
systems were in wide use on pipeline networks. It was estimated in 1991 
that natural gas pipelines and utilities in the United States, for instance, 
had plans to install 159 complete Scada systems during the 30-month 
period beginning in October 1990. Also planned was the installation of 90 
remote terminal units (RTUs) on existing Scada systems. These estimates 
were based on research by CSR, Roseville, California, which maintains a 
data base on gas utility and pipeline companies. 

Scada systems are computerized hardware and software systems that 
perform a set of monitoring and control functions. In gas and oil pipelines, 
the systems can also provide batch tracking, leak detection, and flow 
information. 

RTUs at compressor and pump stations and at other remote sites 
measure operating conditions and transmit the data to a central computer 
Programmable logic controllers act as RTUs, but can also perform local 
logging and control functions at the remote site. 

Key elements of a typical basic pipeline control system are shown in 
Figure 9-1. 
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In general, modem computer-based pipeline control systems consist 
of the following components: 1 

1. The computer complex includes computers, computer 
peripherals, and interfacing equipment for the man/machine 
system and remote stations. 

2. The man/machine system includes devices necessary for the 
operator to communicate with the computer, such as the video 
display unit, keyboards, and loggers. 

3. Remote stations are connected to the computer complex via a 
communications channel—microwave, telephone, radio, or other 
means. 

4. Field devices, such as pumps and motor-operated valves, are con¬ 
trolled and monitored by the remote station. Field 
instrumentation includes pressure and temperature transmitters, 
tank gauges, and similar components. 

■ LIQUIDS PIPELINE EXAMPLE. Two crude pipelines operated by 
Chevron provide an example of sophisticated pipeline control and moni¬ 
toring that includes leak detection capabilities. 2 The pressure point analy¬ 
sis (PPA) leak detection method was used with a Scada system on the two 
pipelines. This application also indicates that the latest control and moni¬ 
toring systems can be justified even to pipeline networks of moderate size. 

The Mesa pipeline is a 24-in., 80-mi line handling 240,000 b/d with 
one delivery every other day in the middle of the pipeline. The West 
Texas Gulf Pipeline is a 26-in., 275-mi line averaging 360,000 b/d with 
10-15 pump or pipeline configuration changes per day to accommodate 
seven injection and delivery points. 

Though there are no meters at the ends of the pipelines, flow at all 
intermediate delivery and injection points is measured by positive dis¬ 
placement meters. Pressure measurements are taken at the ends of the 
pipelines, at injection and delivery points, and at the suction and dis¬ 
charge of pumps. 

These pipelines are monitored and controlled from a control center 
in Houston. 

Figure 9-2 shows how data moves from field instruments to the 
Scada system, and to the leak detection and pipeline controller. 2 When 
installing the leak detection software and hardware, the pipeline operator 
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Fig. 9-2 Example of a pipeline control system. Source: Oil & Gas Journal, 30 December 1991, p. 
100 . 


made other upgrades to the existing system. 

Pneumatic pressure transmitters were replaced with electronic 
transmitters, and the scan frequency of pipeline data by the Houston cen¬ 
ter was increased from once every 20 seconds to once every 10 seconds. 
Points were also added to the existing Scada system to allow the operator 
to automatically disable the leak detection unit during transient flow con¬ 
ditions. Included were pump status, valve status, densitometers, and pro¬ 
grammable logic controllers to accommodate these points. 

Backpressure control valves were added at the end of the pipelines to 
prevent alarms from occurring when receipt tanks are being switched. 
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Before installing the new pressure point analysis leak detection sys¬ 
tem, leak detection was provided by rate-of-change alarms on pressures 
and flow rates and a manually calculated line balance. The new approach 
dramatically increased pipeline leak detection capabilities. 

A large system built earlier was a 747-mi, 48-in. crude oil pipeline in 
Saudi Arabia that includes 11 main line pumping stations and two pres¬ 
sure reduction stations. 3 The line was designed to be controlled and oper¬ 
ated by a dispatcher located at the pipeline's western end at Yanbu. Each 
station's control house is linked to Yanbu by a microwave network; the 
station control house transfer commands to the operating units through 
control panels. The local control panel at each station acts as an interme¬ 
diary during operation and as a main control panel for maintenance func¬ 
tions. Pump starting, stopping, loading, and unloading functions are per¬ 
formed automatically from Yanbu or the central control house. 

Each pump driver was designed for unmanned operation with auto¬ 
matic self-protection, which is integrated into the overall supervisory con¬ 
trol scheme. A separate monitoring system oversees major equipment, 
tells the operator the status of the machinery, and predicts future mainte¬ 
nance needs. Control of flow through the pipeline is done from Yanbu. 
Each station receives a set point command for either flow or flow equiva¬ 
lent (pressure increase across the station). When each pump unit reaches 
its set point, a confirming signal is sent to the dispatcher. Changes in the 
set point, the addition or deletion of main line pumps, and other changes 
can be made automatically from Yanbu. 

Design flow rate can be met with two gas-turbine-driven pumps per 
station; the third unit is a standby. Lower flow can be handled by a combi¬ 
nation of units, depending on volume requirements. 

■ PRODUCTS PIPELINE EXAMPLES. A French products pipeline serves 
as an early example of how minicomputers can monitor and control a 
complex system involving the transportation of several products to many 
delivery points. At the time the system was installed, the pipeline net¬ 
work consisted of 26 pumping stations and 34 delivery points. Total 
length was about 756 mi. 4 In 1979, the system transported about 158 mil¬ 
lion bbl of crude, motor fuel, domestic fuel, jet fuel, and naphtha. 

Minicomputer-based control performs two main functions: the first is 
remote monitoring to acquire pressure, temperature, flow rate, alarm, and 
other data; the second is a data-processing function that checks the validity 
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of data received, displays it on a video screen, controls the network, and 
measures the volume of a product delivered to a customer for billing. 

In another example, the pump/driver control system for a natural 
gas liquids (NGL) pipeline combined analog and digital circuitry. The 
electronic control system was designed for the pipeline's 10 pump stations 
and 34 turbine prime movers. It initially consisted of 125 process con¬ 
trollers and 28 supporting transmitters for suction, discharge, gas pro uc- 
tion, and combustion process data. Additional equipment included inter¬ 
rogators for signal selection, recorders, lightning-protection devices for 
signal transmitters, indicators for ignition and power-turbine temperature, 
and automatic/manual transfer stations. The transfer stations were 
designed to provide a bypass to keep the system operating while an engi¬ 
neer manually corrects problems in a controller or control loop. 

In the early 1980s, one of the United States' large petroleum prod¬ 
ucts pipeline systems delivered about 500,000 b/d over an average dis¬ 
tance of 520 mi to terminals in the southeastern and mid-Atlantic states. 

It included 23 pipeline segments totaling over 3,000 mi and UW “ 
diameter from 6 in. to 30 in. About 60 batches/day for a total of 39 indi¬ 
vidual shippers involving 131 different product entities had to he mom- 

tored. 6 , 

Before sophisticated computers were installed to operate the system, 

several generations of "hard-wired" equipment from different manufactur¬ 
ers were used in different sections of the system. The updated control and 
monitoring system allowed the pipeline operator to operate the system 
with as few as 16 employees-including two dispatchers-per shift. 

The system installed on this products pipeline network was 
designed to scan some 20,000 status points every several seconds. The 
operator decided that one central computer could not do this, and the sys¬ 
tem was separated into computer hubs, each of which could be momtore 
by one large minicomputer. Control and monitoring data from the hub 
computers were retransmitted to a large master computer at the opera¬ 
tions control center. This master computer was designed to he used for 
overall system surveillance and as a gathering point for measurement and 
power consumption data used in the power optimization program The 
system features control preconditioning, a comparison of tank-level and 

metered volume, and automatic meter proving. 

In preconditioning, the huh computer allows the operator to pre¬ 
pare in advance as many as five control functions in a sequence; each is 
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Fig. 9-3 Computer-based systems for operations. Source: Oil & Gas Journal, 29 July 1991, p. 89. 
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triggered when the previous event in the sequence is completed. For 
instance, it is possible to prepare a sequence in which a tank is pumped 
empty, suction is immediately taken from a different tank, fluorescent 
dye is injected to mark the beginning of the new batch, a volume ticket 
is printed, and one pump is started and another pump stopped. The 
sequence can be prepared hours ahead of the time it will be initiated. 
When the tank signals "empty," the computer performs all the functions 
in the sequence in proper order. 

The tank level vs. metered volume comparison is done by the com¬ 
puter whenever a tank is active. If a discrepancy occurs, an alarm notifies 
operating personnel that an instrument malfunction has occurred. 

The automatic meter proving features provides the hub computer 
with the capability to correct turbine meter volumes for temperature, 
pressure, and specific gravity once every 100 bbl. At least once during 
each batch, the meter is proved three consecutive times with a dedicated 
in-line meter prover. This is accomplished by a single command from the 
hub operator. When the three provings are accepted, the proper factors 
are calculated and applied to gross volumes. At the end of the batch, the 
net-barrel ticket is calculated by the hub computer and the shipper is 












notified of the net volume delivered. 

Operating status reports (noncustody-transfer volumes) are also cal¬ 
culated by the hub computers for all input and output points. 

A program was also designed for this system that would provide 
real-time computer-modeled leak surveillance. To be contained in the 
master backup computer, the program would survey every pressure, vol¬ 
ume reading, and product characteristic from all seven hubs every few sec¬ 
onds and use the data in a complex model of every individual pipeline seg¬ 
ment to provide highly sensitive leak detection. After testing on one 
segment of the pipeline, this capability was extended to the entire system. 

■ GAS PIPELINE SYSTEM CONTROL. Control of natural gas pipelines 
has much in common with liquids pipeline control. Many of the control 
functions are similar. But in the United States, the transition of gas 
pipelines from merchant to transporter in the late 1980s complicated 
scheduling and accounting functions dramatically. One response to the 
challenge was to install a sophisticated system to integrate scheduling, 
monitoring, and modeling. 

Colorado Interstate Gas Co. upgraded its pipeline system by devel- 
oping an integrated set of computer programs to schedule, model, and 
monitor transportation and sales gas. The tracking and accounting system 
is based on a DEC VAX 11/780 computer and consists of a transportation 
gas information management system, a Scada system, and a gas-control 
planning system. 7 

CIG's gas transmission system of about 3,000 mi is made up of line 
sizes from 2-in. to 26-in. ; total system compression is about 200,000 hp. 
The company also operates about 3,000 mi of gathering pipeline serving 

3,000 wells and comprising 120,000 hp. 

Monitoring these systems and accounting for all transactions— 
including storage deliveries and withdrawals—became much more com¬ 
plex with the advent of the new regulatory environment for U.S. gas 

pipelines. . . A 

The objective of the information management system is to provide 

the gas-control department with a mechanism to manage daily transporta¬ 
tion activity/ That means daily balancing of receipt and delivery volumes 
for gas transported for others, gas sales, gas supplies, and storage. 

The transportation and exchange gas information management sys- 
tern includes five basic data types: 
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1. Contract abstracts, used to verify transactions and assist customers 

2. Nominations, designated positive for receipts and negative for 
deliveries 

3. Pipeline data, consisting of pipeline segment and facility capacity 
information 

4. Scada system interface cross references 

5. Gas control planning system interface cross references 

In addition to controlling flow, pressure, valve action, and other 
operation variables, microprocessors and related equipment are being 
applied more frequently to such services as optimizing engine/compressor 
unit efficiency and lowering fuel consumption. Microprocessor-based per¬ 
formance controls can reduce fuel consumption of large gas engines by 
real-time control of torque, air-fuel ratio, ignition timing, and the starting 
and stopping of units. 8 

Engine/compressor data can be provided by several means. Of signif¬ 
icance is a comparison of the energy entering the unit in the form of fuel 
and the energy added to the gas by the compressor. In one application the 
processor calculates this ratio, an indicator of the relative efficiency of the 
engine/compressor unit. Monitoring the various readouts gives immediate 
information on the condition of the unit, operating parameters can be 
monitored for abnormalities, and long-term trends in the data can be ana¬ 
lyzed to detect equipment deterioration and plan maintenance. 

Microprocessors have also been applied to pipeline pressure con¬ 
trollers to reduce the consumption of valuable natural gas traditionally used 
for this purpose. 9 Pneumatic pressure control equipment at natural gas 
pipeline compressor stations typically uses gas from the pipeline as the 
power source. In one earlier approach, a microprocessor-based system con¬ 
trolled pressure through electrohydraulically actuated valves with numeri¬ 
cal solenoids. In this concept, fluid under pressure (air or hydraulic oil) is 
supplied by a pump to a pair of directional control three-way solenoid 
valves. When deenergized, both valves apply pressure to the cylinders of the 
valve actuator, locking the position of the control valve. When either direc¬ 
tional valve is energized, fluid vents from the appropriate side of the actua¬ 
tor piston, moving the connecting rod that operates the valve. Fluid leaving 
the actuator cylinder returns to a reservoir. Selectively energizing the sole¬ 
noids provides several different valve actuator motions. The control system 
can be used with a wide range of valve sizes and valve actuators by selecting 




the orifice size that will provide the proper fluid flow restnctio . 

Automation of pipelines and pump or compressor equipment is not 
limited to large long-distance transportation systems. Increasing fuel 
prices and labor costs in the early 1980s made automation m 

many smaller applications. In one project, for example, five satellite com¬ 
pressors used to move low-pressure casinghead gas from the field to a pro¬ 
cessing plant were automated* Goals of the project were to provide a reh- 
able alarm system to indicate when a compressor or de y ator urn 
shut down and to maximize gas throughput by continuously controlhng 
first-stage suction pressure and engine rpm. Before automation, each of 
the three compressor stations had to be visited at least four times daily 
check for malfunctions and to adjust compressor and engine to varying 
load conditions. Since the compressors were unattended f Iv, 

they were left with conservative adjustments during this time to mini¬ 
mize the possibility of a shutdown. 

With the new control system, a computer requested data from data 

end devices that were passed to the computer by way of the^remote£emu- 
nal unit (RTU) and the master terminal unit (MTU). End devices feeding 
terminal measured p.essme, temperature, amengine rpm_aud 
sent the data from the RTU to the MTU, which served as an interface 

WUh ^ata received by the computer from a station was designed to 
include field pressure, discharge pressure, and meter differential pressure. 
Cas included engine down, high combustible gas, to, 
drator temperature, low instrument air pressure, and low held pressure^ 
Other data collected included engine rpm, engine manifold pressure and 
temperature, engine jacket water temperature, first-stage suction pressure, 

and second-stage suction pressure. . , 

The aim of the control program was to optimize throughpu y 
taiuing the highest possible engine rpm and first-stage suction 
increasing engine rpm or first-stage suction pressure was “ be 
after several constraints were satisfied. These include rod load, which must 
stay below a preset maximum, horsepower, which must not exceed a maxi 
”1 »d engine rpm, which must remain between bod. maximum and 
minimu m limits. A minimum pressure drop must be mamtamed between 
field and suction pressure, and eugiue jacket water tempcirature muat 
remain below a preset maximum. When the highest possiUe 
sure and rpm are reached, the control program was designed to continue 
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check variables and make appropriate adjustments. 

An evaluation of this system indicates it decreased compressor 
downtime and increased throughput capability. 

■ CONTROL SYSTEM RELIABILITY. Supervisory control systems for 
pipelines require maintenance. Personnel must be trained properly, and 
the effects of component failure must be considered in the design phase. 
Each of these elements is important in ensuring system reliability. 

Redundancy is a common approach to increasing pipeline control 
reliability. It is the use of a duplicate of one element of the system so that 
if the primary unit fails the redundant unit can perform the tasks of the 
failed unit. In most redundant systems, if one element fails, its backup 
unit takes over automatically without the operator's intervention and 
with little or no upset of pipeline operating conditions. 

Redundancy is useful in increasing reliability, but it must be care¬ 
fully designed after considering the effects of failure of various control 
components. 

Most pipeline companies repair malfunctioning control elements by 
replacing modules or components and sending the faulty element to the 
manufacturer for repair. Many recommend that maintenance contracts 
offered by computer manufacturers be used. This service can provide on¬ 
site maintenance and repair, eliminating the need for a large stock of 
expensive computer spare parts. Another approach is to provide a total 
unit replacement as a spare item. The malfunctioning unit is then 
returned to the manufacturer for repair. 

■ PRESSURE SURGES. Pressure surges in pipelines are caused by shut¬ 
ting down pump stations or individual pumps, opening or closing valves, 
or the arrival at the pump station of an interface between two fluids. 
Control of these surges is important in operating a pipeline safely and at 
maximum efficiency. 

A pressure surge is any change in pressure in the pipeline with no 
set limits of magnitude or rate of change of pressure. 11 Pressure surges 
travel through the liquid in the pipeline at sonic velocity, which varies 
from 3,000 to 4,000 ft/sec in most pipelines, depending on the type of liq¬ 
uid and the diameter and thickness of the pipe. One study of pressure 
surges recorded surges varying from a few tenths of a psi/sec to 2,600 
psi/sec. Typically, however, the shutdown of a station causes an initial 
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rate of change of pressure of about 150 psi/sec. The important factor m 
pressure surge control is the rate of change of pressure rather than the 
magnitude of the pressure. 

Analysis of surge pressures in a pipeline system is complex, requir¬ 
ing the use of sophisticated computer programs. 

The main reason for surge analysis is to determine if the pressure m 
the pipeline exceeds the maximum allowable transient operating pressure 
at any point in the line. This maximum allowable transient operating 
pressure is typically specified as 110% of the pipeline's design pressure, or 
maximum allowable steady-state operating pressure. 11 If transient or 
surge, pressure is excessive, action must be taken to reduce its magnitu e. 

As an example of surge pressure action, assume a system includes a 
segment of pipeline with a centrifugal pump and check valve at t e 
upstream end and a block valve at the downstream end. In the steady- 
state condition, flow rate and pressure gradient are constant. If the bloc 
valve is closed, however, flow rate at the valve decreases; pressure increas¬ 
es because kinetic energy is converted to potential, or pressure, energy. 
The surge pressure is the amount by which the pressure exceeds the 
steady-state pressure. 

The surge pressure is propagated upstream until it reaches the 
pump, which responds to the change in pressure according to the charac¬ 
teristics of its head vs. flow rate curve. As the pressure wave moves 
upstream, its characteristics are changed by friction in the pipe and by the 
elasticity of the liquid and the pipe. After reachmg the pump, waves are 
also reflected back down the pipeline. Original waves and reflected waves 

can reinforce each other. 

Pump discharge pressure must be properly controlled to avoid exces¬ 
sive line pressure that could cause rupture. A check valve on the discharge 
side of the pump is often used to protect the pump from backflow. 

■ SCHEDULING. One of the most important functions of the pipeline oper¬ 
ator is to schedule the volumes of each product transported by the pipeline 
to ensure delivery to the customer at the desired time and to account accu¬ 
rately for all volumes shipped. This is a simple matter when product changes 
are infrequent and when the number of shippers and customers is small 
complex system serving a number of customers with different products, 
however, requires frequent changes in flow and operating conditions. Gas 
pipeline scheduling and accounting became particularly complex m 
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United States when pipelines were required to provide open access. 

Scheduling used to involve complex, repetitive calculations by 
pipeline operations personnel. But now it is done by sophisticated com¬ 
puters and information management systems. One automated scheduling 
system reduced a two-day scheduling process to a matter of minutes. 13 The 
assignment of shipment and delivery time is done quickly by a computer, 
which also calculates the hydraulic rates at which the product moves 
through the pipeline. Hydraulic rates are a function of pump configura¬ 
tion, product mix, and line characteristics. The scheduling system will 
examine all possible pump configurations and choose that which moves 
the production in the desired time while minimizing the cost of power. In 
this application, a computer system controls the firm's pipelines and a 
backup computer acts as the process control unit for the pipeline. 

Using the program, a scheduler can change volumes, add batches, 
delete batches, or move batches to a different sequence position. He typi¬ 
cally makes an adjustment as soon as he is aware of the change by enter¬ 
ing the change directly into the computer. The scheduler can reproduce 
the latest sequence and volumes on the computer terminal or he can pro¬ 
duce a printed copy of the latest information. 

This scheduling operation was similar to other systems at the time, 
but two features of this system were unique: the ability to calculate a 
hydraulic rate profile quickly based on product, line, and pump character¬ 
istics; and the ability to examine all pump configurations and select the 
one that minimizes the cost of power. 14 

To calculate hydraulic rates for a given segment of the system, the 
computer searches for the maximum flow rate that satisfies all minimum 
and maximum suction pressure and maximum discharge pressures. 
Pressure loss caused by friction in the pipeline and changes in elevation is 
calculated, and suction and discharge pressure are determined for the spe¬ 
cific product at the given rate. 

To optimize power use, the cost of power during the time the prod¬ 
uct is transported at a constant rate is calculated. The amount of power 
used is determined from pump and motor efficiency curves applicable to 
those specific units. This power use, in kilowatts, multiplied by the time 
the rate is used is the number of kilowatt-hours required. After all of the 
product has been transported, the power cost is calculated from kilowatt 
cost, kilowatt-hour cost, fuel adjustment cost, and power facilities cost. 

Reports generated by the system include a station report, a line 



Fig. 9-4 Sonic interface detector system. Source: Oil & Gas Journal, 30 November 1981, p. 80. 


report, and a tankage report. The station report contains all significant 
events organized by station in time order. The line report merges informa¬ 
tion contained in all station reports. A tankage report shows product lev¬ 
els by time period. . , , 

The time required for manual scheduling was compared with the 
time required for computer performance of the function. In this system, 
an evaluation showed time to calculate a schedule was 12 hours manual¬ 
ly 5 minutes by computer; to recalculate a schedule took about 4 hours 
manually but only 5 minutes by computer. The time required to calculate 
hydraulic rates and optimize pump selection takes the computer system 
about 1 hour for 175 pump configurations; it was not considered feasible 

manually. 

Since this system was installed, much more powerful computers 
have been developed, and calculation and response times have been 

reduced significantly. . . i 

For natural gas pipelines, scheduling and tracking are critical. 
Though only one product is transported, many shippers, sellers, buyers, 
and delivery points are involved. When several products are handled, 
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Fig. 9-5 Transducer arrangement for interface detector. Source: Oil & Gas Journal, 30 November 
1981, p. 80. 


another dimension is added. 

Texas Eastern Products Pipeline developed expert systems software 
to address the specific problem of scheduling on its products pipeline. 15 
Other systems have been designed fo handle cmde oil pipeline scheduling. 

At Texas Eastern, manual scheduling took 4-5 hours to cover a 5-day 
period. Once a schedule was initiated, it had to be modified as line condi¬ 
tions changed and new or revised nominations were added. 

One of the most difficult jobs in scheduling for a products pipeline is 
deciding the proper order of shipments. Deciding order is the hard part: 
why some products cannot be batched beside each other or how much of 
product can be allowed in the line but yet leave room for later deliveries 
of the same product later in the month. 15 

Getting appropriate "rules of thumb" that an expert scheduler uses 
was the first step in developing the expert system. The pipeline's 4,109 mi 
were divided into four segments and the shortest chosen for the initial 
effort in establishing an expert scheduling system. 

Each schedule prepared by the system is reviewed and evaluated and 
new rules added to cover more contingencies. The expert system continues 
to get better at imitating what the expert scheduler does. Soon the schedul¬ 
ing system was able to devise a 35-day schedule in as little as 8 minutes. 

■ INTERFACE DETECTION. One of the important operating functions 
in liquids pipelines, especially those in which more than one product is 
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shipped, is to record the passage of the interface between two products, or 
batches. This capability is necessary to provide accurate measurement of 
the volume of each product shipped. 

In products pipelines, for example, the difference in fluid properties 
between two products may be small and interface detectors must be quite 
sensitive. Densitometers have been used widely for interface detection, but 
the use of the sonic pipeline interface detector (Figs. 9-4 and 9-5) was gain¬ 
ing acceptance in the early 1980s. 16 Sonic interface detectors precisely mea¬ 
sure the velocity at which ultrasonic pulses travel over a liquid path of 
known dimension. Sound velocity is a property unique to each material, as 
is viscosity and density. Because the sound transmission characteristics of 
each liquid are unique, its passage can be detected by the sonic device. 

There is a general relationship between specific gravity and sound 
velocity for petroleum products. Each product flowing in a pipeline can be 
represented by a range of sound velocities. The operating range of the detec¬ 
tor can be adjusted to cover any group of products for which interfaces must 
be monitored. The devices are extremely sensitive; they can detect the 
interface between a regular gasoline and a premium gasoline, for example, 
even though the specific gravities of the two materials are very nearly equal. 
Detecting the interface between gasoline and naphtha, or naphtha and fuel 
oil, requires the detector be set on a broader operating range because of the 
larger difference between the specific gravities of the products. 

Sound velocity is a function of the temperature and pressure at 
which the fluid is flowing, in addition to the composition of the fluid. 
When the sonic detector is used to distinguish between two products with 
specific gravities that are very nearly equal, temperature and pressure 
compensation is necessary to prevent the detector from mistaking a tem¬ 
perature or pressure change for a product interface. Temperature and pres¬ 
sure compensation is also required, however, when using densitometers 
under similar conditions. 


PIGGING 



ipeline pigs and spheres are used for a variety of purposes in 
both liquids and natural gas pipelines. Mechanical pigs have 
long been used to clean pipelines and to separate different 
fluids in a pipeline. Today, in addition, sophisticated instru¬ 
mented pigs are used to monitor pipeline conditions and 
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Fig. 9-6 Types of pipeline pigs. Source: Oil & Gas Journal , 13 November 1978, p. 196. 
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detect problems that might lead to failure. Pigs and spheres are forced 
through the pipeline by the pressure of the flowing fluid. A mechanical 
pig usually consists of a steel body with mbber or plastic cups attached 
to seal against the inside of the pipeline and to allow pressure to move 
the pig along the pipeline (Fig. 9-6). Different types of brushes and scrap¬ 
ers can be attached to the body of the pig for cleaning or to perform 
other functions. 

Spheres are normally used to separate one fluid from another in a 
pipeline, either during hydrostatic testing of the line or during operation. 

Pipeline pigging is done for the following reasons: 17 

1. To periodically remove wax, dirt, and water from the pipeline 

2. To separate products to reduce the amount of interface between 
different types of crude oil or refined products 

3. To control liquids in a pipeline, including two-phase pipelines, 
when filling lines for hydrostatic testing, dewatering following 
hydrostatic testing, and drying and purging operations 

4. To inspect pipelines for defects such as dents, buckles, or corro¬ 
sion using gauging pigs and electronic or caliper pigs 

5. To apply internal coating to the walls of the pipeline for 
corrosion protection 

Differential pressure required to move a pig or sphere through the 
pipeline overcomes the friction of the pig with the inside wall of the pipe. 
The force required depends on elevation changes in the pipeline, friction 
between the pig and the pipe wall, and the amount of lubrication available 
in the line. A dry gas pipeline provides less lubrication than a crude oil 
pipeline, for example. 

Cups are designed to seal against the wall by making them ‘/i« to '/« 
in. larger than the inside diameter of the pipe. As the cups become worn, 
the amount of blow-by (fluid bypassing the pig) increases because the seal 
is not as effective. In the case of spheres, the amount of inflation will 
depend on the purpose of the sphere. Pressure inside the sphere expands it 
against the inside of the pipe to provide a seal. In two-phase pipelines, 
spheres are sometimes underinflated to allow some blow-by to lower the 

density of the fluid ahead of the sphere. 

Pigs and spheres travel at about the same velocity as the fluid in the 
pipeline. In liquid pipelines, the travel speed is relatively constant; in gas 
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pipelines, however, the pig may travel awhile, then stop. Since the force 
required to start the pig is greater than the force required to sustain travel, 
a pig will continue travelling at a lower differential pressure than that 
needed to start it moving. Typically, a pig will stop at a circumferential 
weld in the pipeline. 

■ EXAMPLE OF PIGGING OPERATIONS. Mechanical pigs are used in 
gas transmission pipelines primarily to maintain efficiency by cleaning 
the pipe. Downstream of compressor stations, pipeline sections may 
require periodic pigging to remove lubricating oil from compressors. It can 
collect in low places in the pipeline and restrict flow. Also, slugs of liq¬ 
uids inadvertently injected into the pipeline will collect at low elevations 
and reduce flow efficiency. 

Cleaning pigs are used in all types of pipelines to increase efficiency 
and avoid problems at pump or compressor stations that could result from 
the presence of unwanted materials. Brushes on a cleaning pig remove dirt 
and wax from the pipeline walls. Several runs with the pig may be needed 
to adequately clean a section of the pipeline. Brush or scraper pigs contain 
holes that allow fluid to bypass the pig to prevent buildup in front of the 
pig that could cause plugging. 

Very large amounts of debris can be removed by a pig if it is run over 
a long distance. For example, assume a pig is run in a 24-in. pipeline 100 
mi long and removes 0.016 in. of wax material from the wall of the 
pipeline. After 100 miles, a plug about 1,450 ft long would form. 18 

Pipelines are often pigged first during testing following construction. 
Most pipelines are tested with water (hydrostatic testing) either in sec¬ 
tions or over the entire length. A pig is normally sent ahead of the water 
when filling the test section to prevent mixing the test water with air in 
the line. This may be an instrumented pig that can also locate dents and 
buckles in the line. Internally coated pipelines are often flushed with 
water ahead of a pig to prevent debris from being dragged along the inside 
surface, damaging the coating. 

After testing, the water is usually displaced with the fluid to be 
transported in the pipeline. A pig is run between the two fluids to separate 
them. In gas pipelines, the pig is used to "dewater" the pipeline by run¬ 
ning it behind the test water. Additional pigs may also be run to ensure 
that as much moisture as possible is removed from the line. 

Care must be taken when pigging pipelines to avoid the movement 




Fig. 9-7 Pig launcher and receiver for liquid service. Source: Oil & Gas Journal, 27 November 
1978, p. 74. 
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of foreign material into compressors and compressor-station piping and 
into pumping systems. 


■ LAUNCHING AND RECEIVING. 1 ' Equipment is required to introduce 
the pig into the pipeline and to retrieve the pig at the end of the segment 
being pigged. A launcher is required at the upstream of the section and a 
receiver at the downstream end. The distance between these pig "traps 
depends on the service, location of pump or compressor stations, operat¬ 
ing procedures, and the material used in the pig. 

The amount of lubrication is a key factor in determining the dis¬ 
tance between launching and receiving facilities. In gas transmission ser¬ 
vice, the maximum distance between traps has been recommended as 100 
mi for pigs and 200 mi for spheres. In crude oil pipeline systems, the rec¬ 
ommended distance between traps is 300 mi for pigs and 500 mi for 
spheres. These distances represent extremes; the proper distance depends 
on the amount of sand, wax, and other material that will be carried along 


with the pig. , , 

The design of pig launchers, pig traps, and related equipment 

done in accordance with standards developed by several organizations. 
Traps for brush pigs, squeegees, and foam pigs include a barrel short pup 
joint, a trap valve, a side valve, and a bypass line (Figs. 9 7 an )• c 
barrel holds the pig for loading and unloading and is equipped with a 
quick-opening closure or blind flange. A barrel diameter 2 m. larger t an 
the diameter of the pipeline served has been recommended. In large-diam¬ 
eter gas pipelines, the barrel diameter can be 1 in. larger than the pipe e. 
Barrel length depends on operating procedures, service, and availab e 


Sphere launchers often must be designed for launching multiple 
spheres, so the barrels for sphere launchers are typically longer than those 
for other types of pigs. The operator can load these "magazines" with sev¬ 
eral spheres that can be launched automatically. This approach is often 
used in two-phase pipelines. The sphere launcher consists of the barrel, a 
launching mechanism, an isolation valve, an equalizer valve and a reduc¬ 
ing tee. A drain can serve as an equalizing line. Diameter of the launching 
and receiving barrels for spheres is typically 2 in. larger than the pipeline, 

and they can hold up to 10 or more spheres. , 

Combination pig and sphere launchers can also he designed if both 

cleaning pigs and spheres for liquid control are needed. 
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CHAPTER 10 


METERING 
AND STORAGE 


easurement of crude, 
natural gas, and natural 
gas liquids has always 
been an important part 
of pipeline system oper¬ 
ation. Measurement accuracy 
became much more important in 
the 1970s and early 1980s 
because of the severalfold 
increase in oil and natural gas 
prices. The cost of inaccurate 
measurement and waste became 
so great that an investment in 
sophisticated measurement 
equipment and the use of special 
techniques could be easily justi¬ 
fied. Even though prices fell again 
in the late 1980s, measurement 
accuracy and efficiency continue 
to be of critical importance. 

Ownership of petroleum 



















products may change several times between the wellhead and the con¬ 
sumer At each of these custody transfers, the buyer and seller want to be 
sure of the exact volume transferred so fair payment can be made. In both 
pipeline and tanker transportation, emphasis on accurately measuring vol¬ 
umes loaded onto and delivered from tankers and the prevention of losses 
nas increased in recent years. 

Accurate measurement is desirable even where custody is not trans¬ 
ferred from one owner to another. In the field, the operator wants an accurate 
measurement of production from each well to help analyze well performance, 
o umes transferred to and from storage must also be measured to avoid loss, 
o ume is not the only variable important in measuring hydrocar¬ 
bon streams. The value of natural gas depends in part on its heat, or ener¬ 
gy, content. Energy content is often expressed in British Thermal Units 

S; St /\ ndard cubic foot M- A natural gas whose heat content is 
900 BTU/scf does not provide the consumer as much energy as one that 
has a heat content of 1,000 BTU/scf. 

Traditionally, gas purchase contracts specified only a minimum BTU 
content, typically 1,000 BTU/scf. Tfie seller had only to meet that minimum 
to receive the contract price for each standard cubic foot. He could remove 
valuable liquid components in the gas stream in a gas processing plant before 
selling the gas to the purchaser as long as the delivered gas had a heat con- 
ent of at least 1,000 BTU/scf. Ethane, for instance, might be more valuable 
as a petrochemical feedstock than as a component in the natural gas stream. 

When prices for natural gas liquids are low, removing them from the 
gas stream to sell as separate products may not be justified. If left in the 
sales-gas stream, they increase its volume. When these components are 
e t m t e gas stream, its heat content also increases. Of the individual 
components m natural gas, methane makes up the bulk; ethane, propane, 
an small amounts of heavier hydrocarbons may also be included. The 
gross heating value of methane is 1,009 BTU/ft 3 ; for ethane, it is 1,769 
BTU/ft 3 ,- and for propane, 2,517 BTU/ffi. Greater amounts of heavier com¬ 
ponents in a gas stream increase its heat content. 

When prices for ethane and propane are high relative to their value 
in the natural gas stream on a cubic-foot basis, more of these products are 
removed from the gas for other markets. 

™ ^ V f 1UC ° f natUI - 1 g3S inCreased bom 10c-20e/l,000 ft 3 (Mcf) to 
$2-$4 Mcf and more in the early 1980s, emphasis was placed on measure¬ 
ment techmques that more accurately reflect the energy value of the gas. 



Metering and Storage 
241 


In the United States, regulations require that measurement of natural gas 
reflect its BTU content. 

Measurement of crude oil also involves more than total volume. 
Crude oil usually contains entrained water and sediment (bottom sedi¬ 
ment and water, or BS&W). Traditionally, the volume of sediment and 
water has been measured and the total volume passing the meter has been 
corrected when payment is made. This was an important part of crude oil 
measurement when crude sold for $3.00/bbl ; it became much more impor¬ 
tant as crude prices climbed to $30/bbl and higher. When custody of a 
shipment of crude oil—either from a pipeline or a tanker—changes, the 
accurate measurement of water in the oil is critical. 

Water content can be measured both manually and automatically. 
On the lease, a lease automatic custody transfer (LACT) unit contains 
pumping, metering, and BS&W measurement equipment. The unit auto¬ 
matically begins pumping from a lease storage tank into the crude gather¬ 
ing pipeline. When the pump has lowered the liquid in the lease tank to a 
prescribed level, the LACT unit shuts off automatically. Metering and 
BS&W measurement are done automatically. Determining BS&W content 
with automatic devices normally depends on measuring electrical charac¬ 
teristics of the stream. Crude and water have different electric resistance 
properties, allowing the detection of water in a crude oil stream. 

Measurement of water in tanker cargoes of crude has also become 
critically important as crude prices have escalated. Accurate measure¬ 
ments of volume and water content are necessary to ensure that the 
buyer, for instance, is not paying $20-$30/bbl for water rather than oil. 

The importance of accurate measurement cannot be overstated, 
especially when ownership of oil, natural gas, or products changes. 
Custody transfer measurements are the basis of payment to the producer 
and the royalty owner and for the payment of taxes. 


ORIFICE METERS 

ne of the most versatile and widely used measuring devices is 
the orifice meter (Figs. 10-1 and 10-2). This instrument has 
been used for many years in oil and gas operations around the 
world. The flow of both gases and liquids can be measured 
with orifice meters; they are especially popular for natural gas 
measurement. A multiphase orifice meter to measure water, oil, and gas 
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Flanged 
Pressure differential 


Mercury U-tube 


Fig. 10-1 Orifice plate uses differential pressure to measure flow. Source: Berger and Anderson. 


was also being field tested in late 1989 in a subsea pipeline.-Another mul¬ 
tiphase meter is also under development. 2 

An orifice meter is part of a meter station that includes the meter 
tube, a length of pipe upstream and downstream of the orifice; the orifice 
P ate, which is ms tailed vertically in the meter run ; flanges on each side 
O t e or ice plate that are tapped so pressure can be monitored; and a 
recorder. In its simplest form, the recorder is clock-driven, and the pres¬ 
sure monitored at the orifice meter flange taps is recorded on a time-based 
circular chart. Some pressure-monitoring taps are located in the pipe 
rather than in the orifice meter flanges. 

■ MEASURING NATURAL GAS. Natural gas may be measured with ori¬ 
fice, positive displacement, turbine, and other types of meters. These 
devices measure only the volume of gas flowing in the line. In recent 
years, emphasis on heat content of the gas has resulted in techniques for 
monitoring the BTU content of a flowing gas stream. In addition to the 
traditional methods that use periodic sampling or chromatography 
acoustic measurement of gas BTU content is also possible. 

Measurement of natural gas volume requires that the conditions at 
w ch the volume is determined must be stated. Measurements are nor- 
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Fig. 10-2 Orifice meter runs with block valves in foreground. Source: Oil & Gas Journal, 25 
December 1978, p. 193. 


mally adjusted to a base temperature and pressure, as discussed in Chapter 
4. These base conditions normally are atmospheric pressure and 60°F. The 
exact base conditions are spelled out in each gas purchase contract and 
vary slightly from area to area and from contract to contract. To calculate 
gas volume passing through a meter, other information is required in addi¬ 
tion to base temperature and pressure. These data include flowing temper¬ 
ature and pressure, gas specific gravity, constants that have been deter¬ 
mined for the specific meter, and the supercompressibility of the gas at 
flowing conditions. 

Volume calculations must include the appropriate correction fac¬ 
tors. On sales-gas lines, where accuracy is especially important, the tem¬ 
perature of the flowing gas stream is continuously recorded so the proper 
temperature correction factor can be used in volume calculations. 

Where traditional circular recording charts are used, by adding the 
flow volumes for each time increment on the pressure recording chart— 
integrating the chart—the volume passing through the line during a 24- 
hour period can be determined. The charts are collected, and a new chart 
is installed periodically. 

Some companies use "chartless" custody transfer systems and elec¬ 
tronic flow measurement to reduce or eliminate paper charts and the 



















chart integration process. This approach can also improve measurement 
accuracy and provide real-time gas volume information. 3 

Several types of pressure-monitoring devices are available for orifice 
meter stations. The type used will affect factors used in volume calcula- 
ons. However, m all orifice meter installations, both the static pressure 
m the gas pipeline and the differential pressure across the orifice plate 
must be recorded to permit volume calculations. 

The orifice plate is a key to measurement accuracy with an orifice 
meter It is a round steel plate with a hole in its center that is inserted 
mto the meter tube between the orifice flanges perpendicular to the axis 
of the meter tube. It restricts flow by reducing the diameter of the area 
through which gas can flow. How through this restriction reduces the 
pressure on the downstream side of the orifice plate. This pressure drop 
measured through flange taps or pipe taps on each side of the plate, is the 
key value in volume calculations. 

Orifice plates are manufactured according to specifications of the 
American Gas Association (AGA) and other organizations 

In flowing through an orifice plate, the potential energy (pressure 
energy] of the gas is changed to kinetic energy. The relationship between 
Ae potential energy upstream of the orifice plate and the kinetic energy 
downstream of the plate is the basis for calculating the volume of gas 
passing through the orifice. Flow through the plate is directly related to 

the static pressure m the line and the differential pressure caused by the 
restriction of the orifice. 

Many other factors are required in accurately calculating the flow 
through an orifice meter. These factors have been calculated and set forth 
m tables of constants to be used when calculating flow volumes. If these 
several meter factors are combined into one constant, the quantity of gas 
measured by an orifice meter can be described: 4 

Qi = C’VhwP/ 


where: 


Qi= rate of flow at base conditions, fe/hr 
hw = differential pressure, in. of water 
Pf = static (gauge) pressure, psia 
C’ = orifice flow constant 
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The orifice flow constant, in turn, consists of several factors that 
can be obtained from published tables: 

C’ = FbX F P b xFtbxFgxFtfxFrxYxFpvxFmxFixFa 

where: 

Fb = basic orifice flow factor 

F P b = pressure base factor 

Ftb = temperature base factor 

Ftf = flowing temperature factor 

Fg = specific gravity factor 

Fi = Reynolds number factor 

Y = expansion factor 

Fpv = supercompressibility factor 

Fm = manometer factor 

Fi = gauge location factor 

Fa = orifice thermal expansion factor 

■ ORIFICE METER RUN DESIGN AND MAINTENANCE. The size of 
the orifice plate must be selected according to the diameter of the pipe 
used in the meter tube and the expected flow volume. The outside diame¬ 
ter of the plate and the size of the plate holder depend on the size of the 
meter tube,* the size of the hole in the orifice plate depends on the expect¬ 
ed flow. When flow through the pipeline and meter tube changes, the ori¬ 
fice plate can be changed without changing the meter tube. A given orifice 
size will measure a range of flow volumes, so the plate does not have to be 
replaced with each minor change in flow. But when significant changes in 
volume occur, the plate must be changed to provide accurate measure¬ 
ment. 

It is usually recommended that the recorder operate in the upper 
half of the chart, for example, for most accurate results. If flow decreases 
significantly and the recorder operates near the axis of the circular chart, 
accuracy is diminished and an orifice plate with a smaller hole should be 
installed to bring the reading back into the desired area of the chart. Also, 
the ratio of the size of the orifice to the inside diameter of the meter run 
should be less than recommended maximum. 

The meter tube—the section of pipe on each side of the orifice plate 
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important that pulsation not be present in the flowing gas stream. 
Pulsation causes erroneous pressure readings because of the constant fluc¬ 
tuation of pressure in the line. These fluctuations on the recorder chart 
make it difficult to read the proper value from the chart, and accuracy is 
reduced. The main cause of pulsation is reciprocating compressors. 

When pulsation is present, it must be eliminated before accurate flow 
measurement is possible or the meter run must be relocated to a position 
on the pipeline where pulsation does not exist. Pulsation dampeners can be 
used to reduce or eliminate pulsation, but their design and placement are 
complex and satisfactory results are often diffi cult to obtain. 

■ LIQUID MEASUREMENT. Liquids and steam may also be measured 
with orifice meters by applying appropriate correction factors. The factors 
differ from those used when measuring natural gas. 

The same general considerations apply to the design and use of ori¬ 
fice meters for fluid measurement. Opportunities for turbulence should be 
eliminated, the size of orifice and meter tube must be within specified tol¬ 
erances, proper factors must be used, and periodic inspection and mainte¬ 
nance are required. 


POSITIVE DISPLACEMENT 
METERS AND 
TURBINE METERS 



ositive displacement meters and turbine meters can also be 
used to measure both liquids and gases. Traditionally, they 
were used more commonly for liquids measurement in both 
pipeline and tanker loading operations. But turbine meters are 
now finding increasing application in measuring gas flow. 

In positive displacement meters, the fluid passes through the meter 
in successive isolated quantities by filling and emptying spaces of fixed 
volume. A counter registers the total quantity of fluid passing through the 
meter. Some meters of this type have a flow rate indicator in addition to a 
total flow recorder. 


■ TURBINE METERS. The force of the flowing fluid turns a bladed rotor 








m a turbine meter. The axis of the rotor is parallel to the direction of flow, 
and the rotor's speed of rotation is proportional to the flow rate. Proper 
gearing relates the revolutions of the rotor to volume. Turbine meters are 
ms tailed in a meter run, usually horizontally. Many of the considerations 
discussed earlier regarding orifice meter installations are also important in 
turbine meter runs. 

In designing a turbine meter station, the expected flow range, flow 
condition (continuous or intermittent), operating pressure, pressure drop, 
and temperature must be considered. Also important is the type of fluid,* 
including its viscosity and corrosive properties and the presence of solids 

or water. In gas service, care should be taken during startup to prevent 
overspeeding the rotor. 

Turbine meters can measure high and low flow rates with the same 
meter, and the meters have high repeatability. Several types of readouts 
are available, including a digital readout and a ticket printer. An impor¬ 
tant part of any displacement or turbine meter installation is a meter 
prover, used to calibrate the meter. The prover provides the necessary cor¬ 
rection factors for adjusting the "raw" readings to an accurate volume. 

The volume flowing through a turbine meter is calculated by adjusting 
e uncompensated meter pulses to base conditions of pressure and tempera¬ 
ture and allowing for the effects of flowing temperature and pressure on the 
flrnd and on the meter. In one application of turbine meters in an automatic 
system, for instance, the meter throughput is determined as follows: 6 

Volume at reference conditions = (meter pulses/MKF) x CPLMR x 

CPSMR x CTLMR x CTSMR 

where: 


meter K factor obtained from meter proving, in meter 
pulses/m 3 

CPLMR = pressure correction factor for liquid in the meter to 
reference conditions 

CPSMR = pressure correction factor for steel in the meter to 
reference conditions 

CTLMR = temperature correction factor for liquid in the meter to 
reference conditions 

CTSMR = temperature correction factor for steel in the meter to 
reference conditions 
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In this installation, 12-in. turbine meters are part of an automatic 
system in which a computer counts the pulses from the meters and per¬ 
forms pressure and temperature compensation calculations to account for 
pressure and temperature effects on both the liquid and the meter hous¬ 
ing. In this case, reference conditions are specified as 15°C (59°F) and 
1.01325 bars absolute (14.9 psia). 

This automatic computer turbine metering system provides com¬ 
plete control of metering and meter proving. It is a batch operation in 
which crude is loaded from an offshore platform's storage onto a crude 
tanker for shipment. The importance of measurement accuracy is obvious 
in this installation. The system can deliver about 68,000 bbl/hr through 
four of the five 12-in. turbine meters. At $30/bbl, this represents about $2 
million worth of crude per hour. An error of 0.05% represents an uncer¬ 
tainty of about $800,000 per year based on 300 days of field production at 
a rate of about 180,000 b/d. 6 

■ METER PROVING. A meter prover (Fig. 10-3) is used with positive dis¬ 
placement and turbine meters to establish a relationship between the 
number of revolutions, or counts, of the meter and the volume flowing 
through the meter. Meter provers are available in several types. They all 
are capable of very accurately measuring a specified volume of fluid and 
comparing the number of meter counts that corresponds to this volume. 
Provers typically consist of a length of pipe that contains detector switch¬ 
es to record the passage of a sphere. The volume between the two detector 
switches is accurately known. These switches are electronically connect¬ 
ed to a counter that measures the time for the volume between the two 
spheres to pass between the two detectors. The number of counts on the 
meter being proved is related to the volume passing the detectors. 

Additional equipment on a typical bidirectional, folded-type prover 
system (Fig. 10-3) includes manifolding and appropriate valves to direct 
the flow, piping to connect the prover with the meter run being tested, 
provisions for checking for leaks, and other equipment. This type of dis¬ 
placement prover must be maintained properly to prevent leakage across 
the spheres, leakage through valves, excessive wear or deterioration of the 
spheres or barrel lining, and improper operation of the detectors. The 
prover shown in Figure 10-3 has enlarged sections at the ends of the bar¬ 
rel. To prevent deformation of the spheres, they are kept there when the 
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power is not in use. 

The metering installation described earlier includes a 36-in. bidirec¬ 
tional prover loop with a 16-in., four-way diverter valve. The prover barrel 
is internally coated, and a water-inflated plastic sphere is used to sweep 
the volume between the detector switches. In this system, the operator 
instructs the computer to begin the automatic proving operation. The 
computer selects a meter to be proved, opens the prover inlet valve, and 
closes the meter outlet valve. The computer issues set-point outputs to 
the five flow controllers to balance all flowlines, so flow through the 
prover equals the operating flow rate of the meter. 

The computer will conduct up to ten proving runs to establish a 
meter K factor. The K factor is considered acceptable when the average 
from five consecutive runs is within 0.05%. The meter factor is deter¬ 
mined by comparing the volume indicated by the meter with the known 
volume of the prover. 

If flow rate, temperature, or other operating conditions change, new 
meter factors must be determined. In the installation discussed here, the 
computer will alert the operator if limits set in the computer are exceed¬ 
ed. The operator then will initiate a proving operation to determine a new 
meter K factor. 

Another approach to proving turbine meters in gas service is the use 
of a sonic nozzle meter prover. 7 It allows meters to be proved under oper¬ 
ating conditions and at actual flow rates. At sonic nozzle flow—flow 
through the nozzle at the speed of sound—the mass of gas at the nozzle 
throat can be accurately determined. 

■ FLOW NOZZLES AND VENTURIS. There are other ways to measure 
the flow of fluids in addition to orifice meters, positive displacement 
meters, and turbine meters. Both the flow nozzle and the venturi meter 
are also differential pressure measuring devices, as is the orifice meter. 

The flow nozzle is an elliptically shaped device inserted in a flow¬ 
line that increases the velocity of the flowing fluid. Pressures at the 
entrance to the nozzle and its throat are measured to provide the differen¬ 
tial pressure needed in flow calculations. Equations used with the flow 
nozzle are similar to those used to calculate flow through an orifice meter, 
with the substitution of appropriate correction factors. 

The venturi is a tube consisting of a short, constricted portion 
between two tapered sections. The difference in pressure between the 

















Vortex flowmeter theory (courtesy Fisher Controls). 
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inlet and the throat of the device is proportional to flow through the tube. 
There is a variety of venturi tube geometries. Though general factors have 
been developed for use in flow calculations, it is usually necessary to cali¬ 
brate each venturi to ensure accurate measurement. 

B VORTEX METERS. Another device used to measure gas, liquid, and 
steam is the vortex flowmeter. It is a relatively new application of a phe¬ 
nomenon that was discovered many years ago. 

Flow measurement using a vortex flowmeter is based on vortex shed¬ 
ding that occurs when a fluid flows past an obstruction placed in the flow 
stream (Fig. 10-4). The fluid forms boundary layers on the surface of the 
obstruction that separate from the front comers of the obstruction and roll 
into vortices, or eddies, downstream. To cause vortices to develop, the 
obstruction must not be streamlined and is often referred to as a bluff body. 

Vortiees-are shed by the bluff body from one side, then from the 
other. The frequency of these vortices is proportional to flow velocity, 
allowing flow to be measured by monitoring the frequency of vortex for¬ 
mation. Design of the bluff body is important. The design must cause flow 
conditions in which the Reynolds number is well into the turbulent flow 
regime; otherwise, vortex shedding will not occur. Sharp comers improve 
the strength and regularity of the vortices. Some vortex meter devices 
contain two bluff bodies in the flow stream to reinforce the vortices and 
provide a stronger measurement signal. 

Most designs are aimed at creating flow conditions that result in a 
Reynolds number ranging from 10,000 to 1,000,000. Over this range, vor¬ 
tex frequency is directly proportional to volumetric flow rate and is calcu¬ 
lated by the following equation: 8 


n-f( Ax 
Q ~ 1st) 

II 

where: 


Q = 

volumetric flow rate 

f = 

frequency of vortex formation 

A = 

meter cross-sectional area 

d = 

width of bluff body 
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Fig. 10-5 Typical mass-measurement system. Source: Oil & Gas Journal, 10 September 1990, p. 


measuring devices coupled with density measuring equipment is a com¬ 
mon approach. In a mass measurement system, for example, a density 
meter might be used with a turbine meter (Fig. 10-5). The data from both 
devices can be integrated continuously with a minicomputer. 

Both positive displacement flowmeters and turbine meters have 
been applied to accurate mass measurement systems. 9 A meter prover sys¬ 
tem is required to determine the meter factor for either type of installa¬ 
tion. 

In a mixed stream of natural gas liquids, it is still necessary to know 
how much of each component is being delivered. A mass measurement 
system, in addition to a flowmeter and density meter, also may contain a 
gas chromatograph and sampling equipment. A sample of the flowing 
fluid is taken at increments proportional to the flow rate, and analysis of 
the sample by gas chromatography provides the percent by component of 
the total stream. 

Density measuring devices fall into two general categories: direct and 
inferential. The first provides direct weight measurement of a known vol¬ 
ume of fluid; inferential density devices relate density to some physical law. 
The gravitometer is the most common method used in the measurement of 
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Fig. 10-6 Heating value measurement system. Source: Oil & Gas Journal, 25 August 1980, p. 

132. 

customers to be charged fairly and the producer to receive a fair price. 

The common unit of heating value is the British Thermal Unit 
(BTU). There is still some variation in how the BTU is defined, and in gas 
purchase contracts it is wise to detail its definition precisely. Basically, 
however, it is the amount of heat required to increase the temperature of a 
given mass of water 1°F at a specified temperature. For instance, 1 BTU 
can be defined as the heat required to raise 1 lb (avoirdupois) of water 1°F 
from 58.5° to 59.5°F at standard pressure. 

Heating value, or calorific value, should be further defined as either 
gross heating value or net heating value. Gross, or total, heating value of 
natural gas, for instance, is the "number of BTU evolved by the complete 
combustion at constant pressure of one standard cubic foot of gas with air; 
temperature of gas, air, and products of combustion being 60°F, all water 
formed by combustion reaction being condensed to liquid state." 13 Net 
heating value is the total or gross heating value minus the latent heat of 
vaporization at standard temperature of water formed by the combustion 
reaction. 

These subtleties are not necessary, however, to understand the con¬ 
cept of heating value and its importance in natural gas measurement. In 
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■ CRUDE STORAGE. On the producing lease, oil from individual wells 





is accumulated in tanks, then pumped into the crude oil gathering 
pipeline. Typically, one or more 500-bbl or 1,000-bbl tanks are located on 
an individual lease, depending on the volume of crude produced. Crude 
may not be pumped continuously from the lease tanks if produced vol¬ 
umes are small. If a LACT system is used, the tank will fill to a prescribed 
level and the pump will automatically start. When the fluid in the tank is 
lowered to another preset level, pumping into the gathering pipeline will 
stop automatically. 

If the crude is run manually, an operator will start the pump when 
the tank is full and will stop it when the tank is nearly empty. 

LACT units include meters to measure the amount of crude 
pumped. Meters are also installed in manually operated pumping systems. 
In some cases, when pumps are operated manually or crude is collected by 
truck, the tank is gauged before and after delivery to determine the vol¬ 
ume delivered. Tanks are gauged by manually lowering a metal graduated 
tape with a weight bob on the end through a hatch in the top of the tank. 
Multiplying the depth of oil in the tank by a calculated factor given in 
bbl/ft of depth gives the volume in the tank. The volume gauged before 
delivery minus the volume after delivery is the amount of oil delivered. 

Free water in the tank below the oil can also be determined by gaug¬ 
ing. One technique is to coat the gauging tape with a material that 
changes color when contacted by water. Pumping is stopped a safe height 
above the water level to avoid pumping water into the gathering pipeline. 

Other methods of determining the level in a storage tank are used. A 
float on the inside of the tank connected to a graduated scale on the out¬ 
side gives the fluid level at a glance. An automatic, remote gauging sys¬ 
tem can also be used. It provides a readout at a remote location of the liq¬ 
uid level in any tank connected to the system. It can be made to read 
directly in barrels or gallons when the appropriate mathematical conver- 
sions are used. 

At each step in the pipeline gathering and delivery system, varying 
storage requirements exist. The point at which a gathering pipeline sys¬ 
tem enters a main crude trunk line, for example, often contains storage 
facilities. At the terminus of the crude trunk line—either a refinery or an 
export terminal—storage capacity is typically much larger. A refinery 
must operate continuously to be efficient, though its throughput can be 
reduced if necessary; enough crude to feed the refinery must be available. 
A crude trunk line is seldom shut down, but variations in throughput 
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Rg. 10-7 Crude oil and product storage. Source: OH & Gas Journal, 26 June 1978, p. 84. 
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tities during a part of the year, another during another season. In 
the United States, gasoline sales are greater in the summer, for 
instance, and distillate fuel sales are greater in the winter. 

4. Turnarounds. Refineries are periodically shut down for inspec¬ 
tion, repair, and maintenance (a turnaround). Storage must be 
available for feedstock and products during these periods. 

According to one source, a refinery that is supplied by pipeline 
should have 6 days of crude feedstock storage,* if supplied by tanker, 32-35 
days of storage is recommended. 

At tanker terminals (Fig. 10—7), the amount of storage depends on 
the amount and type of product handled; the number, capacity, and type 
of tanker berths in the terminal; expected periods of downtime,* and the 
number and size of ships using the terminal. 

Crude storage tanks are cylindrical and are operated at near atmos¬ 
pheric pressure. Small lease storage tanks are typically shop-fabricated and 
are delivered to the site where they are connected to pumps and other 
facilities. Large crude storage tanks may be capable of storing up to several 
hundred thousand barrels each and must be built on the site. Large crude 
storage tanks often have a floating roof that moves up and down with the 
liquid level in the tank to minimize vapor losses. Smaller storage tanks, 
including those on the producing lease, have fixed roofs. 

Many crude storage tanks are equipped with vapor recovery systems 
that capture light hydrocarbons that evaporate from the crude and would 
otherwise be lost to the atmosphere. Economics, air-pollution regulations, 
or both may dictate the use of vapor recovery systems, depending on the 
area and the amount of vapor losses. 

Considerations involved in designing large crude storage tanks 
include the integrity of the foundation, safety, maintenance requirements 
and ease of maintenance, and operating efficiency. 

Underground caverns mined from salt domes or other formations are 
used for long-term crude storage. This type of storage is usually for strate¬ 
gic or emergency purposes. The United States stores crude in its Strategic 
Petroleum Reserve in Texas and Louisiana, for instance, in order to be pre¬ 
pared for interruptions in the supply of imported oil. Crude is stored in 
five salt dome caverns,* pipelines connect the caverns to crude terminals. 
Crude imported by tanker is pumped into the caverns through wells and 
will be withdrawn through wells when needed. 
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0 NATURAL GAS STORAGE. Natural gas is stored underground (Fig. 
10 - 8 ), or as LNG in both aboveground and belowground tanks. Natural 
gas storage is needed to meet peak demands that may be much higher 
than the pipeline's average throughput. It would not be possible to vary 
production from gas wells feeding into the transmission line as widely and 
as frequently as demand varies. Natural gas demand is highly dependent 
on weather, for instance, and a method to handle these fluctuations is 
required. 

Natural gas can be stored underground in rock or sand reservoirs 
that have suitable permeability and porosity. The gas is injected through 
wells under pressure,* then pressure in the reservoir is used to force the gas 
out when it is needed. When demand is high, gas is withdrawn from the 
reservoir and is combined with gas being delivered by the transmission 
pipeline. Natural gas can also be stored in depleted oil or gas fields. 

When demand is low, natural gas is diverted from the transmission 
pipeline into storage. Some of the natural gas in the reservoir must be 
used as "cushion" gas to allow withdrawal and injection of usable gas. 

Storage reservoirs are ideally located near consuming centers and 
near the transmission pipeline and its compression facilities. To be suit¬ 
able for gas storage, a reservoir should have the following : 13 

1. An impermeable reservoir cap rock to prevent leakage and 
pressure loss 

2. High porosity and permeability in the reservoir rock 

3. A depth sufficient to allow a safe pressure in the reservoir 

4. Either no water or a controllable water condition 

5. A thick, vertical formation rather than a thin, horizontal 
formation 

6 . An oil-free environment, although depleted oil-producing 
formations have been used 

■ LNG. Natural gas is also stored as a liquid. LNG storage is a way to 
store natural gas compactly. When liquefied at about -260°F, its volume is 
reduced to l/600th of the gaseous volume. 

LNG storage is required at base-load plants , complete plants that 
include purification, liquefaction, storage, and regasification; terminal plants 
where LNG is received from tankers and regasified as needed; and peak¬ 
shaving plants used to store natural gas as liquid to meet peak demands. 
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Fig. 10-9 LNG storage tanks. Source: Oil & Gas Journal, 14 May 1979, p. 117. 


Underground storage tanks, aboveground storage tanks, and frozen 
earth storage are all used to store LNG. Because it must be stored at very 
low temperatures to maintain it in a liquid state, insulation is one of the 
most important elements of LNG storage design. In frozen earth storage, a 
cavity is excavated in the ground. Pipes are installed around the cavity 
through which refrigerant is circulated to freeze the earth and form an 
impermeable barrier. The cavity is topped with an insulated cover to con¬ 
tain the LNG. Aboveground LNG storage tanks are double walled; insula- 
tion is contained between the inner and outer walls. 

Underground concrete storage tanks, also used for LNG storage, are 
considered applicable for large storage quantities of 1 million ft 3 or more. 
These tanks must also be heavily insulated to prevent vaporization of the 
LNG while it is in storage. 

Aboveground storage is used in the majority of LNG peak-shaving 
and base-load plants (Fig. 10-9). There are many of both types of plants 
around the world. Countries with no natural gas production, such as 
Japan, have been very aggressive in increasing imports of LNG in recent 

years to protect against high crude oil prices and crude supply interrup- 
tions. 

From storage, LNG is pumped to a vaporizer that regasifies the nat¬ 
ural gas for delivery to customers. 
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CHAPTER 11 


MAINTENANCE 
AND REPAIR 


H he huge investment in 
pipe, pumps, compres¬ 
sors, drivers, control 
systems, and other 
equipment and the cost 
of downtime make maintenance 
of pipeline systems critically 
important. 

Preventive maintenance pro¬ 
grams for rotating and reciprocat¬ 
ing equipment use sophisticated 
machinery-monitoring equipment 
and techniques. Fast, accurate 
methods are available for detect¬ 
ing flaws in operating pipelines 
that could result in failure. 

Combining these abilities 
with considerations given to reli¬ 
ability during design and installa¬ 
tion, effective corrosion coatings, 
frequent inspection, and the 
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The design of a cathodic protection system includes a current 
requirement survey, the selection and sizing of current drainage points, 
and the detailed design of the ground (anode) beds. 1 

The magnitude of the corrosion currents for a given potential differ¬ 
ence between two electrodes (cathode and anode) depends on several fac¬ 
tors: 2 

1. Soil resistivity. This is determined by temperature, moisture 
content, and the concentration of ionized salts present. 

Generally, corrosion is high in low-resistivity soils and can be 
low in very high-resistivity soils. 

2. Chemical constituents of the soil. The type of salts in the soil 
affect the nature of corrosion. 

3. Separation between anode and cathode. Corrosion is more likely 
to occur when the anode and cathode are close together. 

Increasing the distance between two dissimilar metals 
(electrodes) reduces corrosion current intensity. 

4. Anode and cathode polarization. Protective films formed at the 
anode and cathode affect corrosion rate. 

5. Relative surface areas of cathode and anode. For a given 
magnitude of corrosion current, the depth of corrosion on the 
anode will be inversely proportional to anode area. 

Since power requirements for cathodic protection systems are relative¬ 
ly low, the application fits the capabilities of solar energy systems. In addi¬ 
tion to conserving energy, these systems can provide power in remote areas 
where other sources of power are difficult to install and operate. At remote 
locations, use of other types of power generation can require much time for 
servicing and maintenance, and reliability can be low. Another advantage of 
solar power for cathodic protection applications at remote pipeline locations 
is that these installations can be left unattended for long periods. 

A large solar-powered cathodic protection system was installed in 
the early 1980s in Libya. 3 The installation in Libya's Sarir field was 
designed to provide cathodic protection for well casings and part of a 300- 
mi long, 32-in. diameter pipeline from Sarir to Tobruk. In the Sarir field, 
pipelines connect the wells to gathering centers where the product is col¬ 
lected by the main pipelines. Solar power prevents galvanic action by 
applying direct current to the steel pipe in the wells and in the pipeline, 
which causes it to act as a cathode. 
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De aetected depends on a number of factors: 4 


1 ype or fluid in the pipe 

2. Accuracy of the metering system and accuracy of temperature 
and pressure transmitters 

3. Line size 

4. Wall thickness 

5. Length of line 


6. Steady-state or transient condition of the pipeline 

7. Analytical equipment 

8. Experience of the personnel involved 



Metering accuracy plays a key role in leak detection because one 
important way to detect leaks is by direct observation of pressure drop and 
volume loss, based on comparing flow into a segment of pipeline and flow 
out of the segment. This approach can be effective with relatively simple 
instrumentation, but can also be used with more complex leak detection 
systems. Small leaks require sophisticated instrumentation and the use of 
computer models of the pipeline operation. 

A key factor in using a comparison of inflow and outflow to detect 
leaks is line fill. Line fill must remain constant for this method to be 
effective. Line fill, the amount of fluid to fill the line at specified condi¬ 
tions, is determined based on the pressure of the fluid in the line, its den¬ 
sity, and the stretch of the pipe under pressure of the fluid. The type of 
product influences the type of leak detection method that can be used. 

In addition to monitoring inflow and outflow to a segment of the 
system, other leak detection systems for liquids pipelines include acoustic 
emission inspection systems, instrumented pigs, and ultrasonic methods. 5 

Acoustic emission systems use the noise generated by gas or liquid 
flow from a leak in a pressurized pipeline to detect and locate leaks. This 
system can provide continuous leak detection by permanently installing 
detectors and a data transmission system; portable equipment can be used 
for periodic inspection. Acoustic emissions are transmitted by the 
pipeline and are picked up by sensors mounted at intervals on the pipe 
wall. Signals are carried by cable to a processor that compares the signals 
to those typical of normal background noise. 

Instrumented pigs have also been used to monitor a pipeline for 
leaks. In one system, a leak-detecting pig can be moved to various posi¬ 
tions in the pipeline by the fluid. When stopped at a test point, pressure is 
equalized in the test segments; if a leak exists, fluid will flow through the 
pig in the direction of the segment that is leaking. An electronic system 
transmits data through the pipe wall and soil to a surface receiver where it 
is analyzed by microcomputer. Other pigs for pipeline monitoring also 
exist. 

Ultrasonic leak detection equipment includes a portable hand-held 
probe that is placed in contact with the bare pipe surface at prescribed 
intervals. Data collected are amplified by a receiver and can be analyzed 
audibly and on a meter. 

Natural gas pipelines can be inspected for leaks with surface sam¬ 
pling instruments using the flame-ionization principle. The units consist 
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They normally form a tight, cone-shaped pattern in the soil and do not 
spread over a great distance. Because of this, it is necessary to place the 
inspection equipment accurately over the line. This type of equipment typi¬ 
cally finds leaks resulting from stress corrosion cracks, seam leaks, and leaks 
in welds. When the pipe is uncovered for repair, the location of the leak may 
not be apparent and the equipment must again be used to pinpoint the leak. 
Soap testing may be used for confirmation of the leak; it is not uncommon to 
detect a leak that generates only a V^in. soap bubble in 30 sec. 5 

Leaks in natural gas liquids lines are more difficult to detect. With 
propane and butane, for example, it is necessary to probe in the soil and 
withdraw a subsoil atmospheric sample into the detector. 

One pipeline system uses a modeling technique and computer soft¬ 
ware to provide leak detection. 6 This system uses two methods: the tradi¬ 
tional volume balance principle and the pressure flow deviation method. 
Leaks of 3%-5% of normal flow can be detected with this system, typical¬ 
ly within 5 minutes. 

A requirement for any successful leak detection system is accurate 
and repeatable pressure, temperature, and flow measurement instruments. 

■ PIPELINE REPAIR. When a leak is found, the method of repair varies. 
Some companies replace the entire joint of pipe in which the leak is found 
or insert a short length of pipe—a pup joint —where the leak exists. For 
some types of defects, the joint on either side of the defective joint may 
also be replaced. Repair of cracks in a large natural gas pipeline, for exam¬ 
ple, required unusual techniques and equipment (Figs. 11-1 and 11-2). 

Even though the system may be complex and a procedure must be 
carefully followed in preparing for and conducting repair operations, land 
pipelines are usually readily accessible. Some excavation may be required, 
and of course downtime can be costly if the pipeline must be taken out of 
service while repairs are made. 

Onshore pipelines are often plugged temporarily on either side of a 
problem area, and flow is redirected through a bypass so work can be done 
on the isolated area. A variety of plugging equipment is available, and it 
can be applied in a wide range of situations. 

In a typical plug and bypass operation, the line is uncovered and 
weld fittings are installed on the pipe. 7 Temporary valves are bolted onto 
the fittings and a hot tap is made through each, penetrating the wall of the 
pipe (Fig. 11-3). The tapping machine is bolted to the valve, the valve is 
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opened, and the cutter is lowered through the valve to the pipe wall. The 
cutter cuts a hole in the pipe and is retrieved, along with the section 
removed, through the valve. The valve is then closed. 

When the hot taps are complete, the temporary bypass piping can be 
connected to the valves. Flow is then directed through the bypass, and the 
damaged section of the main line is isolated. With the damaged section 
drained of fluid and the pressure relieved, the damaged section can be 
removed and the repair made. 

Equipment is available (Fig. 11-4) to perform this type of operation 
on pipe sizes up to 48 in. diameter. Hot taps can be made into pipelines 
operating at pressures up to 1,400 psi and temperatures from -20°F to 

700°F. Plugging can be done at pressures to 1,200 psi and temperatures 
from -20°F to 650°F. 

In addition to mechanical plugging methods, another technique has 
been used in which a plug is frozen into place in the pipeline to isolate a 
section for repair or maintenance. When water is used to displace a hydro¬ 
carbon liquid in the pipeline, it provides a nonhazardous environment and 
can be quickly converted to a solid plug by subjecting the area to very low 
temperatures. 8 A chamber is installed on the pipeline and liquid nitrogen 
mtroduced into the chamber to cool the water below the freezing temper¬ 
ature. As the temperature is lowered below freezing the solid plug 
expands sealing the inside of the pipe. The force resulting from expansion 
will be dissipated along the pipe. Also, as the pipe beneath the chamber is 
cooled, its diameter is reduced in the cooled area. This minimized the 
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Fig. 11-3 Hot tap is made in pipeline. Source: Oil & Gas Journal, 15 January 1979, p. 120. 


effects of flaws and causes the ice plug to be forced into a conical wedge 
shape, increasing the effectiveness of the seal. 

Leaks can also be located using the ice plug technique by isolating 
successive sections of the line until the leak is pinpointed. 8 Then two 
freeze plugs can be used to seal off the damaged section. When the repair 
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place on the water's surface, the operation is sensitive to weather condi¬ 
tions. Also, depending on the pipe size and water depth, surface equip¬ 
ment required to lift the line and hold it during repair may have to be very 
large. Large offshore construction barges are very costly to operate. 

Underwater welding techniques can be used to repair a damaged 
pipeline without lifting it to the surface. Welding can be done by a 
welder/diver while completely enclosed in a dry habitat, or the diver may 
work in the wet with only the work area being enclosed in a controlled 
environment. This method is not as sensitive to weather conditions as the 
surface repair method but requires skill on the part of the diver/welder. 

A variety of mechanical connectors is available for underwater pipeline 
repair, ranging from a single split-sleeve clamp for the repair of pinhole leaks 
to complete spool pieces that can be installed without the use of divers. 
These connectors require some time to manufacture, and they can be pur¬ 
chased and stocked so they are available when an emergency occurs. 

Choice of an offshore pipeline repair method depends on location,- 
water depth; pipeline size, age, and amount of burial; design and operating 
pressures,- traffic in the area,- special hazards such as unusual currents or 
mud slides,- and weather conditions. The importance of the pipeline to the 
producing field should also be considered. 

Possible alternative repair methods should be compared on a cost 
basis. An important point to remember in making this comparison is that 
the cost of the repair should be kept in perspective relative to the cost of 
lost production, if any. If one repair method requires minimum or no 
downtime but is otherwise more costly than alternative methods, it may 
still be easily justified if other methods require significant downtime. 
Even though the repair cost may be large, it often is insignificant com¬ 
pared with the cost of lost production. 


ROTATING AND 
RECIPROCATING 
MACHINERY 



reventive maintenance is at the heart of modem pipeline sys¬ 
tem operations. Today's sophisticated monitoring and analysis 
equipment has significantly extended the time between over¬ 
haul or inspection of pumps, compressors, and drivers and has 
reduced operating costs. Safety has been enhanced, and the 
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Fig. 11 -6 Vibration pattern is printed. Source: Oil & Gas Journal, 12 April 1982, p. 111 


analyzer can indicate peak firing pressure, compression pressure of power 
cylinders, and suction and discharge pressure of the compressor cylinders. 
Vibration patterns of the working components of power cylinders and 
compressors can be obtained while the unit is in operation. An ignition 
pattern can be provided on each power cylinder to check timing and the 
proper functioning of the ignition system. 

Patterns can be displayed on an oscilloscope for study, and a perma¬ 
nent record can also be made of the patterns displayed (Fig. 11-6). 

One program uses the analyzers for both maintenance and perfor- 
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mance evaluation. 10 The maintenance analyzer used in this program has 
these basic components: 

1. A crankshaft transducer that attaches to the crankshaft of an 
engine and gives a pulse-per-revolution signal. The signal is used 
to synchronize with top dead center of any crank throw on the 
crankshaft. 

2. A signal conditioner that takes signals from a vibration pickup, 
pressure transducer, andignition sensor and puts them on the * 
trace of the pulses per revolution. Any individual signal can be 
put on the pulse-per-revolution trace separately. 

3. An oscilloscope screen that displays the signal selected. The dis 
play screen is marked with graduations. 

, p . ° n the display is related to the position of the crankshaft 

l g ' U ‘ 7) - ™ e o 10 / cm trace on the oscilloscope on this unit, for instance, 
represents 360 of crankshaft rotation on two-stroke engines and 720° of 
rotation on four-stroke engines. 

The performance analyzer used in this program performs all of the 
functions of the mamtenance analyzer,- in addition, it indicates pressure- 
volume and horsepower. The performance analyzer is equipped with a 
computer programmed with the necessary information to provide an indi¬ 
cated horsepower on a digital readout. A key use of this capability is in 
ancmg the cylmders in a reciprocating engine. When each cylinder is 

producing almost the same horsepower, the fuel gas meter shows less flow 
to the engine. 

Pressure-volume information is also useful in the compressor cylin¬ 
ders of a reciprocating unit. The data can be used to determine volumetric 

andpistonrings 6 l0SS ' h ° ISeP ° Wer ' and the proper functioning of valves 

A gas transmission company in the early 1980s used similar equip¬ 
ment along with fiberoptic probes to inspect the interior of gas turbines 
and sound-wave generators to detect structural flaws." This company's 
equipment evaluation and maintenance program drastically decreased the 
frequency of overhaul. Rather than completely overhauling each of its 184 
reciprocatmg engines annually, the engine analysis and computer testing 

program permitted the company to run some engines several years 
between overhauls. 7 
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Fig. 11-7 Instrument display is related to crankshaft position. Source: Oil & Gas Journal, 10 
March 1980, p. 75. 

A key element of this program was a portable computer equipped 
with a cathode-ray tube (CRT) display screen and keyboard. The computer 
could be moved to any location along the pipeline, plugged into an engine, 
and programmed to provide a detailed look at the engine's condition. 
Depending on instructions given the computer, it could check engine 
temperatures and pressures, measure the movement of pistons, and time 
the revolutions of the crankshaft. The data displayed on the CRT could be 
stored on a magnetic disc and converted to printed copy when a detailed 
analysis is required. 

To evaluate the condition of gas turbines and reciprocating engines, 
a fiberoptic probe was also used. The instrument bends light to permit a 
viewer to see around comers and obstacles to the interior of a machine. 
The probe is inserted in turbines through small openings. The light pro¬ 
vided by the probe is sufficient for clear visual inspection and is also ade- 
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quate for television monitoring. Black and white or color pictures of a 
given area inside the machine can be made by attaching a camera to the 
outer end of the probe. 

The structural integrity of bolts, rods, and other engine components 
can be checked with an ultrasonic detector, which is also equipped with a 
display screen. To test a component, a transducer is made to contact the 
component and ultrasonic waves generated through the component The 

speed with which the waves are reflected indicates cracks or other metal- 
lurgical flaws. 

Another type of ultrasonic detector is used to check for valve leak¬ 
age in cylinders. When a valve leaks, it produces a high-frequency sound 
that can be detected only with the use of the detector, which drops the 
sound to an audible range. 

In this firm's maintenance program, use of the analyzers was supple¬ 
mented by computer testing of lube oil and water samples. Samples taken 
from each engine monthly were analyzed to determine contamination or 
acidity. Samples were also checked for the presence of metal in the oil, an 
indication that bearings or other components are beginning to deteriorate. 

■ EXAMPLE GAS-TURBINE MAINTENANCE PROGRAM. 11 A gas-tur¬ 
bine maintenance and information system is part of a crude oil pipeline 
across Saudi Arabia. The system was designed to help monitor and trou¬ 
bleshoot a large number of gas turbines and pumps along the 750-mi 
pipeline from a central location. The pipeline uses 60 gas turbines for 
pumping and power generation. 

This information system was designed to be independent of the 
pipeline control system and allow use of special sensors to perform accu¬ 
rate diagnoses. The objective was to help ensure the highest onstream 
time for gas turbines, pumps, and associated equipment. 

Monitoring rates of degradation of rotating equipment from estab¬ 
lished baselines can help predict when a gas turbine or main line pump 
should be taken out of service for maintenance to avoid serious problems 
or ailure. The system (Fig. 11-8) consists of a central unit located at the 
pipeline control center and satellite data acquisition and processing sys¬ 
tems at each of the 11 pump stations. The 11 remote satellite systems are 
connected to the central unit by microwave. 

Among outputs of the system are the following: 
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ure are therefore often recommended. 

Annual documentation of pipeline pump motor operation should 
include a visual inspection of the motor and winding, a vibration test, and 
a high-voltage test. Pump efficiency testing is also recommended. 

Visual inspection includes removal of end shields to expose the 
motor winding and other components. This inspection can require up to 
four hours by two men on a large motor. The vibration test is performed 
with the unit in operation and typically requires less than one hour unless 
balancing is required. A DC high-voltage test can usually be performed in 
less than one hour, depending on test results. 

The overhaul expense involved in motor failure, plus the loss in rev¬ 
enue from lower throughput, can be several times the cost of the motor 
cleanup and revamishing cost, for example. 

OTHER 

EQUIPMENT 

B n addition to the pipeline itself, and rotating and reciprocating 
equipment, other components of a pipeline system require 
constant surveillance and maintenance. 

Maintenance and repair of supervisory control and data 
acquisition (Scada) systems are critical functions and require 
special skills. Supervisory control systems must be reliable; the more 
automatic control that is provided, the more the system depends on the 
availability of the control system functions. The wide use of computers 
and sophisticated diagnostic systems, including those discussed earlier in 
this chapter, makes expertise in maintaining these systems a critical ele¬ 
ment in efficient pipeline operations. 

In pump and compressor stations, corrosion of piping and vessels 
must be monitored constantly to prevent failure. Changes in operating 
conditions may also initiate vibration problems that must be eliminated 
by the addition of special equipment or a change in station operating para¬ 
meters. Heat exchangers used for interstage cooling and other services 
must be checked periodically to detect the presence and extent of fouling. 
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Fouling of the tubes can reduce both flow efficiency and heat transfer effi¬ 
ciency. Periodic cleaning of heat exchangers is usually required. 

Equipment lubrication is also critical. Gonsiderable effort has been 
made in recent years to improve lubrication efficiency in order to extend 
equipment life and reduce oil consumption.' 4 
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CHAPTER 12 

INSPECTION AND 
REHABILITATION 


oncern about safety 
and environmental pro¬ 
tection grew in the late 
1980s. At the same 
time, some pipeline 
systems began to near the end of 
their design useful life, particu¬ 
larly in the United States where 
an extensive pipeline system has 
been in place for decades. 

To meet stricter safety and 
environmental protection rules, 
pipeline operators have turned 
increasingly to sophisticated 
inspection methods that provide 
an accurate analysis of pipeline 
integrity and condition. Internal 
inspection devices, or smart pigs, 
are sophisticated instrumenta¬ 
tion packages that move through 
the pipeline and check for 
















cracks, corrosion damage, out-of-roundness, and other defects. 

For many years, pipeline pigs were simple mechanical devices used 
to clean pipelines, dewater a line after hydrotesting, or separate different 
products in a products pipeline. Today's smart pigs, however, contain 

complex electronic systems that provide an extensive array of data about 
pipe condition. 

As pipelines age, they must often be replaced or undergo extensive 
rehabilitation. The ability to accurately monitor pipeline condition is a 
key to the timely "rehab" of mature pipeline systems. Pipeline rehabilita¬ 
tion work will continue to increase, first in the United States and later in 
regions with newer pipeline networks. 

INSPECTION 

P ipeline monitoring programs are used to keep track of the 
effects of corrosion or mechanical damage to insure that the 
pipeline contmues to meet safety and operating requirements. 
Cost and effectiveness of monitoring programs are the most 
important considerations. 

For corrosion damage, for instance, the operator must choose the 
best balance between preventive measures such as cathodic protection 
and remedial repair work. Whatever the program, the pipeline must meet 
safety requirements. 

For example, according to one report, typical U.K. costs for corro¬ 
sion control installations are 5%-10% of the total pipeline construction 
cost for the anticorrosion coating, less than 0.5% for cathodic protection 
hardware, and l%-6% for cathodic-protection monitoring and mainte¬ 
nance during the 40-year life of a typical pipeline.- The comparable condi¬ 
tion-monitoring costs for a British Gas "intelligent" pig were reported to 
be about 4%.- The best condition monitoring and maintenance program 
depends on pipeline age and on safety requirements. 

Three approaches to condition monitoring are hydrostatic pressure 
testing conventional magnetic-flux leakage pigs, and advanced magnetic- 
flux leakage pigs. 1 Other in-line inspection tools are used. 

Hydrostatic testing locates significant faults in the pipeline by causing 

failure, but no information is provided by lesser faults that may be develop¬ 
ing. It is also the most expensive way to determine pipeline fitness,- in the 
nited States hydrostatic pressure testing may cost $l,600-$31,000/km. 
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Repairing the failure may cost $5,000-$10,000 per repair. 

Conventional magnetic-flux leakage pigs provide a nondestructive 
monitoring technique, but determining the seriousness of the defects that 
are located is often difficult. As a result, more excavations may be made 
than are necessary to repair only the significant faults. Though the survey 
may only cost $280-$820/km, excavation costs of $l,000-$5,000 are typi¬ 
cal. 1 More sophisticated magnetic-flux leakage pigs provide computerized 
interpretation of survey data and defects can be more accurately diag¬ 
nosed. The cost of running these pigs is typically $l,500-$3,100/km. 

■ IN-LINE TOOLS. A variety of inspection techniques and technologies 
are used to monitor pipeline condition and integrity. The most important 
goal of pipeline inspection is usually to assess corrosion-caused metal 
loss. But inspection also provides information on dents and other damage 
that may eventually cause failure and leaks. 

Inspection tools move along the pipeline by the pressure of fluid 
behind the tool acting on cups or scrapers. Launching and receiving facili¬ 
ties are required, just as in the case of mechanical cleaning pigs. Full 
opening valves are necessary to allow the tool to pass, and turns and 
bends in the pipeline must not be too short or the tool will not move 
around the bend. 

All in-line inspection tools contain instrumentation and a power 
source. They include a distance measuring device so that each defect or 
problem area can be accurately located within the pipeline. 

The types of in-line inspection tools include gauging tools, camera 
tools, magnetic-flux leakage tools, ultrasonic wall thickness tools, and an 
ultrasonic tool for detecting stress corrosion cracking. 

1. Gauging tools measure the inside diameter of the pipe to locate 
changes in diameter, dents, or other restrictions. In many such 
tools, spring-loaded probes that make continuous contact with 
the pipe wall are electronically monitored to detect changes in 
pipeline shape. The position of the tool along the pipeline is 
recorded continuously so changes in diameter can be located. 
Electronic gauging tools that can both locate and determine the 
size of geometric anomalies are available for use in both gas and 
liquid pipelines in diameters from 6 in. to 42 in. 2 

2. Camera tools take photos of the inside of the pipe at either pre- 
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Fig. 12-2 NKK’s ultrasonic inspection tool for determining loss of wall thickness. Source: Oil & 
Gas Journal, 24 April 1989, p. 69. 


tool moves along the pipe, the flux is contained in the pipe wall 
as long as no defects exist. Where a metal loss exists, leakage of 
the flux field outside the pipe wall occurs. Recording this leakage 
and its position along the pipe locates the corrosion loss or other 
damage. Magnetic-flux leakage tools are available for pipelines 
from 6 in. to 48 in. in diameter and can be used in both gas and 
liquid pipelines. 

4. Ultrasonic inspection tools (Fig. 12-2) use a pulse/echo 

technique to measure metal loss caused by corrosion or damage. 
As the tool moves along the pipeline with transducers located a 
fixed distance from the pipe wall, an ultrasonic pulse of known 
velocity is emitted by the tool and travels through the liquid in 
the pipeline to the pipe wall. The time elapsed before the echos, 
or return signals, are recorded indicates the thickness of the pipe 
wall. 


Two significant echos indicate the inside and outside of the pipe 
wall. If the first echo arrives later than calculated, internal corrosion is 
indicated; if the second echo arrives earlier than calculated, metal loss has 
occurred on the outside of the pipe. These tools must normally be used in 
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liquids pipelines, though one company says its tool can be used in a gas 
pipeline if the tool is contained in a slug of liquid. 2 They are available for 
use in pipelines up to 48 in. in diameter. 

Other pipeline inspection techniques have been studied and experi¬ 
mental tools designed. Several of these have been aimed at detecting 
cracks in pipelines. Crack detection is difficult, particularly the detection 
of longitudinal cracks. 

The analysis of data recorded by in-line inspection tools is just as 
important as data gathering, and no less complex. Statistical models have 
been developed to evaluate pipeline inspection sensors. 3 After defects are 
located and analyzed, the next step is to determine if repair is needed or if 
maintenance procedures need to be changed. Defect analysis can help 
plan maintenance and repair schedules. 

An important step in formulating repair and maintenance plans 
based on inspection data is to determine the remaining strength of corrod¬ 
ed pipe. Pipeline design codes contain criteria for calculating the remain¬ 
ing pressure carrying capacity of a pipeline based on the amount and dis¬ 
tribution of metal lost to corrosion and the yield strength of the steel. If 
the calculated remaining pressure carrying capacity is greater than the 
maximum allowable operating pressure of the pipeline by an acceptable 
safety margin, the corroded segment can remain in service. If not, it must 
be repaired or replaced. 4 

■ EXAMPLE INSPECTION. Sometimes inspection indicates a line must 
be replaced. Such was the case, for example, in the North Sea when BP 
Exploration evaluated the condition of its Forties field crude pipeline. 5 
After an in-line inspection, the decision was made to replace the line, a 
104-mi, 32-in. pipeline installed in 1973 to carry oil production from BP's 
Forties field to Cruden Bay, Scotland. The replacement line is 36 in. in 
diameter, increasing capacity of the system. 

The line represents a situation that often occurs in oil and gas devel¬ 
opment. Initial estimates of the life of the field—and hence, the required 
life of equipment—are inaccurate. In some cases, field life is much longer 
than originally estimated and the design life of equipment is exceeded. 
Field life also can be shorter than expected, but that doesn't call for deci¬ 
sions on whether to replace or repair equipment. 

In the case of Forties, reserves were increased four times since the 
field was discovered, extending the expected life of the field. And produc- 




Table 1 




hh H h 

> 5 5 

ra 8 57 

C 3 T-do o 

SS «vv IV1IIIVIIVIIIIIII| 


O 

■H 


o 

+1 




2.8 

0 w- 

"O 0 

0 E 

N 0 
W O 

w o> 


li 


0 — 
O 0 

§>g_ 

«■£ 

in 

0 O 


zi 

0 0 

55555^ e ^B 

^CM^t-Cv] O 0 

dodod oT! 0 0 
v V V VVZ+iQQ 


ooo S 

s„ + ! + ! + ! . 

z Tf| hHt-hH 

53555 


|f 

“to 
88 
€$ 
0 r 


T> > 
0 ■*= 

1 if 


8 JS 

E ° w 

fi? 

.000 


£Z u 

, • ^ c& • •£ ro TO 

h-o S^^-a-OTJTJ-O 00 

^OmnOOOUU 0 

cm 0 5 ca • - 0 0 a> 0 0 a o 
00 0000000^' 
■VQt^VijlQQQQQ® 


£ I Is 22222 i i m i i i i i m i i it 


o 

?5 t 
cl-21 
■88S»g 

w t c c 0 
O <n o> 


O £ C E © 
fc £ 0 C7> 5 1 

0 0 si3® 

0 o-^ ® o E 
S g E oa 

to •£ c 0.5s 3 

i£ clOCXSco 


2§ 

8 JE 

■2 •&?■§ 

JllHi 
°l|p|i 

— = S 0 © o r< 

|8|=i 11 

lifgSiSi 

2S£|.® 0 §■ 

S ? =• 3 ° Sip'S <R c 

*s§3iS533§.£<S 


? c 

s| 

£§ 

D- - 1 




Fig. 12-3 Performance specification. Source: Oil & Gas Journal, 17 June 1991, p. 37. 






* f Q °t er ' lelds dlSC0vered later in the area flowed through the 
P P „ e \f°, th ! deC1S10D Was made t0 “ stalJ a larger replacement line. 

Had the field been declining and no other fields were likely to be 
pro ucing m the area, it might have been appropriate to replace the origi- 

° ne ' ThC hlSpeCti0n 0f the Forties Une was done by 
ntish Gas pic s On-line Inspection Centre, a pioneer in the development 

° m ® pectl0n met hods and equipment. The center began check¬ 

ing the British Gas pipeline network using on-line techniques instead of 
the more expensive and time-consuming hydrostatic pressure testing in 

C Cary „ 70S ' A Senes of mspection tools were developed that used 
magnetic-flux techniques to monitor pipe condition. 

British Gas now runs these devices through its 10,000 mi of trans¬ 
mission lrnes at regular intervals to monitor structural integrity. A special 
inspection system was produced for the 32-in. Forties line that was adapt- 
ed to accurately locate and size damage from the type of corrosion likely 

P- 6 ^ ^ pipeline - Specifications for the system are shown in 

igure 1U Routine monitoring had already indicated some corrosion 
had occurred; as a result, the main pipeline riser was replaced. It appeared 
to have corrosion pitting, general corrosion containing pitting, selective 
— 3ttaC S ° f 811:111 welds / and areas of relatively uniform metal 

° f t °? 1S WCre “ the Forties Pipeline inspection: a 
g ve ce,a profile vehicle, and the inspection vehicle (Fig. 12-4). 

■ INSPECTION RESULTS. According to a report on the project, it was 
necessary to produce the inspection results in a format that allowed BP to: 

1. Determine the general condition of the pipeline 

2. Use fracture mechanics specialists to evaluate the effect of the 
condition of the line on its operating integrity 

3. Determine a derating curve for the pipeline validated by 
subsequent inspections 

A computer listing gave weld numbers down the line, relative dis¬ 
tance between each weld, and thei, absolute distances from where the 
tool entered the pipeline. The list included pipe wall thickness for each 
spool. But because of the ven- large number of readings from the inspec- 
ion process, values were given as mean, maximum, and minimum values 
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Fig. 12-4 An 
inspection vehicle 
is hoisted onto 
BP’s Forties cen¬ 
tral platform. 
Source: Oil & Gas 
Journal, 17 June 
1991, p. 37. 


and standard deviation. Also, the inspection gave a general assessment of 
girth weld condition by indicating uncorroded welds, corrosion less than 
10% of depth, and corrosion greater than 10% of depth. 

It is important, according to the Inspection Centre, to determine the 
"corrosion growth rate." Information on corrosion growth rate allowed 
the pipeline operator to adjust system operating conditions, assess the 
long-term viability of the pipeline, and satisfy the regulatory authorities 
that the pipeline is being operated safely. 


eplacement is not always indicated by the results of a pipeline 
inspection. Rehabilitation of a pipeline can be appropriate 
when damage to the external corrosion coating, pipe corro- 
or other damage renders the pipeline unsafe at operating 
conditions. Damaged sections can be removed and replaced. 
And external corrosion damage can often he repaired by recoating the 
pipeline. 

According to one report, "degradation of coating resulting in exter¬ 
nal corrosion or leaks is a major problem in the U.S. today as many 
pipelines are approaching 40-50 years of age." 6 Recognition of this prob¬ 
lem has brought increased emphasis on the recoating of pipelines. Soil 
stresses, high operating temperatures, hydrostatic testing, poor applica- 


sion 










TABLE 12-1 

REHAB PLAN: 16-IH. GAS PIPELINE* 


tion, and the passage of time all 
can contribute to pipeline coat¬ 
ing deterioration. 

Recoating of pipelines cer¬ 
tainly is not inexpensive, and 
the choice of methods and mate¬ 
rials for a recoating job has a 
great effect on the economics of 
the project. 

Rehabilitation of a pipe¬ 
line may be needed for several 
reasons, including protection of 
public safety, avoiding abandon¬ 
ment or curtailment of opera¬ 
tions and possible loss of rev¬ 
enue, maintaining the most 
economical operations, and 
complying with new regulations 
and inspections of regulatory 
agencies. 7 

An analysis of the risks 
involved in continued operation 
of the line should include a 
review of the physical character¬ 
istics of the pipeline and its operating history. The goal is to evaluate 
potential problems such as corrosion, third party damage, or off-specifica¬ 
tion product. The need to curtail operations if the maximum allowable 
operating pressure must be reduced because of corrosion of the pipe wall 
should also be considered. 


• A metallurgical lab analyzed the pipe that failed. 

• The files and records were researched. 

• A reduced MAOP was calculated. 

• The piping at stations was redesigned. 

• A program of running internal inspections was set up: 
The line was cleaned 

A caliper survey was run 
A magnetic-flux survey was run 
Verification digs were made 

• An analysis was made of the signals logged by the sur¬ 
veys, and a listing was made of the sites on the pipeline 
to be repaired. 

• An economic analysis and comparison of alternatives 
was prepared. And a decision was made to proceed with 
the program. 

• A decision tree was prepared to clarify management 
options and help keep the project on schedule. 

• The general contractor moved in and executed the 
repair work. 

• As the corroded pipe was dug up, it was inspected and 
compared with the log interpretations. Adjustments were 
made as necessary. Several anomalies were eliminated 
from further consideration. 

• The pipeline was hydrostatically tested to a pressure 
level required for the normal operation of the line at the 
MAOP that was calculated previously. 

• There were no pipe failures. 

• The line was cleaned and dried. 

• The system was returned to serv ice. 

*ERW pipe manufactured before 1963. 


The economic analysis of the project, and of alternative actions, is 
an important decision making tool. There is a limit, for example, to the 
number of corrosion spots that can be excavated and repaired without 
exceeding the cost of building a new pipeline. 

A rehabilitation plan must conform to new rules and regulations 
that did not exist when the pipeline was originally installed. New regula¬ 
tions are more strict, and both state and federal agencies are focusing 
more and more on older pipelines. For example, the DOT's Office of 
Pipeline Safety issued an Alert Notice that all operators with pre-1970 
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ERW pipe in their systems should carefully review, examine, and survey 
the systems and consider hydrostatic testing. 

The economics and the physical constraints of rehabilitation must 
be carefully considered. But rehabilitating older pipelines rather than 
replacing them can be economical. One company cited decision proce¬ 
dures developed for a group of projects which included 8^30 in. gas, oil, 
and products pipelines in North America and Asia. 7 Problems involved in 
this group of projects included external corrosion in low swampy areas, 
internal corrosion in sag bends in hilly areas, poor coating, and lack of 
fusion in ERW pipe. 

The rehabilitation plan for a 16-in. gas pipeline is outlined in Table 

12 - 1 . 

■ EXTERNAL CORROSION. Pipeline coating failure can often be the 
reason for pipeline rehabilitation. In a number of rehab projects on one 
system, stress corrosion cracking had also developed. In other cases, gen¬ 
eral corrosion and pitting had occurred. 8 Severe stresses due to clay soils 7 
shrinking and swelling were the cause of a number of coating failures. 

Candidates for rehabilitation by this system operator are determined 
by failure-history records, excessive cathodic protection and maintenance 
costs, stress-corrosion cracks, electrical corrosion surveys, visual inspec¬ 
tion of the coating, and regulatory audits. Planning a rehabilitation project 
requires consideration of market conditions and system requirements, gas 
supply problems, environmental requirements (including permits), avail¬ 
ability of equipment, right of way restrictions, materials, weather, and the 
presence of SCC. 8 

The operator of this system, for example, uses two approaches to 
rehabilitating deteriorated pipelines, depending on whether or not SCC 
has been observed or is suspected. If stress corrosion cracking exists, the 
procedure is: 

1. Remove the line from service and hydrostatically test the pipe to 
about 110% of specified minimum yield strength (SMYS) to 
locate and eliminate severe SCC and arrest development of 
minor SCC 

2. Excavate the line and place it on skids 

3. Remove the deteriorated pipe coating 





4. Inspect the pipe surface for corrosion or other damage 

5. Replace all failed or damaged pipe 

6. Recoat the pipe 

7. Tie in and test the rehabilitated line 


If stress corrosion cracking is not present, the same procedure is 
used except that the 110% hydrostatic pressure test is eliminated. 

some cases, the work can be done while the line is in service Of 
course, the pressure test and tie in steps would not be performed And 

sSnnto T Tf 1 h3Ve t0 bC rCdUCed durfng the rehab °P erat i° n - 
PP g the old coating from the pipe and cleaning the pipe surface 

“ b \ d0M " lth *-«. shot bias,, blast, o, gn, bLZ^T 

m«„, travel* along tbe line_-line travel" ^pntent. If Sd cZ-' 

mg contams asbestos, environmental considerations are important 

tar Pn l C ° ating “ d primm S machines can be used to apply coal 
Ur ename! coating applied at high temperatures. Pneumatic wrapp^ 

achines apply tape coatings on the pipe (Fig. 12-5), and spray equipment 
an mix and apply the two-component coal tar urethane coating 

tar enImeU P oX7h T ** ^abilitation is coal 

also used t PP d ] by 11116 C ° atmS machines - 8 T he company has 

also used tape, coal tar urethane, coal tar epoxy, and wax coatines For 

thC ° Perat ° r Prefers plant appHed hsion bonded e P 0X ypip e 

It is important to determine pipe condition as accurately as possible 
m order to choose between replacement and rehabilitation. If a lige num 
berof sections must be cut out, rehabilitation can cost more than re P "Z 

?ipe^Co E rp°fT A “uT PR ° GRAM - Transcontinental Gas 
best f 0 Z pZe [ Tr “ SC0, ( f0Und tbat a double-wrap tape system proved 
best for in place coating of gas pipelines while the line is still in service ‘ 

ansco s recoating program uses in situ methods for recoating large 

pi^rr^ C ° mpany ° PerateS SOme 10 ' 000 mi of interstate 
/ ' . “ Une ° perates a t pressures of 500-800 psi. An improper- 

tect with cath d C 01 3 linC Wth 3 deteriorated coatin g ^ difficult to pro- 
ct with cathodic protection systems. A well-coated pipeline can also 

protect against microbiologically influenced corrosion, which is receiving 
more attention, according to Transco specialists. S 

Transco s system mcluded coal tar enamel coatings, asphalt enamel 













eoaungs, fusion-bonded epoxy, and fusion-bonded polyethylene coatings. 

The oldest line in the system, in service for 41 years, has a coal tar 
coating system. Transco reports that these coatings are in good to excel¬ 
lent condition. However, problems did exist immediately downstream of 
compressor stations where temperature was once a problem, and at tie-ins 
where application was poor. Asphalt enamel coating systems had high 
sbondment rates due to water absorption, soil stress, and inadvertently 
high cathodic protection potentials, combined with hydrostatic test 
forces Age of pipelines in the Transco system with this type coating 
ranged from 26-36 years. 

Transco has used fusion-bonded coatings for 16 years with few prob¬ 
lems and has used fusion bonded polyethylene coatings. 

For recoating, Transco began a program in 1971 using cold applied 
po yethylene-backed, single-wrap tapes. Use of a hot-applied, coal tar 
pitch tape was begun in 1976, but that recoating method has not been 
successful. It is bemg removed and replaced. In 1987, Transco tried sever- 
new coatings on the pipeline system: a polyurethane 100% solids coat- 
mg, a coal tar epoxy, and a double-wrap, 50-mil polyethylene. After two 
years of field testing of the double-wrap polyethylene tape system, the 
ecision was made to use it for recoating. In addition to passing lab and 

field tests, the coating proved economical, and application was easier 
according to Transco. 

The system offers other advantages. It is nontoxic and environmen¬ 
tally safe requires no open flames or special cure techniques, and has a 
wide application temperature range. Typical overall costs for a 30-in. 
pipeline are about $30/ft, including material costs of about $4.50/ft.‘ 

In a typical recoating project, the pipeline is excavated completely 
to provide an adequate work space and a minimum clearance of 12 in. 
between the bottom of the pipe and the ditch floor and sides. Earth plugs 
are left m the pipeline at predetermined intervals and skids are placed in 
tiie open ditch to prevent pipe movement. 

A crew using hammers and scrapers removes the old coating, then 
the pipe surface is cleaned with commercial blast equipment. Transco has 
also used a machine which removes the old coating and prepares the sur¬ 
face, all m one operation. It uses rotating carbide tip drums to remove the 
coating. 

When the pipe is clean, it is inspected for corrosion and other 
e ects, t en a pnmer is applied by roller or spray to provide a bond for 
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Fig. 12-6 Alyeska crew repairs a section of external corrosion on the trans Alaska pipeline 
System. Source: Oil & Gas Journal, 30 April 1990, p. 23. 


the tape coating. The next step is to apply a 4-in. wide, 35-mil thick 
butyl-backed tape over longitudinal and girth weld areas. 

Initially, a power wrapster applied the first full layer of tape, a 25- 
mil thick black polyethylene; then the wrapster was repositioned and the 
second tape layer applied. Transco now uses a modified machine that can 
apply both tape layers simultaneously. 

Because no curing is required, backfilling of the ditch can begin 
immediately after the tape is applied. 

■ TRANS ALASKA PIPELINE REPAIR. One of the most expensive cor¬ 
rosion repair projects was on the trans-Alaska pipeline, the 48-in. line that 
brings oil from Alaska's North Slope to the tanker terminal at Valdez (Fig. 
12 - 6 ). 

The amount budgeted for main line corrosion inspection, repair, and 
replacement in 1990 was about $215 million. And estimated $600-$800 
million was expected to be spent over a 5-year period on corrosion. 9 

A newly developed corrosion detection pig found external corrosion 
in the line. An ultrasonic pig was developed that could provide much 
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more precise measurement of metal loss and could survive as much as a 
450-mi trip through a 48-in. pipeline. 

After extensive inspection of the line, the operator found that the 
serious areas of exterior corrosion on the main line were concentrated in a 
total of about 13 total mi of pipe in four major areas. There were no signif¬ 
icant internal corrosion problems on the main line and no exterior corro¬ 
sion in the aboveground portion of the main line. 

The operator of the pipeline planned to replace 9 mi of pipe in the 
Atigun River Floodplain where there was general coating failure by laying 
a new line coated with fusion-bonded epoxy with a concrete overcoat for 
mechanical protection. At other sections in the main line where anom¬ 
alies were detected by the pig, pipe was sandblasted down to near white 
metal. Then a two-part zinc-rich epoxy phenolic coating was applied to 
the pipe and overwrapped with a shrink sleeve. The cathodic protection is 
reinforced. 

Experience with the trans-Alaska pipeline shows how important it 
is to protect pipelines from corrosion damage and to monitor pipeline 
condition. And it indicates how costly an adequate pipeline corrosion pre¬ 
vention program can be. 
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CHAPTER 13 


PIPELINE 

REGULATION 




n many countries, 
pipeline networks are 
owned and operated by 
government entities. In 
other cases, though 
operated by private companies, 
there is little price or market 
share competition and the gov¬ 
ernment maintains effective con 
trol. 

Nowhere has pipeline regula 
tion historically been more com 
plex and controversial than in the 
United States. Especially in the 
case of natural gas, pipeline trans 
portation regulations have gov 
erned every facet of system opera 
tion: construction, markets 
pricing, accounting. 

That all began to change in the 
mid-1980s as U.S. regulators took 








the first of a series of steps aimed at improving natural gas supply and dis¬ 
tribution by making the country's natural gas pipelines more competitive. 
And in the early 1990s, as the European community moved toward mar¬ 
ket unity, attention focused on how to improve natural gas transportation 
services in EC member countries. 

U.S. pipeline regulation is not typical. But it does serve as an exam¬ 
ple of the problems that pipeline regulation can bring, and of the progress 
being made in solving those problems. 

EARLY U.S. 
REGULATION 

N atural gas pipelines in the United States have long been sub¬ 
ject to much more onerous regulation than have crude oil and 
products pipelines. Long-distance transportation of natural gas 
by interstate and intrastate pipelines and the distribution of 
natural gas to consumers is done by private companies in the 
United States, and was historically regulated under the principles of pub¬ 
lic utility law. 

Interstate pipelines are regulated by the Federal Energy Regulatory 
Commission (FERC); local distribution companies (LDC) are regulated 
primarily by state public utilities commissions. Traditionally, these agen¬ 
cies determined the rates that transmission and distribution companies 
could charge gas buyers,- governed the financial structure of the compa¬ 
nies, including permissible profit ranges,- and regulated other aspects of 
pipeline operation. 

Until the late 1980s, the wellhead price of natural gas—the price at 
which gas producers sell to pipeline companies—was regulated by FERC 
and the agency's predecessors. Wellhead price regulation began in 1954 as 
a result of a U.S. Supreme Court decision. Wellhead price controls affect¬ 
ed only gas sold for interstate shipment. 

Gas price regulation is considered by most energy analysts to have 
had a negative influence on the search for new gas supplies because the 
price was held below that needed to make exploration and development 
profitable. An attempt to provide more incentive for producers to search 
for new reserves was behind the passage by the U.S. Congress of the 
Natural Gas Policy Act (NGPA) in 1978. This act created several cate¬ 
gories of natural gas. Some were still to be regulated, some were to be 
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deregulated in 1985, and some categories were immediately deregulated. 

In the early 1980s, there already was considerable debate concerning 
whether to deregulate all natural gas prices in the United States immedi¬ 
ately or to continue on the schedule set forth in the NGPA. It wasn't 
until 1989, however, that natural gas wellhead prices were deregulated. By 
that time, prices were so much lower than had been projected in the early 
part of the decade that regulatory limits had little effect on the sales price. 

Congress recognized that there was little justification for regulation 
of wellhead prices. The thousands of producers and the many buyers 
involved in the market make it highly competitive. 

■ TAKE OR PAY. A provision of many gas contracts that brought painful 
change to many natural gas pipeline companies during the last half of the 
1980s was take oi pay. Before the new approach to regulation began to 
change the way pipelines do business, a producer sold the natural gas he 
discovered under a long-term contract to a pipeline company. The con¬ 
tract required the pipeline company to purchase the gas at a specified rate, 
or "take." Even if the pipeline company did not accept delivery of that 
amount of natural gas from the producer, the pipeline company had to pay 
the producer for the agreed amount. 

The producer insisted on a take-or-pay provision because it ensured 
a constant market for the gas. He assumed this constant market when 
agreeing on a firm price for the life of the contract. Under most contracts, 
the pipeline company could recover the gas paid for, but not taken, by 
taking more than the contract volume over a specified period. As a result 
of changes in the natural gas market in the 1970s, gas pipeline companies 
found themselves with a surplus of gas but were still required to pay for 
high rates not being taken. 

When efforts to change laws to reduce the effect of take-or-pay pro¬ 
visions got underway in 1983, it is estimated that the take-or-pay obliga¬ 
tions of U.S. gas pipeline companies totaled about $16 billion. By the 
early 1990s, gas producers' voluntary renegotiations with pipeline compa¬ 
nies had dramatically reduced this liability. A few companies still had 
large take-or-pay obligations as late as 1991, but the industry's total liabil¬ 
ity was only a fraction of what it had been 10 years earlier. 

■ CONSTRUCTION BARRIERS. Just as wellhead price controls took 
away the incentive to explore for and develop natural gas reserves, other 
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regulatory policies discouraged the use of natural gas and made it difficult 
for pipeline companies to build the lines and facilities needed to capture 
new markets. 

In 1991, the Bush Administration's proposed National Energy 
Strategy (NES) said, "For example, the regulatory process for approving 
proposals to construct new pipeline capacity can result in delays of sever¬ 
al years, sometimes prompting consumers to utilize more expensive, but 
more readily available fuels. 

"Additionally, natural gas pipeline rate design policies may deter 
construction of new pipelines and may not provide sufficient economic 
incentive to pipelines that are built to offer capacity at prices that would 
encourage ma x i m um efficient use of natural gas." 1 2 Finally, the report said, 
substituting regulatory judgment for the judgment of the market inhibits 
competition. 

It called for significant reforms related to building new pipeline 
capacity, pricing of pipeline services, third-party access to pipeline ser¬ 
vices, and imports and exports. The NES noted that as of 1991, interstate 
pipeline companies can build new capacity only if such construction is 
authorized by federal law. 

At that time, there were three routes to authorizing construction: 

1. Under section 7(c) of the Natural Gas Act of 1938, pipelines were 
required to obtain certificates of "public convenience and 
necessity" from FERC before serving new customers or building 
additional facilities. Pipelines that obtain these certificates are 
granted the right of eminent domain in federal courts. 
Certification requirements are often complex, costly, and time- 
consuming. And potential competitors of proposed new pipelines 
can intervene in these proceedings to try to delay construction or 
attach terms and conditions of service to the certificate. 

2. In Order No. 436 in 1985, FERC adopted a more streamlined 
alternative to the process called "Optional Expedited 
Certificates." Under that program, FERC would expedite the 
certification process for a company willing to accept the financial 
risk of building a pipeline. Because the pipeline company accepts 
the financial risk of the project, FERC does not review whether 
there is sufficient supply or customers for the project to be 
profitable. Still, this expedited process could take years for FERC 
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approval because of the environmental review required and other 
conditions. 

3. FERC's interpretation of section 311 of the Natural Gas Policy 
Act of 1978, allowed interstate pipelines to transport gas in an 
expedited fashion. Pipeline companies had more flexibility to 
build new capacity to handle section 311 transactions. But court 
action narrowed the application of section 311 and caused 
uncertainty about when it could be used for construction. 





Federal certification was considered necessary in 1938 when the 
natural gas industry was in its infancy. Certification was needed, 
Congress thought, to prevent wasteful duplication of pipeline facilities, to 
provide security of supply for consumers, and to protect investors. Then 
pipelines were required to demonstrate that they had sufficient reserves 
to serve consumers before construction could begin. 

The regulatory reforms involving natural gas pipelines called for by 
the NES were well underway by the early 1990s. 

By 1990, a comprehensive gas pipeline network served about two- 
thirds of all U.S. counties; 85% of all gas sales by pipelines are to local 
distribution companies served by two or more pipelines. 1 The long-dis¬ 
tance gas pipeline industry in the U.S. was a mature, sophisticated multi¬ 
billion dollar industry in the midst of wrenching change. 


THE NEW 

REGULATORY CLIMATE 


here are several key parts to the new gas pipeline regulatory 
environment in the United States. But in the simplest terms, 
the revolution in gas pipeline regulation that began in the 
mid-1980s transformed pipeline companies from merchants to 
transporters. Historically, pipeline companies bought natural 
gas from producers, transported it to markets, then resold the 
ga^^ocal distribution companies. Producers can now sell directly to 
LDCs or industrial customers, and pipeline companies must transport 



that gas for a fee. 

The opportunity for producers to sell directly to LDCs and industrial 
customers, coupled with a surplus of natural gas during most of the 1980s, 
made marketing the biggest challenge for pipelines and producers alike. One 





result was the proliferation of "gas marketers." These companies, often sub¬ 
sidiaries of pipeline companies or producers, assembled gas from smaller 
producers into large-volume packages for sale to industrial users and LDCs. 

As part of a massive restructuring to cope with the changing regula¬ 
tory environment, many pipelines in the late 1980s reorganized their 
firms into separate operations and marketing units. According to Oil 
Gas Journal, The operations units generally work to reduce transporta¬ 
tion costs and provide a growing range of transportation services, thereby 
attracting shippers and keeping the pipeline full. 

The marketing units, on the other hand, are driven by volume and 
margin. At some pipelines, the units operate as separate profit centers." 2 

Another result of regulatory and market upheavals in the last half of 
the 1980s was a dramatic change in contract term. Traditionally, pipeline 
companies bought gas reserves on long-term contracts; a 20-year term was 
common. Typically, these contracts had provisions to accommodate esca¬ 
lating wellhead prices. 

A dramatic shift to much shorter-term contracts and spot purchases 
of natural gas characterized the mid-1980s. Much of the gas transported 
by the late 1980s was through 30-day transactions. Almost 80% of the 
throughput of one big pipeline system was on 30-day transactions,- 50% of 
the throughput of another system was "spot" gas, gas purchased on the 
short term, or spot, market. 2 

As the 1990s began, gas sellers began to return to longer-term con¬ 
tracts in order to gain customers' confidence in the natural gas supply and 
capture new markets. There was another result of the dramatic change in 
how natural gas was bought, sold, and transported. Suddenly, pipeline 
companies had many more companies and transactions to deal with. And 
because many of these transactions were short term, the parties involved 
changed frequently. Arranging for and accounting for all these transac¬ 
tions, from wellhead to market, became a critical function. 

Transporting gas for others rather than buying it and reselling it is 
only one of the characteristics of the new gas pipeline industry in the 
United States. Separate pricing of individual services also began to take 
shape in 1991, and speeding up construction of new capacity was a top 
priority of regulators. At that time there was still much to be done in 
transforming U.S. natural gas pipelines into a more market-driven indus¬ 
try, but progress was accelerating. 

Since 1985, several FERC "orders" had specified how certain aspects 
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of gas pipeline operations were to be changed to bring more competition 
to the industry and to expand markets. Because the key participants in 
the gas supply and distribution system—producers, long-distance 
pipelines, LDCs, state utility commissions—often have conflicting inter¬ 
ests, these FERC orders were challenged in court. Some were revised as a 
result of court challenges, and the revision later accepted by the court. 

■ ORDER 500. Federal Energy Regulatory Commission Order 500 was 
issued to satisfy court objections to an earlier order designed to promote 
competition among pipelines. 

Order 436 issued by FERC in October 1985 directed that pipelines 
separate their merchant and transportation roles. Pipelines had to commit 
to provide transportation on a nondiscriminatory basis. Local distribution 
companies could switch from firm sales to firm transportation agree¬ 
ments, but the pipelines weren't relieved from take-or-pay contract oblig¬ 
ations with producers. The parties involved appealed and the District of 
Columbia appeals court returned the order to FERC for failure to show its 
authority or reasoning for restructuring the pipeline industry. 

But the court did not accept Order 500 either, and ordered FERC to 
revise it, too. 3 Even though the court criticized FERC's handling of take- 
or-pay settlements, much of that settlement had already been accom¬ 
plished by the time the order was struck down. 

The Commission issued a final rule for its open access transporta¬ 
tion program for U.S. interstate pipelines, Order 500-H, in late 1989 to 
resolve the court's objections to Order 500. It reported at that time that 
pipelines were using the program to resolve take-or-pay problems. Order 
500-FI retained rules on nondiscriminatory transportation by gas 
pipelines, but changed the treatment of take-or-pay costs to satisfy the 
court's objections. Another challenge was mounted to the order, but in 
1990, a court upheld Orders 500-H and 500-1. 

■ A NEW DIRECTION. Open access represented a dramatic change of 
direction for the natural gas pipeline industry in the United States. And it 
came at a time when a capacity surplus kept gas prices in turmoil. 

As the 1990s began, some details of the new pipeline regulatory cli¬ 
mate in the United States were still to be defined. But the direction was 
clear: more competition among pipelines to provide transportation ser¬ 
vices and to serve new markets, and a much smaller merchant role. 
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Though competition has been brought to the gas pipeline industry, 
it will continue to be regulated. There will be a need to protect consumers 
without alternate suppliers, and shippers without another way to move 
gas to market. Pipelines will be required to offer transportation and other 
services for third parties on a nondiscriminatory basis. 

■ MEGA-NOPR. In 1991, a Notice of Proposed Rulemaking (NOPR) 
was issued by FERC that addressed a number of regulatory issues. 
Referred to in the industry as "Mega-NOPR," it was an effort to resolve 
a number of gas pipeline deregulation issues. This regulatory proposal 
was the result of the FERC efforts that began in the mid-1980s to 
revamp the natural gas industry. It was an attempt to relieve pipelines of 
much of the burden of litigation over rates, construction permits, and 
other facets of operation, and to let the market rather than politics guide 
the industry's actions. 

As competition for energy markets got tougher and prices weak¬ 
ened, gas producers and the natural gas pipeline industry needed to focus 
on developing markets and the systems to serve them. Removing some of 
the most onerous regulatory and legal burdens was seen as a necessary 
first step in this process. 

The mega-NOPR had three broad objectives: to separate pipeline 
sales and transportation service ("unbundling"), to provide equivalent 
access to pipeline transportation, and to redesign pipeline tariffs. Different 
segments of the industry objected to various parts of the rulemaking pro¬ 
posal. Some pipelines, for example, argued that unbundling of services 
would hinder their ability to provide bundled service on short notice to 
assure distribution companies of supplies during periods of peak demand. 
The proposal, however, did not prohibit bundling of services, it only 
required that they first be unbundled so pipeline customers can buy only 
the services they need. Pipelines can then repackage services to meet cus¬ 
tomer demand. 

In early 1992, a technical conference was scheduled to discuss oper¬ 
ational aspects of the mega-NOPR. The conference was to explore ques¬ 
tions regarding the pipeline industry's ability to provide a delivery service 
on demand if the commission adopts its proposal to mandate the 
unbundling of pipeline sales and transportation services except for small 
customers. The main purpose of the conference was to obtain additional 
information on pipeline operations in order to analyze operational issues 
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associated with the unbundling proposal. The pipeline and distribution 
companies calling for the conference said they were not trying to delay 
the rulemaking, but wanted to help FERC understand the operational 
aspects of the proposal before its implementation. 

Order No. 636, which generally follows the mega-NOPR, was issued 
by FERC April 8, 1992. FERC expected Order No. 636 to complete the 
transition to an open access gas transportation system begun by Orders 
436 and 500. Order No. 636 was still being fine-tuned in mid-1992. 
Pipelines must comply with the order before the 1993-94 winter heatmg 
season. 

■ EUROPEAN COMMUNITY. The gas industry in Europe was also set 
for change in the early 1990s as preparations for the creation of a single 
market throughout the member states of the European Community 
gained speed. The goal of the single market movement is to create a single 
economic and political unit in which there is free movement of goods, ser¬ 
vices, personnel, and capital. In the energy industry, a goal is to bring 
greater integration and competition among the various energy sources. 

One important issue was whether or not to open up the tightly con¬ 
trolled natural gas pipeline network to third party users to provide more 
competition. 4 The big gas companies claim that the industry is based on a 
small number of companies with the financial strength and markets to 
sign huge contracts that justify the development of high-cost offshore gas 
reserves. Opening up the network to third parties would undermine the 
strength of the major companies and ultimately affect the development of 
new North Sea gas resources, which in turn would undermine Europe's 
security of supply. 

European gas companies are studying developments in U.S. pipeline 
regulation, but one European gas pipeline executive said the difference 
between U.S. and European networks is that there is no capacity in 
Europe's pipelines for third party gas. Common carriage would create 
pseudocompetition and would not lead to lower costs and lower prices, he 
said. Real competition would be created by extending the right to build 
pipelines. 

The British market offers an example of progress in stimulating 
competition by opening a transmission system to common carnage and 
encouraging competition. Britain's gas regulating authority has ensured 
new companies access to British Gas' nationwide network. The govern 
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ment also limits the amount of gas offshore operators can sell to British 
Gas to 90% of the output from a field. This, too, has brought increased 
competition. 

As the United Kingdom's electricity industry is privatized, new 
pipelines are being planned to supply private power generating stations 
and other industrial customers. New companies are gaining market share. 

In France, Italy, Denmark, Spain, and Greece, markets are tightly 
controlled and there is little competition. Competition is permitted in 
Holland, but one company dominates the market. The situation is similar 
in Germany where the existing merchant companies have a tight hold on 
the market, but there are plans to build new pipeline capacity. 

In 1990, the European Commission adopted a communication to the 
Council on the establishment of a priority action program for developing 
and reinforcing trans-European networks and interconnections in four 
fields considered essential to achieving market unity: telecommunica¬ 
tions, transportation, energy, and training. The goal was to resolve "miss¬ 
ing links" or bottlenecks and to improve connections with the 
Community's outlying regions, including central and eastern Europe and 
Mediterranean countries. During the period from 1991 to 1995, the priori¬ 
ty list included interconnections involving Ireland/United Kingdom; 
France/Spain/Portugal; Belgium/Germany; Germany/Denmark; 
Denmark/Norway; United Kingdom/The Continent; Italy/Corsica/ 
Sardinia,- and Spain/Morocco. 

Other priorities included the reinforcement of the Transmed 
pipeline and projects to open up new ways to bring Norwegian gas to 
Europe. The Commission has also issued directives aimed at improving 
the "transparency" of natural gas prices. 

Committees were also working in the early 1990s on the questions 
of third party access, and how to build a Europe-wide gas market by 1992 
that would be more competitive and give consumers a wider choice. 

Australia, too, is discussing a natural gas strategy that would reduce 
barriers to free interstate trade in natural gas. Among the goals of that 
proposed strategy, outlined in a statement to Parliament by the Minister 
of Resources in late 1991, were 5 

1. "Adopt a "light-handed' approach to the regulation of interstate 
pipeline operations, addressing the areas of discriminatory 
pricing, pipeline monopoly abuse, and third party access as appro 
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priate through the Trade Practices Commission and Prices 
Surveillance Authority. 

2. "Implement reform of the Pipeline Authority to give it a more 
commercially oriented role." 


CONTINUED 

REGULATION 



ven with the dramatic shift to a more competitive pipeline 
transportation industry in the United States, and perhaps in 
Europe, there is no doubt that continued regulation is likely, 
even desirable. 

In the United States there will continue to be regulation 
of pipeline rates. But the trend is toward more flexibility in pricing of 
both natural gas and the services a pipeline provides. "Unbundling of 
pipeline services is a key goal of the transition to the new pipeline regula¬ 
tion environment in the United States. In this concept, the various ser¬ 
vices that pipelines provide—transportation, balancing, marketing, gas 
purchasing, and storage—would be priced and sold separately. Customers 
could choose the services they need and pay only for those services. 


■ OIL PIP ELIN ES. It has been proposed that U.S. oil pipeline regulation 
be eliminated, except for those pipelines operating in markets where suffi- 
cient competition from other oil pipelines, trucks, barges, or railroads 
does not exist. Deregulation would eliminate about $10 million of unnec¬ 
essary government and industry administration costs and would result m 
improved pipeline efficiency. 

Current oil pipeline regulation in the United States results from leg¬ 
islation passed in the early 1900s. It imposed rate and service regulation 
to insure that pipelines earned a "just and reasonable" rate of return and 
provided nondiscriminatory access to shippers. Many oil pxpelmes are 
common carriers. 
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‘ onsidering the volumes 

C of oil and natural gas 
that are moved from 
I field to market, petrole- 
I um transportation has 
an enviable record of safety and 


environmental protection 

Pipelines particularly have 
very low accident rate. Tanker 
transportation of crude oil has 
resulted in a few spectacular acci 


dents that have focused attention 
the effect of oil spills and 


brought new legislation. But even 
the volumes involved in these 
widely publicized spills are an 
infinitesimal part of the total vol 


ume of oil moved by tanker. 

The grounding of the Valdez in 
Alaskan waters spilled 258,000 
bbl of crude. But tankers had 
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made more than 8,700 trips through the narrows and sound since the 
Valdez terminal was opened at the end of the trans-Alaska pipeline that 
brings crude from Alaska's North Slope. Alaska crude accounted for about 
one-fourth of U.S. oil production during the 1980s. 

According to the American Petroleum Institute (API), in the decade 
prior to the grounding of the tanker Valdez in 1989, "the total oil spilled 
in all incidents—encompassing any pollution down to slight sheens on 
the water surface—accounted for about 0.01% of the total volume of oil 
shipped by tanker. In other words, 1 gal of oil was spilled for every 10,000 
gal carried." 

Pipelines can point to an even better record, and offer one of the 
most efficient ways to transport petroleum on land and for short distances 
in relatively shallow water. 

Important new safety and environmental protection requirements 
were added for all segments of the energy industry during the 1980s in 
many regions of the world. 

In 1990 passage by the U.S. Congress of amendments to the Clean 
Air Act called for much stricter air quality levels that will mandate new 
transportation fuels. U.S. refiners were busy in the early 1990s preparing 
to drastically reformulate gasolines, and alternative transportation fuels 
were being studied. Though U.S. regulations are stricter, European refin¬ 
ers are also rapidly converting to the production of unleaded gasoline. And 
in one of the fastest growing markets for transportation fuel—the Far 
East—the trend towards unleaded gasoline and sulfur-free diesel is accel¬ 
erating. 

In the North Sea, the investigation of an offshore platform disaster 
that killed 167 workers brought new rules aimed at the safer operation of 
offshore oil and gas facilities. 

Virtually all phases of oil and gas production, processing, and trans¬ 
portation are affected by the growing emphasis on safety and environmen¬ 
tal protection. Meeting these requirements will be costly, and the cost 
will eventually be borne by the consumer. The API released a study in 
late 1991 that estimated the added cost to the petroleum industry in the 
United States of new or potential environmental regulations would be 
$15-$23 billion/year in the late 1990s. Estimated petroleum industry 
costs represent 12%—17% of what the API expects to be total national 
environmental outlays in 2000. 1 

Even more dramatic—and more costly—environmental protection 
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measures are being considered. The most far reaching of these is the idea 
of a carbon tax to reduce consumption of hydrocarbons in order to cut 
carbon dioxide (C0 2 ) emissions. The fear of global warming and its effects 
is behind the movement to restrict use of oil, natural gas, and coal by 
imposing a severe tax. As a greenhouse gas, higher C0 2 emissions result¬ 
ing from increased use of hydrocarbon energy would risk global wanning, 
according to some analysts. 

But many scientists and researchers do not agree that global warm¬ 
ing is underway. And if temperatures do rise by 1°-3°C over the next sev¬ 
eral decades, many do not agree that severe problems would result. 
Studies by the U.S. Department of Energy and others at about the same 
time came to a common conclusion: efforts, like carbon taxes, to reduce 
carbon dioxide emissions would impose enormous costs yet promise little 
if any reduction in global warming. 2 

Despite a lack of scientific evidence that global warming is a threat, 
there is a good chance that carbon taxes will be assessed. The European 
Commission in late 1991 was pressing to tax carbon in fuels burned in 
European community nations. On the schedule proposed, the tax would 
begin in January 1993 at $3/bbl and rise in yearly increments of $l/bbl, 
reaching $10/bbl in 2000. 

There was considerable disagreement among member nations about 
the way the tax should be levied. Most solid support came from Germany, 
Denmark, Holland, Belgium, Luxembourg, and Italy. 

Such environmental taxes would not directly and immediately 
affect pipeline operations. But they could have a dramatic effect on oil and 
gas demand, the market shares of each. These changes could certainly 
alter the way petroleum pipelines are built and operated. 


PIPELINE SAFETY 



t is not possible to separate many pipeline safety issues from 
environmental issues. In addition to preventing risk to life 
and property, a safe pipeline is one that will not leak or burst, 
releasing oil or gas into the water and air. 

In recent years, much of the attention paid to safety and 
environmental protection in the transportation of oil and gas has been 
focused on tanker transportation of crude oil. Though most oil spilled 
into the world's oceans by tankers is in small amounts, a few dramatic 
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large-volume spills have influenced legislation and operating procedures. 

In the late 1980s, tanker regulation got much of the publicity, but 
pipeline safety and environmental regulations were also strengthened in 
many regions. Environmental requirements affecting pipelines often focus 
on preventing damage to scenic and historical areas during the construc¬ 
tion of new lines. Of course, the air and water quality requirements that 
operating pipelines must meet also are important. 

Increased concern about the safety of pipeline networks that have 
been in service for long periods has also brought new regulations and an 
increase in pipeline rehabilitation activity. That activity is highest in the 
United States because its pipeline network has long been established, but 
concern will grow in other areas as systems mature. 

New regulations are not the only tool being used to improve 
pipeline safety. Sophisticated risk analysis and safety engineering studies 
now give pipeline operators a much better grasp of the hazards involved in 
a particular project and how to minimize risk. Leak detection is also an 
important part of pipeline safety. Leak detection equipment and tech¬ 
niques have become highly sophisticated as monitoring equipment and 
computer analysis software advanced. 

One system installed to improve the leak detection capability of 
two crude oil pipelines in Texas is an example of how dramatically leak 
detection has improved. That system used the pressure point analysis 
(PPA) method as part of the pipelines supervisory control and data acqui¬ 
sition (Scada) system. 3 The pipelines previously had a leak detection sys¬ 
tem that initiated alarms when the rate of change of pressures and flow 
rates were abnormal. It also involved a line balance that was manually 
calculated every 3 hours from telemetered readings and readings phoned 
in from the field. 

Using this system, a 300-400 bbl/hr leak could be detected within 3 
hours on one pipeline and an 800-900 bbl/hr leak could be detected with¬ 
in 3 hours on the other line. But field tests with the PPA system indicated 
a 50 gal/min leak (less than 1 % of flow rate) could be detected within 10 
minutes. Simulated leaks of less than 25 gal/min (35 bbl/hr) were detected 
within 2 minutes during the field test. 

Operation of the system showed it could be expected to detect leaks 
of 100-200 gal/min within 10 minutes. 

■ THE CULLEN REPORT. Offshore pipelines also are the subject of a 
growing body of regulation. 


THE CULLEN REPORT’S MOST IMPORTANT REQUIREMENTS 

Here are the most far-reaching requirements that will flow from recommendations in the Cullen report 

.Formal safetv assessments with each operator submitting a safety case and safety management system 
coveringdesign and operation of each installation to meet stated objectives rather than regulations. 

-A^'^g 1 eTegInato^bo^to'^ep°ac^saVel^ functions of U.K. Department of Energy and Department of Transport 

•Standardization of permit to work systems. 

•Temporary safe refuges with protected escape routes and embarkation points. 

•All key processes to be controlled from control room manned around the clock. 

•Upgraded standby vessels with two fast rescue craft 
•150% lifeboat capacity and 100% liferaft capacity. 

•Ladders, stairways, and ropes for escape to the sea. 

•Smokehoods and improved survival equipmentfor all offshore personnel. . 

•Location and resistance of fire and blast walls determined by safety assessment not regulabons. 

•Promotion of integration between active and passive fire protection systems. 

•Fire water deluge, emergency power, shutdown, and communications systems able to withstand severe accidents. 
•Improved emergency training and more offshore emergency drills. 

•Improvements in subsea safety valves. 

•Systems for emergency dumping of oil inventories in separators. 

•System to determine emergency availability and capacity of helicopters. 

•Better emergency training for offshore installation managers. 


A renewed emphasis on the safety of offshore facilities—pipelines, 
platforms, drilling rigs—resulted from an inquiry into the explosion and 
fire on the Piper Alpha platform in the North Sea in July 1988. The cause 
of that explosion, which claimed 167 lives, was investigated by a Scottish 
judge, Lord Cullen. In November 1990, Cullen issued a report on the 
cause of the fire, and a total of 106 recommendations on offshore opera¬ 
tions designed to prevent another catastrophe (Table 14-1). 

The bulk of these changes involved offshore platform design and 
operation, and safety procedures. The permit-to-work system, aimed at 
insuring that isolation valves and other equipment are properly positioned 
for maintenance and repair work, was cited as one of the causes of the 
Piper accident by the Cullen investigation. 4 

Though many of the recommendations dealt with platform "top¬ 
side" design and operation, the Cullen report also focused on the safety of 
offshore pipeline networks. The recommendations made in the Cullen 
Report not only caused substantial change in the design and operation of 
offshore facilities in the North Sea, they are being used as a guide in other 
offshore areas around the world. 

The U.K. government accepted all of Cullen's recommendations, 
including transferring authority for safety in U.K. waters from the 
Department of Energy to the Health and Safety Executive, an independent 
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body financed by the government. Under this arrangement, the HSE will 
establish parameters and timing of safety assessment submissions and 
will approve safety cases for individual platforms. Then it will insure 
that the operator's safety system for monitoring and auditing safety is 
working effectively. 5 

Though the Cullen report did not specify that subsea isolation 
valves be fitted to all subsea pipelines, it did say that provisions had to be 
made to prevent hazards from risers and pipelines. Many companies 
moved to install additional emergency shutdown valves (ESVs) and to 
relocate them to positions recommended by regulations. 

Shortly after the Piper Alpha explosion, a preliminary technical 
investigation concluded that much of the damage could have been~pre- 
vented if ESVs (Fig. 14—1) on pipelines coming to the platform had been 
located as close to the sea level as possible, or if a second ESV had been 
located in the pipeline on the seabed. This preliminary investigation indi¬ 
cated that gas from an incoming gas pipeline and a backsurge of gas from 
two outgoing gas lines made the disaster worse. 6 

In 1990, Shell U.K. Exploration and Production (Shell Expro), opera¬ 
tor for the Shell/Esso group, planned to spend as much as $165 million on 
the installation and relocation of platform ESVs. It also planned to spend 
$99 million installing six subsea ESVs. 

In addition to requiring provisions to prevent hazards from risers 
and pipelines, the report recommended studies to improve the reliability 
and reduce the cost of subsea valves. New regulations also required opera¬ 
tors to have procedures for shutting down production in the event of an 
emergency on another platform connected by pipeline. Other recommen¬ 
dations of the Cullen investigation involving pipeline operations included 
minimizing the number of pipeline connections to offshore platforms; and 
studies of the feasibility of emergency dumping of large oil inventories in 
vessels in a safe manner to reduce the supply of fuel that could feed a fire. 

■ U.S. SAFETY REGULATIONS. In the United States, the safety of nat¬ 
ural gas and liquids pipelines is the responsibility of the DOT. DOT 
enforces the provisions of the Natural Gas Pipeline Safety Act, the 
Hazardous Liquid Pipeline Act, and the Hazardous Materials 
Transportation Act. Under these laws as amended, the DOT was regulat¬ 
ing 2,300 interstate natural gas pipelines and 170 interstate hazardous liq¬ 
uids pipelines by the late 1980s. Most states also regulate pipelines within 
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Fig. 14-1 The 24-in. ESV for Claymore’s oil pipeline from Texaco’s Tartan platform awaits instal¬ 
lation. Source: Oil & Gas Journal, 7 May 1990, p. 67. 


their borders and some states also inspect interstate lines for DOT. 

Rules for design, construction, and operation of natural gas and liq¬ 
uids pipelines are set forth in the Code of Federal Regulations, Title 49- 
Transportation. Regulations regarding pipe steel, welding procedures, 
installation procedures, safety systems, and many more areas are covered 
in CFR 49. It also describes procedures for reporting leaks and making 
inspections, and specifies penalties for noncompliance. 

Regulations are detailed and specific. Subjects covered for natural 
gas pipelines include: 

1. Materials. Including steel pipe, cast iron pipe, plastic pipe, and 
copper pipe; marking of materials; pipe transportation. 

2. Pipe design. Design formulas and design factors for steel pipe, 
and the design of pipe made from other materials. 

3. Design of pipeline components. Valves, flanges, other fittings, 




welded components, compressor stations, instrumentation and 
control equipment, safety equipment. 

4. Welding of steel in pipelines. Qualification of welding procedures 
and welders, preparation for welding, preheating, stress relieving, 
inspection, testing, repair. 

5. Joining of materials other than by welding. Cast iron, plastic, and 
other types of materials. 

6. Requirements for corrosion control. External corrosion control 
methods, monitoring, inspection,- internal corrosion control; and 
atmospheric corrosion control. 

Many areas discussed in the portion of CFR 49 covering liquids 
pipelines are similar to those for natural gas pipelines. For liquids 
pipelines, the rules cover accident reporting, design requirements, con¬ 
struction, hydrostatic testing, operation, and maintenance. U. S. federal 
pipeline safety regulations also require extensive reporting of safety-relat¬ 
ed conditions and incidents. 

■ OFFSHORE BURIAL. It has long been necessary to bury offshore 
pipelines below the seabed to avoid damage from ship anchors, fishing 
gear, and other hazards. The depth of burial and rules for inspection differ 
according to the government or regulatory body involved, and the area in 
which the pipeline is located. Shallow waters and bays typically require 
deeper burial because of heavy ship traffic. 

For example, in the United States, a DOT rule issued in late 1991 
describes the inspection and burial of offshore gas and hazardous liquid 
pipelines. 7 Under this rule, operators of natural gas and hazardous liquid 
pipelines are required to conduct an underwater inspection of pipelines in 
the Gulf of Mexico and its inlets located in water less than 15 ft deep by 
November 1992. Under the rule, any pipelines which are exposed or oth¬ 
erwise present a hazard to navigation are to be reported to the Coast 

Guard and marked with a buoy. Those pipelines must be buried wi thin 6 
months. 

In this rule, an exposed pipeline is one that protrudes above the 
seabed in water less than 15 ft deep, measured from the mean low water 
level. A hazard to navigation in this rule is defined as a pipeline where 
the top of the pipe is less than 12 in. below the seabed in water less than 
15 ft deep. The rule requires that pipelines in the shallow waters of the 
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Gulf of Mexico be buried so that the top of the pipe is 36 m. below the 
seabed for normal excavation, and 18 in. for rock excavation. 

Some pipelines have been buried much deeper. In busy shipping 
lanes, burial to depths of 10 ft or more below the seabed may be required. 

There are, of course, many more aspects of offshore pipeline safety. 
Beginning with pipe design and material selection, safety is a critical con¬ 
sideration during installation of an offshore pipeline, even though a leak 
will not occur immediately if the line has not yet been put into service. 

Safety begins when calculating the proper pipe size and wall thick¬ 
ness to handle the design operating pressure,- formulas for calculating wall 
thickness include a design safety factor. Quality control in the manufac¬ 
ture of the pipe is an important link in the safety chain. And finally, such 
risks as buckling of the pipe during laying must be minimized. 

AIR AND 
WATER QUALITY 

egulations governing hazardous wastes vary widely from 
country to country. In the United States, the Resource 
Conservation and Recovery Act (RCRA) plays a key role in 
determining environmental standards. 

The Act was passed in the mid-1960s, but was scheduled 
for reauthorization by the U.S. Congress in 1992. That reauthonzation 
was expected to tighten some rules, and expand the classification of haz¬ 
ardous materials. 

RCRA fulfills three functions: * 

1. It defines a hazardous waste 

2. It establishes a U.S. Environmental Protection Agency (EPA) 
identification number for each generator of hazardous wastes 

3. And it requires the manifesting of each shipment of hazardous 
waste that leaves the site of its generation. This is the key to the 
RCRA's hazardous waste tracking system. 

Under RCRA, a solid waste is any material discarded or intended to 
be discarded; it may be solid, semisolid, liquid, or contain gases. A solid 
waste is hazardous if it is one of more than 400 materials listed as a haz¬ 
ardous waste or it exhibits one or more of the characteristics of hazardous 


















waste: ignitability, corrosivity, reactivity, or toxicity. 

The Hazardous and Solid Wastes amendments to RCRA passed in 
1984 called for improved procedures for defining toxicity and added 25 
additional organic constituents to the toxicity characteristic list. An 
improved leaching procedure for defining toxicity characteristics also was 
called for. The toxicity characteristics leaching procedure (TCLP) replaced 
the former extraction procedure toxicity test in late 1990. 

According to one company spokesman, natural gas pipelines do not 
generate a lot of listed hazardous waste materials,- most wastes are "char¬ 
acteristic" under the TCLP procedure. 8 Typical pipeline wastes are con¬ 
densates from compressors, cleaning solvents, and waste oil. One esti¬ 
mate is that each gas pipeline compressor station might produce an 
average of 20,000 gal of waste oil per year, depending on how much main¬ 
tenance is performed on engines, how many hours the engines run, and 
how often the manufacturer recommends draining the engine oil. But 
waste oil is not necessarily a hazardous waste and most U.S. companies 
sell it to refiners. 

Land application of used oil is closely regulated, and most compa¬ 
nies do not use that disposal method because it can result in future liabili¬ 
ty. For pipelines, as well as for other industry operations, benzene is a 
hazardous waste that must be carefully controlled. 

Another important aspect of RCRA is the mixture rule. Mixing of 
any listed hazardous waste with a nonhazardous waste renders the mix¬ 
ture hazardous. 

Auditing of waste handling procedures is critical in avoiding pollu¬ 
tion and complying with air and water regulations. RCRA makes genera¬ 
tors of hazardous waste responsible for that substance from generation 
through disposal, and beyond. So pipelines must also insure that disposal 
and handling contractors are reliable and capable. 

Water can also pose disposal problems for crude oil pipeline opera¬ 
tors. When pipelines are pressure tested with water during installation, 
hydrocarbons can become mixed with the water. And materials from the 
bottom of storage tanks-water mixed with hydrocarbons-must be prop¬ 
erly handled. One products pipeline operator reported that "waste water is 
by far our largest waste stream." Before TCLP was implemented in 1990, 
waste water was generally nonhazardous. But the benzene restriction now 
makes much of this company's waste water hazardous. A level of 0.5 
parts per million (ppm) of benzene in the leachate of a substance tested 
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under the TCLP makes the substance hazardous. 

Another source of hazardous waste is the sludge that results from 
pipeline pigging operations. Scraper and cleaning pigs deposit waste mate¬ 
rials at pig receipt sites that must be tested under TCLP; the material will 
likely contain hazardous levels of benzene and listed metals. 

In the United States, state air and water quality rules also affect 
pipeline operations. In some states, regulations are more restrictive than 
federal requirements. To help meet all these standards, industry organiza¬ 
tions have also published guidelines and recommended procedures. The 
Interstate Oil and Gas Compact Commission, for example, has published 
guidelines on handling oil field wastes. 

The Clean Water Act influences pipeline construction in the United 
States, especially through its requirements for wetlands permitting. 
Reauthorization of the CWA was expected in 1992, after Congress dealt 
with RCRA reauthorization, and wetlands restrictions were likely to 
change. 

Other pipeline safety bills will likely be amended to provide addi¬ 
tional environmental protection. 

■ PCBs. Though control of polychlorinated biphenyls (PCBs) falls under 
the Toxic Substances Act rather than RCRA, their presence in and along 
gas pipeline systems was a problem in the United States for most of the 
1980s. Most natural gas pipeline operators found PCBs in their system and 
developed a cleanup and monitoring program. PCBs were widely used in 
transformers, as heat transfer fluids, and in compressor lubricants. PCBs 
were not designated as a hazardous substance until passage of the Toxic 
Substance Control Act in 1976. 

In 1992, Tennessee Gas Pipeline Co. was assessed a $15.7 million 
administrative penalty by the Environmental Protection Agency for PCB 
disposal violations. EPA charged the company with illegally disposing of 
PCBs from 26 pipeline compressor stations; the company said it quit 
using PCBs in 1972.’ Tennessee Gas had already spent about $60 million 
to clean up contaminated sites, and had set aside another $250 million for 
additional cleanup work. Texas Eastern Transmission Co. was also fined 
$15 milli on in 1991 for PCB violations in several states. 

In 1989, the Gas Research Institute began a program to deal with the 
technical aspects of managing PCB residue. The first step was to measure 
and analyze statistical data on PCB contamination of gas transmission 
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pipelines, and review remediation programs involving condensate, soil, 
pipelines, and surface facilities. 

The GRI work includes developing information on physical proper¬ 
ties and analytical methods for PCB condensate mixtures, the soil-water 
partitioning behavior of these mixtures, and an evaluation of the risks 
associated with typical pipeline operations and abandonment. Future 
work will focus on understanding the migration of PCBs in pipeline sys¬ 
tems, and will evaluate and develop treatment, control, and analytical 
methods. 

Another approach to the problem was the use of PCB-eating 
microorganisms. Texas Eastern Gas Pipeline Co. tested this approach in 
the summer of 1991 by injecting the organisms into a 40 ft by 12 ft test 
area of PCB contaminated soil near a compressor station in Louisiana. 8 
The organisms were developed at Louisiana State University specifically 
for use in PCB contaminated soils. 

■ AIR QUALITY. Another important environmental standard in the 
United States is the federal Clean Air Act. Congress passed far-reaching 
amendments to the Act in 1990 that will have a significant impact on 
many facets of energy production and consumption. Many of the air quali¬ 
ty standards set by the reauthorized Clean Air Act will take years to fully 
implement. 

Some of the most severe requirements for the petroleum industry 
involve transportation fuels. The Act calls for changes in the composition 
of gasoline—reformulated gasoline—and greater use of alternative trans¬ 
portation fuels. 

But the Clean Air Act also affects pipeline system design, operation, 
and maintenance. Substances of concern to pipeline operators include car¬ 
bon dioxide, hydrogen sulfide, and mercaptan sulfur. These materials are 
often present in field gathering systems, for example, which move natural 
gas from the well to the processing plant. Pipeline operators must be con¬ 
cerned about sources of nitrous oxide, carbon monoxide, and emissions 
from compressor and pump engines. "Fugitive" emissions of benzene 
from seals on pumps, compressors, valves, meters, and storage tanks must 
also be controlled. 

■ SOUR GAS. Gas containing hydrogen sulfide (H 2 S)—sour gas—pre¬ 
sents special safety problems. Breathing hydrogen sulfide gas can be fatal 
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and special precautions must be taken to minimize the chance of a leak in 
a sour gas pipeline. 

Sour gas is transported only in gathering pipeline systems that move 
sour gas from the well to the field processing plant. At the gas processing 
plant, H 2 S is removed so the gas entering the transmission line for long 
distance movement to market does not contain toxic amounts of hydro¬ 
gen sulfide. , . 

Safety procedures and government regulations must be followed in 

the design, construction, operation, and maintenance of sour-gas 
pipelines. 10 For example, in Texas, gas transmission lines must comply 
with criteria in the U.S. Department of Transportation regulations and 
the Texas A dminis trative Code. In addition, all facilities which process or 
distribute natural gas with an H 2 S content greater than 100 ppm must 
comply with Texas Railroad Commission rules. 

Providing for the safety of sour gas pipelines involves several 

phases: 10 

1. Tests on pipe steels are recommended to insure that the 
materials have a high resistance to fracture (fracture toughness). 

2. All welds on sour gas pipelines should be radiographically tested 
(X-rayed). They should also be stress relieved to reduce the risk of 
sulfide stress cracking. Federal regulations require that at least 
15% of each day's welds be X-rayed. 

3. Sectionalizing valves should be located as required by federal 
regulations. Provision should be made to close the pipeline by 
high or low pressure detectors, and by H 2 S gas detectors. 

4. The completed line should be hydrostatically pressure tested to 
90% of the yield strength of the pipe. Maximum allowable 
operating pressure should be determined based on the hydrostatic 
test results and the requirements of federal regulations. 

5. Sour gas pipelines should include pig launchers and receivers to 
accommodate inspection with instrumented inspection pigs. 

6. The steel should pass applicable corrosion tests, and pipe should 
be coated externally with a corrosion resistant film. A cathodic 
protection system is recommended to protect the line from 
general galvanic corrosion. Internal corrosion should be 
controlled by injecting inhibitors and by careful monitoring. 









Oil and Gas Pipeune Fundamentals 
334 


Industry's safety record in handling sour gas is very good, but it 
takes careful attention to design and operating procedures to continue to 
transport sour gas safely. Monitoring and controlling hydrogen sulfide in a 
pipeline system is a key to safety, particularly in a complex system that 
involves many gas streams, many delivery points, and must meet strict 
gas quality standards. 

TANKER SAFETY 

A key reason for the emphasis on tanker safety in the late 1980s 
was an oil spill in Prince William Sound near Valdez, Alaska. 
The tanker Exxon Valdez ran aground on Bligh Reef on March 
24, 1989 and spilled about 250,000 bbl of oil. That event was 
an important influence in several areas of environmental pro¬ 
tection regulation in the United States and influenced tanker operators 
and builders elsewhere. 

In the United States, the Oil Pollution Act of 1990 (OPA) required 
that companies shipping, storing, and receiving oil in U.S. waters submit 
a satisfactory spill response plan to the U.S. Coast Guard by February 
1993. The act also defined liability for oil spills in U.S. waters. Because 
the United States must import almost half its crude oil requirements by 
tanker, spill prevention and response have a high priority. 

One response to the OPA was the formation of the Marine Spill 
Response Corp. (MSRC), a nonprofit organization funded by members of 
the Marine Preservation Association. Charter members of the MPA 
included major oil companies operating in U.S. waters. Membership in 
the MPA makes companies eligible to sign a service contract to use the 
MSRC resources, and can be an important part of the plan that must be 
submitted to the Coast Guard. 

The MSRC announced on its first anniversary in September 1991 
that it had purchased $216 million worth of vessels and equipment. 
Included were 16 large offshore response vessels at a cost of about $118 
milli on. MSRC also was to purchase about $200 million worth of skim¬ 
mers, dispersants, and 90 miles of oil spill boom. MSRC will have five 
regional response centers, located at New York; Miami; Lake Charles, La. ; 
Port Hueneme, Calif.; and Seattle. 

■ DOUBLE-HULL TANKERS. The OPA called for the phasing in of dou- 
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TABLE 14-2 


U.S. SINGLE HULL PHASEOUT CALENDAR* 
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2014 

▼ 
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containment system 


*ln all cases, vessels with double bottoms or double sides are allowed an extra 5 years to comply. 
Source: American Bureau of Shipping _ 


ble hulls on tankers operating in U.S. waters (Table 14-2), and significant¬ 
ly increased a shipowner's liability in the case of an oil spill. Under the 
act, shipowners' liability increased to $1,200/vessel ton from $ 150/vessel 
ton, with a minimum liability of $10 million for vessels larger than 3,000 
gross tons and $2 million for smaller tankers. 11 The previous cap on liabili¬ 
ty was $14 million. 

Many tanker owners around the world began to review there 
options as the OPA was being considered. Several tanker owners, includ¬ 
ing oil companies, announced plans to boycott the United States,- others 
reduced the size of their fleet to serve only their own crude transportation 
requirements. Oil companies providing crude for their own U.S. refiner¬ 
ies, however, were not likely to participate in the boycott. 

Drewry Shipping Consultants, London, estimated that about 50% of 
the world's tanker fleet was owned or operated by oil companies, govern¬ 
ments, or large independents in 1991. The rest is operated by smaller 
independent shippers. 
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There is still disagreement about the effectiveness of double hulls in 
preventing oil spills. A study of 17 tanker design concepts by the U.S. 
National Research Council (NRC) found that no design is superior for all 
accident situations. 12 But the NRC did conclude that on the basis of cost 
effectiveness, the double hull is among the best values. NRC said the dou¬ 
ble hulls, due to he phased in U.S. waters over the next 20 years, will not 
prevent all accidental spills. The study indicated, for example, that a dou¬ 
ble hull would not have prevented the Exxon Valdez spill off Alaska 
because both hulls would have been punctured by the impact. 

Problems that double hulls present can be overcome by proper 
design and inspection, according to the NRC report. On of those problems 
is that hydrocarbon vapors can accumulate in the space between the 
hulls, posing a risk of fire or explosion. There also is the perception that 
following an accident, double-hull tankers may become less stable than 
single-hull ships. The additional internal structure of double hulls also 
makes inspection and maintenance more difficult. 

About 65% of the world's tanker fleet was built before safety 
requirements were tightened in the early 1980s by the International 
Convention for Prevention of Pollution from Ships (Marpol) and have not 
met Marpol requirements. The NRC recommended that governments 
require all ships to comply with Marpol standards, which include having 
independent ballast tanks located to shield the cargo in an accident. 

It also recommended that requiring existing ships to implement 
hydrostatic loading be considered. In that procedure, oil in the cargo tank 
is kept at a level low enough to reduce the hydrostatic pressure exerted by 
the oil at the bottom of the ship to less than that of the seawater. When 
the bottom is ruptured, the difference in pressure causes water to flow in, 
rather than oil to flow out. 

A number of oil shippers announced plans to build double-hull 
tankers after the passage of the Oil Pollution Act. One, Amoco Transport 
Co., expected to place its first double-hull vessel in service in early 1993. 12 
Building a double-hull vessel adds about 15%—25% to construction costs 
compared to a single-hull design of the same size and capacity, according 
to Amoco's estimates. 

Converting the U.S. tanker fleet to double hulls would initially cost 
an estimated $4 billion, according to an API study in 1991. Then annual 
costs, beginning in the mid-1990s, would be an estimated $178 million. 

Other vessels were being redesigned. Conoco Inc. built five double- 
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hulled, 30,000-bbl capacity barges for its U.S. marine fleet to replace older 
barges. Three built to transport gasoline and distillates are equipped with 
vapor recovery and waste reduction systems. The other two will haul 
heavy fuel oil and asphalt and feature heating to insure constant product 
temperatures. All five vessels have spill retainer railings around each 
hatch to prevent accidental fluid discharge. 

SAMPLE PROJECT 

onstruction of pipelines as part of the Wytch Farm develop¬ 
ment in the United Kingdom serves as an example of how 
today's installation methods can meet stringent environmen¬ 
tal standards. Wytch Farm is located in the Isle of Purbeck on 
the southern shore of Poole Harbour in Dorset, one of 
Britain's most scenic and important conservation areas. 13 

Design and construction of the 56-mile Purbeck-Southampton 
pipeline (Fig. 14-2) were done in accordance with the recommendations of 
British Standard Code of Practice CP 2010 and the Institute of Petroleum 
Model Code of Safe Practice, Part 6. These codes require a design safety 
factor of 0.72 for cross country pipelines and a factor of 0.6 for river, road, 
and rail crossings. Because the route was so sensitive, the higher safety 
factor was used for the entire route. Pipe was electric-resistance-welded, 
manufactured to API 5L specifications for Grade X52. 

The entire line was buried to a depth of 3 ft. A factory-applied coat¬ 
ing of fusion bonded epoxy protects the pipe from corrosion, along with 
an impressed-current cathodic protection system. Extra coating thickness 
was applied on portions of the line that would be used for bored crossings 
of roads and r ailr oads. A system of isolating valves enables sections of the 
pipeline to be isolated in the event of damage, reducing the amount of oil 
that will be spilled. 

The pipeline route passes through areas designated as "Areas of 
Outstanding Natural Beauty" by the National Parks and Access to 
Countryside Act of 1949. It also passes through the Purbeck Heritage 
Coast, an area designated as part of national policy for planning control 
over undeveloped coastal areas. Other areas along the route are important 
to nature conservation and tourism, and population density is relatively 
high along parts of the route. 
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According to a report on the project, 13 the environmental assessment 
policy is designed to continue throughout the life of the project, "starting 
from production and minimization of environmental impacts at the plan¬ 
ning stage, through construction supervision to operational monitoring 
and followup environmental audit procedures." The procedure began 
with the preparation of an Environmental Impact Assessment report (EIA) 
published in April 1986 to coincide with public advertising of the pipeline 
route. 

The EIA and construction plans were used as a basis for public dis¬ 
cussion of the project. This program included a mobile information trailer 
that was positioned in towns and villages along the route. 

There were 27 statutory objections to the application for authority 
to build the pipeline, but 19 of these were withdrawn during the consulta¬ 
tion period. The remaining objections all related to a 14.5 mi section 
through two forest areas. Concerns were related to whether the pipeline 
would damage the environment; specifically, objections were raised about 
the loss of trees, woodland, or hedgerows. 

When pipeline construction authorization was issued, two of the 
conditions involved environmental protection. One required a general 
strategy to protect trees, hedges, and natural vegetation. The other related 
to noise control during construction. 

This is only one pipeline project that has met strict environmental 
protection and safety rules. But it is an example of the type of care taken 
in many countries, beginning in the planning stage and continuing 
throughout the life of the system. Another project in the Gulf of Mexico, 
though smaller, indicates the willingness of pipeline companies to accom¬ 
modate special environmental needs. Texaco announced it would reroute 
a planned crude oil pipeline and operate it at lower pressure to reduce the 
risk of damage to the East Flower Garden Bank National Maritime 
Sanctuary in the western Gulf of Mexico. 3 

The 32.5-mi, 8-in. line connects an offshore platform with an exist¬ 
ing 20-in. line, which in turn feeds into the High Island Offshore System. 
The pipeline was rerouted because authorities said if it ruptured, prevail¬ 
ing easterly currents would sweep spilled oil into East Flower Garden 
Bank. The line operates at only half the maximum operating pressure, 
providing an extra safety factor. And Texaco also installed extra pressure 
monitoring devices so the system can be shut down when pressure imbal¬ 
ances occur. 


* 
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CHAPTER 15 


TOMORROW'S 

TECHNOLOGY 


he search continues for 
better answers to 
pipeline construction, 
operation, and mainte¬ 
nance problems, many 
of which have plagued pipeline 
designers, builders, and operators 
for years. Improved technology 
will continue to be developed in 
all of these areas. Special empha¬ 
sis is expected on leak detection, 
multiphase flow, corrosion pre¬ 
vention, and metering. 

In addition, new challenges 
have been posed by the continued 
discovery of oil and gas in deep 
water and in severe onshore envi¬ 
ronments, by regulations that 
require special techniques to pro¬ 
tect the environment, and by the 
need to improve efficiency as 






operating and construction costs escalate. The few areas of development 
highlighted here are not the only technological advances being pursued. 
But general areas of interest include: 

1. Development of multiphase pumps to handle comingled well 
fluids 

2. Wider application of three-phase flow-measurement devices 

3. Continued improvement in Scada equipment, software, and 
techniques as monitoring and accounting become more complex 

4. Wider use of flow improvers to increase the capacity of liquids 
pipelines without adding pump horsepower or looping a line 

5. More use of specialized offshore equipment, such as the 
reel-lay-barge and flexible pipe to reduce construction costs 

6. For laying pipelines in very deep water, further development of 
the vertical pipelay method 

7. Techniques for more accurate measurement of both natural gas 
and liquids, a continuing need resulting from regulatory changes 
and higher product prices 

8. More sophisticated equipment and methods to monitor pipeline 
rotating equipment to reduce the cost of failure 

9. Improved pipeline leak detection methods and software to protect 
the environment and avoid the loss of valuable product 

10. Continued development of welding techniques and equipment 

■ MULTIPHASE TECHNOLOGIES. There are incentives to develop 
methods and equipment that can pump or measure mixtures of gas and 
liquids, and to understand the flow of these multiphase fluids. 

In an offshore field, for example, several wells may be completed on 
a remote satellite and manifolded together to permit transportation to a 
central processing platform. This situation may require a dedicated test 
separator on the processing platform for measurement, and two separate 
pipelines from the satellite—one for production and one for the test sepa¬ 
rator. 1 

In other cases, it is necessary to build two flowlines: one carries gas, 
the other liquid from the well. Building one line to handle all well fluids 
can provide a savings if equipment and technology are available to handle 
the fluid mixture. 

As field sizes become smaller, it is more important to reduce devel- 
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opment cost by minimizing facilities. Multiphase equipment and technol¬ 
ogy can help in this effort. 

One research program begun in 1985 resulted in the development of a 
nonintrusive multiphase meter based on the combination of a capacitance 
sensor and a gamma radiation density meter. 1 Lab tests showed the measure¬ 
ment system capable of determining the composition of a well mixed oil-gas- 
water flow to an uncertainty of better than ±3% for each of the components. 

The prototype completed field testing in an onshore oil field in the 
United Kingdom. Field tests indicated the CMI multiphase fraction meter 
can provide a useful way to monitor and manage offshore reservoirs. But 
for production allocation purposes, meters that measure the individual 
flow rates of oil, gas, and water on line are still recommended. 

Field testing of another three-phase flowmeter began in late 1989 in 
the North Sea. 1 After testing, the meter was scheduled to be installed in 
160 m of water. Development of this three-phase flow metering system 
was aimed at analyzing gas, oil, and water on the seabed without the need 
for test lines to the host platform. 

In this application, the well head is 8 mi from the platform. A con¬ 
ventional separate test facility with a subsea slug catcher, riser, and dedi¬ 
cated test separator represented between 15%-20% of the total develop¬ 
ment cost of $100 million. This three-phase metering system can be 
located either on the seabed away from the host platform, or onshore for a 
field that produces directly to shore. 

The system separates most of the gas from the product by an 
inclined plate separator, and the gas volume and mass are metered by a 
vortex meter. The total product is remixed (water, oil, crude, and some 
gas) and metered volumetrically by the primary flow sensor. 

A multiphase pump also began field operation in late 1989 in Europe 
and Malay sia One such pump was designed to handle production of 6,000 
b/d from an onshore field at 90% gas volume fraction. 1 

The line of pumps incorporates twin parallel shafts, geared to 
counter-rotate and carry pumping elements which intermesh, to give a 
constant volume axial displacement of fluid from each towards a central 
delivery branch. The unit installed in the onshore field was to handle fluid 
at very high differential pressures of up to 40 bar. Comingled fluids were 
to be taken directly from the wellhead with an inlet pressure of 9 bar and 

a gas volume fraction of 85%—90%. 

A s imilar pump, installed offshore Malaysia handled gross inlet vol- 










umes of 95,000 b/dat differential pressures up to 370 psi. The gas volume 
ps . ' 10n exceeded 97% without recirculation at inlet pressures down to 25 

In this application, comingled fluids were being taken from four to 
six wells through a manifold directly into the pump. 

■ SCADA SYSTEMS. Supervisory control and data acquisition systems 
will continue to be made more accurate, more reliable, and more capable. 

, e ™ PetUS f ° r much of this development will be increasingly complex 
eduling, and the need for better leak detection capabilities. 

Byl990 one gas pipeline company estimated it was processing three 
to four times the amount of T&E gas (gas transported for others) for about 
eight times as many contracts as had been the case only four years earlier 
However, that increase in workload was managed without an increase in 
s f byiusing a sophisticated gas information and management system. 3 

That C0 “P a ny developed an integrated set of computer programs to 
schedule, model, and monitor transportation and sales gas. L system, 
based on a DEC VAX 11/780 computer, includes a transportation gas 

“ ormatlon ' ma ^ la gement system, a supervisory control and data acquisi- 
ion system, and a gas control planning system. 

Though highly sophisticated, there is always room for refinement of 
Jese systems. Another company has developed an expert system to han- 
e pipeline scheduling.- In an expert system computer program, new data 
m the form of "rules" can be added to the software without changes in the 
basic structure of software. This process of adding new rules makes the 
progrmn more expert," and as the knowledge base is expanded, the pro¬ 
gram functions more and more like the expert it is intended to emulate 

* ew S0ft ^ are be important part of the further development 
of Scada and other scheduling, modeling, and monitoring methods. 

FLOW IMPROVERS 

Iso called drag reducers, flow improvers increase the capacity 
of crude pipelines without adding pumping horsepower or 
loopmg a line. Flow improvers have been used in crude and in 
products pipelines, and their application has expanded. Drag 

• reducers can be Particularly attractive if the need for increas- 

ing throughput capacity is not permanent. 


A 
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The drag reduction phenomenon was first observed in 1945, and 
extensive development work was done in the 1960s and 1970s. But the 
cost of flow improvers was high at that time, relative to the cost of ener¬ 
gy, making them uneconomical for use in pipelines because large quanti¬ 
ties were required. Drag reducers were used commercially in the late 
1970s. 

Several compounds were considered as drag reducers, but according 
to an early report, the most applicable is "high-molecular-weight hydro¬ 
carbon polymers in a hydrocarbon solvent, typically 10% active ingredient 
by weight in a kerosine-like solution." 5 

First commercial full-scale use in large quantities was in the trans- 
Alaska crude pipeline, where the agent had "the consistency of cold 
honey." In the trans-Alaska application, several bottlenecks restricted 
flow. When the drag reducer was first injected at Pump Station 1, through¬ 
put increased from 1.23 to 1.28 million b/d. Injection at two other stations 
along the pipeline boosted flow to 1.37 million b/d. Later injection at an 
additional pump station increased flow to 1.52 million b/d. As an example 
of the application in situations in which a need for additional throughput 
is temporary, injection of the drag reducer at one pump station was dis¬ 
continued when additional pump horsepower came onstream at that sta¬ 
tion. Use of the drag reducer in the trans-Alaska crude pipeline through¬ 
out 1980 is reported to have provided additional capacity of up to 170,000 
b/d over that which would have been available without the additive. 

An effective drag reducer must meet several criteria. It must be 
effective in small concentrations in the pipeline, able to resist degrada¬ 
tion in transit and storage, and compatible with refining processes. This 
last criterion is important because when the drag reducer is injected into 
the crude pipeline, it remains in the crude as the crude enters the refin¬ 
ery. An important goal of earlier work was the development of a drag 
reducer that will not lose its effectiveness as it passes through pumps at 
pumping stations along the pipeline. Desired properties of the first com¬ 
mercial drag reducers deteriorated when the agent passed through 
pumps, and fresh material had to be injected downstream of the pumps 
at pumping stations. 

An improved drag reducer was developed for the trans-Alaska crude 
pipeline in 1981. 6 The new agent was reported to be more cost effective 
than the first additive used, even though manufacturing cost was higher, 
because only 30%-40% as much additive was required. After considerable 


















testing in smaller-diameter pipelines, tests were run on the trans-Alaska 
crude pipeline with the new-drag reduction agent. It was injected in 
amounts equal to 93, 47, 23, and 4.7 ppm. Results indicated that for a 25% 
drag reduction, 36 ppm of the new drag-reducing agent was required, com¬ 
pared with 110 ppm of the additive used previously. Use of the new agent 
in the trans-Alaska crude pipeline began in early 1982, and flow rates were 
reported to be increased by about 200,000 b/d. 

Though some equipment must be installed for injecting the agent 
mto the pipeline, the investment in this equipment is small compared 

with that required to install additional pump horsepower or construct a 
pipeline loop. 

Other early applications for drag reducers were found in pipeline 
operations in the North Sea and in South America. There will likely be 
further use of these agents as the need for more flexibility in pipeline sys¬ 
tems increases. Supply and demand patterns change quickly, and drag 
reducers can offer a way to meet some of these changes at lower cost. 

LAYING METHODS 

■ merest will continue in developing special offshore pipelaying 
equipment as offshore oil and gas reserves continue to be 
found and the exploitation of smaller fields demands more 
cost efficiency. The reel-lay barge is one technique, and use of 
the vertical lay method to install pipelines in very deep water 
will expand. 

The reel-lay barge concept was introduced in the early 1960s. It can 
provide construction cost savings because the pipe joints are welded 
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together in a 
clean, com¬ 
fortable envi¬ 
ronment at a 
shore base, 
are spooled 
onto a reel 
(Fig. 15-1), 
and then are 
transported 
to the job site 
and unreeled 
into position. 

Offshore construction time is significantly reduced compared with the 
conventional lay barge method. The equipment and technology of reel 
pipelaying have been improved, but the approach is still primarily applica¬ 
ble to laying smaller-diameter lines of moderate length. When first intro¬ 
duced, there was some reluctance to use the method because of fear that 
the flexing of the pipe resulting from spooling and unspooling on the reel 
will decrease pipe strength and toughness. It was suggested, however, that 
these dangers can be compensated for by careful selection of pipe 
material. 7 

Santa Fe's reel-ship Apache , for example (Fig. 15-2), can lay pipe 
with diameters up to 16 in. from a reel mounted vertically on the ship. 8 
Capacity of the reel varies with the size of pipe being spooled. About 50 
mi of 4-in. diameter pipe can be spooled onto one reel; about 5.7 mi of 16- 
in. diameter pipe can be wound on the reel. Rated maximum pipelaying 
speed is 2 knots. This vessel also is equipped with a saturation diving sys¬ 
tem capable of operating in water depths to 1,500 ft and a dynamic posi¬ 
tioning system that allows it to maintain position and move along the 
pipeline route without the use of anchors. 

The vertical pipelaying, or J-curve, concept has not yet been widely 
used. It was first applied in laying small-diameter flowlines from a drilling 
vessel using procedures similar to those used for handling drillstring and 
casing during drilling. 9 But a vertical pipelay vessel is a promising tool for 
connecting oil and gas discoveries in extreme water depths to processing 
or shipping facilities. 

In conventional pipelaying from a lay barge with a stinger, the upper 
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part of the pipeline—the overbend—is supported by the stinger. The sag- 
bend, the lower part of the curve, must be maintained at a curvature that 
will not result in pipe damage by applying tension to the pipe with the lay 
barge tensioners. As the weight of the pipe and the water depth increase, 
the tension required to maintain the curvature in the saghend below the 
maximum increases. Since greater water depths usually call for heavier 
pipe to resist external pressure, the effect of increasing water depth on lay 
barge tension requirements is magnified. There are practical limits to the 
amount of tension that can be applied to the pipe on the lay barge. Too 
much force applied by the tensioners can damage the pipe coating, and 
increasing the length of the stinger on the barge makes it more susceptible 
to ocean forces. The anchor system holding the lay barge in place must 
resist these forces. 

For these reasons, the vertical-lay concept has been advanced. 
Exploration drilling has been done in water depths exceeding 5,000 ft, 
making it likely that pipelines eventually will have to be installed in sev¬ 
eral thousand feet of water. Conventional pipelaying techniques with 
minor modifications have been used to lay pipelines in water depths as 
great as about 2,000 ft, but the forces involved at these depths appear to be 
near the limits of conventional horizontal-lay methods. 

With a vertical-lay vessel, pipe would be suspended vertically (Fig. 
15-^3). A new joint would be added, aligned with a line-up clamp, and 
welded in the vertical position. The pipe would then be lowered so the 
next joint could be added. Weld inspection and coating stations could be 
included at different levels on the vessel. The pipeline would exit vertical¬ 
ly through a moonpool, a vertical opening in the vessel hull common in 
offshore drilling vessels. 

Not only would total tension required on the pipe during laying be 
less than when laying from a horizontal position, but the bulk of the ten¬ 
sion force would be in the vertical direction and would not have to be 
resisted by the vessel anchors. In fact, the small magnitude of this force 
might make the use of dynamic vessel positioning practical for vertical- 
lay vessels. Forces on equipment suspending the pipeline during laying 
would be well within the capacities of derricks used on offshore drilling 
rigs. For instance, calculations show that to lay a 36-in. pipeline in 3,000- 
ft water depths, about 350,000 lb of tension must be applied in the verti¬ 
cal-lay method. By comparison, laying the same size line in the same 
water depth using a horizontal-laying approach would require more than 1 
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Fig. 15-3 T&E IMS scada interface. Source: Oil & Gas Journal, 5 March 1990, p. 67. 


million lb of tension. 9 

Whether or not this approach to deep water pipelaying is used 
depends on the economics of a particular project. Nevertheless, it does 
offer a potential- alternative in extreme water depths. 

The use of flexible pipe is another approach to offshore pipelaying 

that can speed construction and reduce costs. 

Onshore, the growing need to rehabilitate older lines will bring 
improvements in methods of uncovering, repairing, and reinstalling 
pipelines. 

MEASUREMENT 

,- 1 raditional measurement equipment—orifice meters, positive 

displacement meters, and turbine meters—will continue to be 
the most widely used oil and gas measurement systems for the 
foreseeable future. But other types of meters are in commer¬ 
cial use and are expected to find increasing application. 
_ There will also be increased emphasis on the measure¬ 
ment of natural gas heating value. Mass measurement rather than volu¬ 
metric measurement will be used increasingly, especially to measure light 
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Fig. 15-4 Pipe is spooled onto reel, unspooled at job site. Source: Oil & Gas Journal, 13 February 
1978, p. 60. 

hydrocarbons and other streams whose density varies widely with flowing 
conditions. 

Important improvements in oil and gas measurement will also focus 
on the use of sophisticated equipment to improve the accuracy of conven¬ 
tional measuring devices and drastically increase the speed of data collec¬ 
tion and analysis. Today, the value of oil, natural gas, and products is such 
that sizable expenditures to reduce inaccuracy and loss can be justified. 
And highly accurate leak-detection models and software depend heavily 
on the accuracy of flow measurement devices and other data gathering 
equipment. 

New types of meters, such as the vortex flowmeter discussed in 
Chapter 10, are expected to be used in a growing number of applications. 
They can operate over a broader range of flows than the orifice plate/dif¬ 
ferential pressure meter with acceptable accuracy, and they require no 
density correction in determining flow volume. 

Another approach to mass measurement is the coriolis mass meter. 
Field trials of a coriolis meter indicate it may be particularly useful in 
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measuring natural gas liquids, and other pure and mixed products." 

In a study aimed at improving measurement methods and reducmg 
costs, a coriolis meter was installed in NGL service. A typical NGLmew 
station would include a turbine or positive-displacement meter, a den 
meter, associated meter runs, and instrumentation. According to the 
report on this installation, replacing this conventional system with a Cori¬ 
olis' mass meter would save at least $6,000 in initial cost. Maintenance 

and operating costs would also be reduced. - 

The coriolis mass meter has a tuning fork-shaped U-tube, with its 
legs anchored at the tips. The tip openings are parts of the process connec- 

tl ° nS ' The U-tube, or sensor tube, is vibrated magnetically while the fluid 
flows through it. In a given length of time, the fluid produces a torque 
which twists the legs of the U-tube about the anchored tips. The an^eo 
twist is measured by the magnetic position sensors located near the be nd 
of the U, the twist of one leg is not in phase with that of the other leg. 

This phase shift is proportional to the mass flow. 

The coriolis meter measures the rate continuously, without any cor¬ 
rections for pressure, viscosity, or compressibility. It is, however, sensi¬ 
tive to the thermal expansion of its tubes, so tube temperature must be 
measured continuously. 
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Fig. 15-6 Vertical pipelay concept. 
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MONITORING AND 
CONTROL 

ide use is already being made of computer-based monitoring 
and control of all types of pipeline systems, but this area of oil 
and gas pipeline operations will continue to be improved. 
Advances will be fueled by the increasing capability of com¬ 
puter hardware, new software, growing pressures to reduce 
operating and maintenance costs, and more complex accounting and 
tracking requirements. 

Such control systems are no longer used only on large, complex sys¬ 
tems because they are the only feasible way to maintain control and gath¬ 
er information. Computer-based operation can be justified for even small 
field gathering systems. Real-time data and the ability to make repetitive 
calculations easily can provide fuel savings and reduce labor costs in even 
small pipelines. Though the change in operating conditions may be slight, 
the accumulated savings over a year's operating time can be significant. 

Coupled with system control, real-time monitoring of rotating 
equipment and other system components can reduce fuel consumption. 
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Sophisticated evaluation of pump, compressor, and driver mechanical con¬ 
dition has been shown to reduce maintenance costs and extend operating 

lifC ' Computer software will also become more application oriented and 
practical. Pipeline operators and designers now use computer equipment 
routinely. As software capability grows, they can find ways to apply the 
latest methods quickly. Many modem pipeline systems include scores of 
inlet points and delivery points as well as several different products. Only 
a computer-based system of control, measurement, and equipment moni¬ 
toring can hope to operate such a system efficiently. 

In the 1980s, the number of Scada systems installed grew quickly. 

Leak detection will also benefit further from advances in computer 
modeling of pipeline systems. Leak detection requires precise knowledge 
at all times of a variety of parameters. The only way to obtain these on a 
timely basis is with continual scanning by instruments that report to a 
computer. The computer can then calculate the volume of fluid entering a 
segment of the pipeline and compare it to the volume leaving the segment 
and determine if a leak has occurred. There will be increased use of 
pipeline system modeling to detect leaks and improve efficiency. 
Modeling will also be common in solving complex design problems, such 

as those involved in two-phase flow. 

The result of this widespread use of computer-based momtormg, 
control, and modeling will be greater efficiency, lower operating costs, and 
increased safety. 


WELDING 



hough it is still used for only a small portion of oil and gas 
pipeline welding, automated welding has provided pipeline 
builders and operators with high-quality welds and high 
pipeline laying rates during construction. But continued devel¬ 
opment of automated welding equipment and techniques will 
be needed to meet the demands of tomorrow's construction environ- 

mCnt A computer-controlled welding machine designed for multipass 
welding of heavy-wall pipe was developed in 1974, for instance, an 
underwent testing and development in the following years. This machine 
was developed for lay barge operation, then was tested to evaluate its 
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effectiveness for use in land pipelaying. In offshore tests, it was operated 
at system rates equal to more than 200 single joints per day for 36-in. pipe 
with a 0.750-in. wall thickness. 11 

The computer-controlled machine has four welding heads, and the 
computer is programmed for all weld passes needed to make a complete 
weld at a single station. It can also be used with a multistation welding 
arrangement where any one station can make any weld pass. Any welding 
parameter can be changed at any position by programming the computer 
and the appropriate transducer. 

This computer-controlled system uses a hot-wire, gas-tungsten arc 
welding (GTAW) process, and all welding is done from the outside of the 
pipe. An internal line-up clamp is used to ensure the proper positioning of 
the two pipe joints. Each of the four welding heads in the unit has an elec¬ 
tronic controller. A central processing unit controls the interaction of the 
heads. Controls for one welding head include an automatic voltage control 
chassis, wire feed and AC heat control chassis, DC current control chas¬ 
sis, and an oscillator chassis. 

All weld parameters that vary either from pass to pass or during a 
pass are stored in magnetic core memory. DC arc voltage, DC current, 
wire speed, wire heat, oscillator rate, oscillator width, and carriage rate are 
analog set points to their respective control circuit. 

This particular system underwent further development in the late 
1970s. It shows the potential to increase the efficiency and quality of 
pipeline welds even under difficult field conditions. 

Special welding processes will also be needed for possible future 
pipeline operations. In the J-curve, or vertical-laying, method designed for 
installing pipelines in a very deep water, the electron beam welding 
method is thought to be the best approach. In the J-curve method, welding 
is expected to be done at a single station, and electron beam welding offers 
an advantage in this arrangement. It is faster than other welding processes 
and can weld thick-wall pipe in a single pass. No preheating or postheat¬ 
ing is required when using electron-beam welding. 
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THE FUTURE 

ipelines will be the most economical way to transport oil, gas, 
and petroleum products overland in the foreseeable future. It 
is apparent from the previous chapters that the oil and gas 
industry has the basic technology needed to build and operate 
_ pipelines in almost any environment. Emerging technology 
discussed in this chapter involves only refinements of the capabilities 
already routinely used in oil and gas pipeline operations. 

Most future advances in oil and gas pipeline technology will also be 
gradual improvements in efficiency and capability. Few dramatic changes 
are expected. 

Welding will continue to be the best method for joining pipe, tor 
instance, although new procedures will be developed. Offshore pipelines 
will continue to be installed from lay barges, but lay barge capability will 

be increased to handle deeper water. 

The continuing challenge facing pipeline designers and operators is 
to reduce construction and operating costs and improve safety and effi¬ 
ciency. Most of the technology required in the coming years will not be 
revolutionary, but the need for innovative approaches to lower cost and 
higher efficiency has never been greater. 
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Absolute pressure, 76 
Acceleration head, 111 
Acoustic emission 
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Air quality, 332 
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Automatic welding, 198 
Automation, 223 
Auxilliary services, 144 

B 

Backfilling, 159 
Base conditions, 89, 243 
Base pressure, 243 
Base temperature, 243 
Batches, 228 
Batching, 39 

Belowground storage, 258 


Bending machine, 157 
Bending shoe, 178 
Black Mesa, 45 
Booster pump, 101 
Booster station, 100 
Boring, 159 

Bottom sediment and water 
(BS&W), 241 
Brake horsepower, 131 
BTU measurement, 256 
Buckle arrestors, 185 
Buckling, 183 

C 

Camera tools, 291 
Cap pass, 195 
Capacity, 70 
Carbon content, 52 
Carbon dioxide, 34 
Carbon tax, 323 
Cathodic protection, 95, 268 
Cavitation, 44,110 
Cement asbestos pipe, 59 
Central Area Transmission 
(CATS) System, 6 
Central European Pipeline, 9 
Centrifugal compressor, 120 
Centrifugal pump, 108 
Certification, 311 
Chart integration, 244 
Charter, 23 

Chemical composition, 52 
Clean Air Act, 323 
Clean Water Act, 331 
CC >2 pipeline, 43 
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Coal slurry pipeline, 40, 45 
Coal tar enamel, 61 
Coal tar epoxy, 61 
Coating and wrapping, 61, 158 
Code for Pressure Piping, 85 
Collapse, 184 
Collapse resistance, 95 
Colorado Interstate Gas Co., 221 
Compressibility, 74, 123 
Compression ratio, 121 
Compressor, 35, 117 
Compressor capacity, 123 
Compressor cost, 16 
Compressor cylinder, 119 
Compressor driver, 132 
Compressor frame, 120 
Compressor horsepower, 72, 124 
Compressor selection, 124 
Compressor stage, 121 
Compressor station, 18, 35, 

44, 95, 100 

Concrete coating, 63, 167 
Construction cost, 17, 147 
Construction factor, 85 
Contract, 312 
Contract abstracts, 221 
Cooling station, 43 
Coriolis mass meter, 256, 352 
Corrosion, 30, 60, 149 
Corrosion coating, 61 
Corrosion currents, 269 
Corrosion growth rate, 296 
Corrosion repair, 303 
Crude oil gathering lines, 3 
Crude oil trunklines, 3 
Cullen Report, 105, 324 
Cushion gas, 262 
Custody transfer, 240 


D 

Deadweight ton, 19 
Defects, 53 
Dehydration, 34 
Delivery pressure, 71 
Densitometers, 229 
Density, 74 

Department of Transportation, 103 

Derating, 143 

Derrick/lay barge, 168 

Dewater, 232 

Diesel engine, 128, 142 

Differential pressure, 113 

Directional drilling, 161 

Discharge piping, 112 

Ditching, 154 

Diving bells, 182 

Double-hull tanker, 21,334 

Double jointing, 156, 202 

Drag reducers, 346 

Drips, 102 

Driver, 105 

Drying, 163 

Dynamic positioning, 167 
£ 

Efficiency curves, 105 
Electric motor, 134, 284 
Electric welded pipe, 51 
Electron beam welding, 194 
Electroslag welding, 194 
Emergency shutdown system, 104 
Emergency shutdown valves, 326 
Eminent domain, 152 
Energy consumption, 3, 94 
Energy content, 240 
Energy efficiency, 3, 93 
Energy Transportation 
Systems, Inc., 45 
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Engine analyzer, 144, 278 
Environmental impact, 148 
Environmental impact statement 
(EIS), 153, 339 
Environmental laws, 32 
Environmental protection, 270, 321 
Environmental standards, 337 
Epoxy powders, 62 
European Commission, 316 
Expert systems, 227 
External corrosion, 299 
Extrusion, 64 

F 

Federal Energy Regulatory 
Commission (FERC), 12, 308 
FERC orders, 312 
Fiberglass pipe, 59 
Fiberoptic probe, 280 
Fill pass, 195 
Fittings, 79 

Flags of convenience, 22 
Flexible pipe, 60 
Flow coefficient, 80 
Flow efficiency, 41 
Flow improvers, 71, 346 
Flow regime, 42, 86, 90 
Flowing well, 29 
Flowline, 28 
Fluid, 74 
Fluid flow, 76 
Flux cored arc welding, 193 
Forming, 64 
Freeze plug, 275 
Friction factor, 75, 88 
Friction losses, 86 
Frost heave, 92, 186 
Fuel consumption, 140 


Fuel costs, 128 

Fusion bonded epoxy, 61,302 

Fusion bonded polyethylene, 61 

G 

Gas chromatograph, 82 
Gas distribution, 60 
Gas gathering, 33 
Gas marketers, 311 
Gas metal arc welding, 51, 193 
Gas mixtures, 82 
Gas pipelines, 81 
Gas transmission, 35 
Gas transmission line, 33 
Gas tungsten arc welding, 193 
Gas turbine, 128, 137 
Gasification, 24 
Gathering lines, 11, 27, 31 
Gauge pressure, 76 
Gauging, 30, 259 
Gauging tool, 291 
Global warming, 323 
Gravitometer, 255 
Grit blasting, 300 
Grooved couplings, 210 
Guniting, 64 

H 

Hazardous Liquid Pipeline Act, 326 
Hazardous Materials 

Transportation Act, 326 
Hazardous waste, 329 
Hazen and Williams equation, 79 
Head, 105 
Heat content, 240 
Heat exchanger, 285 
Heat treating, 52 
Heating value, 256,351 
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Heavy crude, 80 

High strength pipe, 50 

Hoop stress, 83 

Horsepower, 128, 143 

Hot pass, 195 

Hot tap, 274 

Hydrates, 93, 163 

Hydraulic horsepower, 114, 131 

Hydrogen sulfide, 34, 332 

Hydrostatic pressure, 184 

Hydrostatic testing, 148, 162, 290 

I 

Ice plug, 275 
Impingement, 65 
In-line pumps, 110 
Industrial turbine, 137 
Inspection, 157, 181, 290 
Installation stresses, 164 
Instrumented pig, 271 
Insulated pipelines, 80 
Insulation, 186 
Integral reciprocating 
compressor, 118,142 
Interface detection, 228 
Internal combustion engine, 128 
Interstage cooling, 102, 122 
Interstate pipeline, 11, 152,308 
Intrastate pipeline, 308 

J 

J-lay method, 171, 194 
J-tube method, 177 
Jetting, 179 
Joining methods, 210 
Jointers, 53 


L 

Lay barge, 60, 164 
Laying stresses, 95 
Leak detection, 214, 270 
Lease automatic custody 
transfer, 30, 241 
Lightering, 22 
Line fill, 271 
Line pipe, 49, 

Line report, 226 
Line size, 77 
Liquefaction, 24 
Liquefied natural gas (LNG), 19 
Liquefied petroleum gas (LPG) 
carrier, 24 

Liquefied petroleum gases (LPG), 37 
Liquid holdup, 90 
Liquid phase, 39 
Liquids pipeline, 77 
LNG pipeline, 40 
LNG storage, 263 
LNG tanker, 23 
Local distribution company 
(LDC), 10 

Longitudinally welded pipe, 50 
Looping, 71 
Lowering in, 158 

M 

Magnetic-flux leakage pigs, 290 
Maintenance, 267, 277 
Maintenance expense, 18, 129, 136 
Manifolds, 103 
Manual welding, 196 
Marine Spill Response Corp., 334 
Mass flow measurement, 254, 351 
Mean effective pressure, 143 
Measurement, 239 
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Mechanical connector, 277 
Mechanical joint, 210 
Mega-NOPR, 314 
Meter prover, 117, 220, 249 
Meter run, 242 
Meter station, 242 
Meter tube, 245 
Metering, 29, 117, 164 
Microprocessors, 222 
Minimum cover, 156 
Mobile compressors, 94 
Modified Panhandle equation, 87 
Monitoring, 214 
Motor enclosure, 136 
Multifuel systems, 140 
Multiphase meter, 345 
Multiphase pipelines, 40 
Multiphase pump, 106, 345 

N 

National Energy Strategy, 310 
Natural gas liquids, 34, 37 
Natural gas liquids storage, 261 
Natural Gas Pipeline Safety 
Act, 326 

Natural Gas Policy Act 
(NGPA), 308 
Natural gas storage, 262 
Negative buoyancy, 167 
Net positive suction head, 111 
Nominations, 222 
Nondestructive testing, 207 
North Sea, 5 
North Slope, 35 
Northern Tier Pipeline, 153 
Northwest Oil Pipeline, 6 


O 

Office of Pipeline Safety, 298 
Offshore burial, 328 
Offshore pipeline, 17, 59,164 
Offshore pipeline construction, 187 
Offshore platform, 104 
Offshore terminal, 22 
Oil pipeline regulation, 317 
Oil Pollution Act of 1990, 334 
Oil spill, 21 

On-ice construction, 187 
Open access, 313 
Operating costs, 4, 18 
Operating pressure, 43, 76, 83 
Order 436, 313 
Order 500, 313 
Order 636, 315 
Orifice meter, 241 
Orifice plate, 246 
Overbend, 64, 166 
Overhaul, 144, 285 
Oxyacetylene welding, 3 

P 

Packing, 108 
Panhandle equation, 87 
Peak demand, 70 
Permafrost, 186 
Petroleum reserves, 9 
Physical properties, 52 
Pig, 101 

Pig launchers, 235 
Pig traps, 235 
Pigging, 162, 229 
Pipe coating, 49, 60 
Pipe diameter, 74 
Pipe ends, 53 
Pipe length, 74 
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Pipe weight, 55 
Pipeline bridges, 161 
Pipeline burial, 178 
Pipeline companies, 9 
Pipeline construction, 12, 147 
Pipeline control systems, 213 
Pipeline costs, 16 
Pipeline crossing, 161 
Pipeline design, 69, 78 
Pipeline regulation, 307 
Pipeline repair, 273 
Pipeline riser, 164 
Pipeline safety, 323 
Pipeline sizes, 55 
Pipeline systems, 2 
Piper Alpha, 326 
Piston pump, 106 
Plain end pipe, 54 
Plasma arc welding, 193 
Plowing, 179 

Polychlorinated biphenyl (PCB), 331 

Positive displacement meter, 247 

Positive displacement pump, 106 

Pour point, 75, 80 

Power factor, 135 

Power wrapster, 302 

Pressure drop, 78 

Pressure losses, 72 

Pressure point analysis, 216 

Pressure surges, 224 

Prices, 93 

Prime mover, 127 

Processing plant, 34 

Producing countries, 6 

Products pipeline, 3,11, 37 

Pulsation, 107, 247 

Pump driver, 117 

Pump efficiency, 39, 105, 131 


Pump horsepower, 72 
Pump selection, 113 
Pumping station, 31, 39, 101 

R 

Radiography, 207 
Rate design, 310 
Reciprocating compressor, 117 
Reciprocating engine, 142 
Reciprocating pump, 107 
Recoating, 297,300 
Redundancy, 224 
Reel barge, 164, 169, 348 
Regulation, 5 
Rehabilitation, 12, 297 
Remote controlled underwater 
vehicles, 182 
Reserves, 14 

Resource Conservation and 
Recovery Act (RCRA), 329 
Reynolds number, 75, 253 
Right of way, 151 
Riser installation, 174 
River crossings, 151 
Road crossing, 96 
Rod loading, 120 
Root pass, 195 

Rotterdam-Rhine Pipeline, 6 
Roughness, 87, 94 
Route selection, 149 
Russia, 4 

S 

Safety, 321 

Safety regulations, 103 
Sagbend, 166 
Saltwater disposal, 59 
Sand blast, 300 
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Scheduling, 214, 225 
Scraper, 101 
Scraper traps, 101 
Seamless pipe, 50 
Semisubmersible lay barge, 168 
Separator, 29, 102, 123 
Shaft horsepower, 127 
Shielded metal arc welding, 192 
Shot blast, 300 
Siberia, 5, 35 

Single-point mooring terminals, 22 
Slug, 42 

Smart pig, 101, 289 
Sonic interface detectors, 229 
Sour gas, 332 

Southern European Pipeline, 9 

Soviet Union, 5 

Specific gravity, 74, 83 

Sphere, 231 

Sphere launchers, 235 

Spiral weld pipe, 51 

Spot gas, 312 

Spread, 152 

Standard B31.8, 85 

Standard conditions, 89 

Station construction, 163 

Station report, 226 

Status points, 219 

Stinger, 165 

Storage, 258 

Storage capacity, 259 

Storage reservoirs, 263 

Straightening vanes, 246 

Strategic Petroleum Reserve, 261 

Stress corrosion cracking, 299 

Stringing, 156 

Submerged arc welding, 51,193 
Suction piping, 111 


Supertankers, 22 

Supervisory control, 129,215, 224 
Supervisory control and data 
acquisition (Scada), 215, 346 

T 

Take or pay, 309 
Tank battery, 29 
Tankage report, 226 
Tanker, 19, 321 
Tanker capacity, 19 
Tanker safety, 334 
Tanker terminal, 260 
Tapping machine, 273 
Temperature, 74 
Temperature derating factor, 86 
Tennessee Gas Co., 4 
Tensioning system, 165 
Testing, 181, 207 
Test pressure, 52, 162 
Texas Eastern, 4 
Texas Eastern Products 
Pipeline, 227 

Theoretical horsepower, 133 
Threaded couplings, 210 
Tie-in, 173 

Tow method, 164, 171 
Trans-Alaska pipeline, 33, 92, 153, 
186, 303, 322, 347 
Trans-Arabian pipeline, 5 
Trans-Mediterranean pipeline, 168 
Transmission line, 27 
Transportation cost, 2, 23 
Trunk lines, 11, 27, 31 
Turbine capacity, 141 
Turbine meter, 247 
Two-phase flow, 41 
Two-phase pipeline, 41, 90 
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U 

Ultra large crude carriers, 22 
Ultrasonic detector, 282 
Ultrasonic inspection tool, 293 
Ultrasonic leak detection, 271 
Unbundling, 314 
Underwater plows, 181 
Underwater welding, 277 
U.S. Code of Federal 
Regulations, 203 
Utilities, 35 

V 

Valdez, 21, 321 
Valves, 79 
Vapor pressure, 75 
Vertical lay, 164, 171, 349 
Very large crude carriers, 22 
Viscosity, 75 

Volume flow measurement, 254 
Volumetric efficiency, 123 
Vortex meter, 251, 352 

W 

Wall thickness, 30 

Water, 34 

Water blast, 300 

Waxy crude, 81 

Weight coated, 149 

Weld cracks, 209 

Weld defects, 208 

Weld passes, 195 

Welder qualification, 204 

Welding, 191, 355 

Welding procedures, 195, 203 

Welding processes, 192 

Welding station, 164 

Weymouth equation, 87 

Wrapping machine, 63 


X 

X-ray, 157, 207 
Z 

Zeepipe, 6 








